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Preface

Howard S. Geller, Executive Director,é American Council for an
Energy-Efficient Economy

Gunnar E. Walmet, Program Director, New York State Energy
Research and Development Authority

Utilities in the United States, Canada, and other parts of the world are
rapidly expanding their investment in end-use efficiency measures. In
the United States alone, utilities are now spending around $2 billion
per year representing approximately 1% of their revenues on demand-
side management (DSM). The most aggressive utilities are investing
2% to 6% of their gross revenues in DSM. This growing commitment
is being stimulated to a large degree by regulatory incentives.

As a strategy for increasing utility investment in end-use effi-
ciency and thereby reducing the total cost of energy services, regula-
tory incentives move beyond trying to coerce utilities or to appeal to
their sense of public duty. Rather they attempt to establish a system of
rules whereby DSM investments are at least as profitable if not more
profitable, when successfully executed, as conventional supply-side
investments. The apparent logic of this approach has prompted more
than 20 states to adopt or experiment with regulatory incentives since
1989. Although the incentive approach is still in its infancy, it is time
to review its evolution, compare the different incentive options, exam-
ine preliminary results, and highlight problems and challenges. That is
the objective of this pioneering book.

Top experts from across the country contributed chapters to this
volume. The result, in our view, is a balanced presentation including
utility, regulatory, and research perspectives. The book also features
the latest initiatives and ideas related to regulatory incentives. It should
be useful to those looking for an introduction to the subject as well as
to those already working in the field. We hope that the book will lead
to more extensive and effective regulatory incentive programs. At a
minimum, it should broaden the understanding and appreciation of an
important trend in the utility industry.

This book is the fourth major product of the collaboration between
our two organizations that began in 1988. Earlier volumes analyzed

vii
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electricity conservation potential in New York, lessons learned from
utility DSM programs throughout the country, and programs for maxi-
mizing DSM implementation in New York. These state-of-the-art stud-
ies are helping to improve energy efficiency efforts in New York and
throughout the country. We hope this volume will have similar effects,
and we commend the editors and contributors for their excellent work.



Foreword

All ratemaking is incentive ratemaking. It rewards some patterns of
conduct and deters others.

Many discussions of demand-side management “incentives” in
ratemaking assume that no incentives existed until recently. This mis-
take has given rise to artificial debates about whether all utility
demand-side management is being “subsidized.”

Wise regulation understands the incentives that are woven into its
ratemaking decisions and assures that they are consistent with sound
management and state policy. Unsound regulation resorts to the his-
toric formulas and incantations, treating the resulting utility behavior
as something to be chastised or rewarded separately or—worse yet—
legislated.

Anyone wanting to know the incentives implicit in historic rate-
making practice need only look at what the utilities did and didn’t
undertake—the good and the bad.

If managements have been mediocre in a particular jurisdiction
for a long period of time, it is because ratemaking has neither
rewarded good management nor penalized its opposite. If a particular
jurisdiction has seen a frequent refusal of utility management to reev-
aluate commitments to unsound construction projects, that jurisdiction
probably required that plant be “used and useful” before it could earn.
If fuel purchase practices have been unsound, the villain is very likely
to be the lack of scrutiny inherent in automatic fuel adjustment
clauses.

Similarly, utility reluctance to become involved with demand-side
management or with energy efficiency generally was itself the product
of several incentives woven into conventional ratemaking.

First, until the nuclear construction debacles, utilities grew by
increasing their investment in plant.!

This growth led to increased earnings and increased corporate and
executive prestige. It also, in a time of substantial economies of scale

' This is the Averch-Johnson-Wellisz (AJW) effect discussed in Kahn, The Economics
of Regulation: Principles and Institutions, Volume II, pp. 4959, John Wiley & Sons, Inc.,
1971.
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in electric power generation, tended to lead to lower prices. These
price reductions often took the form of incentives to consume, such as
lower rates for high levels of use, or specific discounts for all-electric
homes.

In addition, the tax incentives of the early 1970s—accelerated
depreciation and the investment tax credit—biased utility decision
making toward investment rather than conservation.

Fuel adjustment clauses compounded this tendency. Not only did
they assure automatic recovery of the largest single variable cost, but
their reconciliation mechanisms often assured that kilowatt-hours sold
during peak periods would be profitable even though their price was
below their cost of production.

Against this background, treatises in the 1970s by the Ford Foun-
dation’s Energy Policy Project* and by Amory Lovins® suggesting that
the consumer’s interest was in fact better served by conservation were
widely unwelcome among utility executives, who spent more money
in the 1970s seeking to discredit Lovins than they did on demand-side
management.

As states began to require utility involvement in energy conserva-
tion, the interests of stockholders and customers diverged, a sure rec-
ipe for profound problems. The result was a sullen stalemate in which
utilities praised conservation while damning conservationists. The
required sums of money went into pilot projects, studies, conferences,
and load shifting—but rarely into programs designed actually to save
kilowatt-hours.

Early proposed reforms did not address the fundamental problem.
The recovery of conservation expenses does nothing to diminish the
incentive to sell kilowatt-hours. Inclusion of conservation costs in rate
base creates incentives to institute ineffectual programs, which would
then both earn a return and permit sales to continue.

Only in California was an adjustment mechanism (ERAM)
adopted that actually assured that utility earnings would not suffer
through declining sales. Not surprisingly, California utilities led the
nation in their commitment to energy conservation in the early 1980s.

Fortunately, the last four years have seen the end of the stalemate
in which public policy pointed in one direction and utility shareholder
interests pointed in another. As a result, we now have sufficient expe-
rience with a range of demand-side management incentive programs to
begin to develop a literature on the subject.

2 A Time to Choose: America’s Energy Future, Ballinger Publishing Co., Cambridge,
Mass., 1974.
3 “Energy Strategy: The Road Not Taken,” Foreign Affairs, October, 1976.
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Many difficult issues remain. The role of the federal government
can charitably be described as undefined. Washington still prefers to
focus its energy policy attention on issues that divide us—such as the
Arctic Wildlife Reserve and nuclear power—instead of on issues that
enjoy broad support, demand-side management and environmental
considerations foremost among them. Striking a sensible balance
between utility demand-side management programs and the demand-
side initiatives of competing companies, especially in a time of reces-
sion, will inevitably lead to frustration before any real consensus is
reached.

Issues of measurement and of comparison with supply-side alter-
natives abound.

The good news is that we have had scant cause so far to reconsider
the fundamental commitment to reforming ratemaking in order to
reward sensible demand-side management programs. If the fundamen-
tal ideas discussed in this book were wrong, the horror stories would
already be beginning to accumulate. Certainly enough hostility and
skepticism about demand-side management programs still exist to
assure that the failures will be highly publicized. This compendium of
articles helps to fulfill the commitment of every state commission and
utility to learn from demand-side management operating experience.
Only through such efforts can utility regulation be harmonized with
customer response and utility management practices.

Peter Bradford
Chairman, New York
Public Service Commission
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Chapter 1

Why Regulatory Reform for
DSM

David Moskovitz

introduction

The United States has vast opportunities to increase energy efficiency.
Greater reliance on energy efficiency can, in turn, reduce our national
energy costs, increase our competitiveness and security, and improve
our environment. Credible estimates indicate that cost-effective tech-
nologies available today have the potential to cut the nation’s electricity
use by 30% to 75% without lifestyle changes or reduced growth of the
Gross National Product (GNP) (Gellings et al. 1990).

Much of this country’s opportunity for reaching this higher level
of energy efficiency lies with our regulated electric and gas utilities,
the sector of the economy where energy decisions are most influenced
by government control. Unfortunately, regulation as currently prac-
ticed in most areas of the country discourages rather than encourages
the development of this important potential asset.

A carefully targeted reform of some aspects of current regulatory
practice could accelerate development of this large energy efficiency
resource. Without such regulatory reform, the energy efficiency
resources available to the electric and gas industries will not be fully
tapped, reducing the economic and environmental benefits that would
otherwise accrue.

Of the ten industrialized nations that comprise the Organization
for Economic Co-operation and Development (OECD), the United
States ranks ninth in energy efficiency. We use twice as much energy
as Japan, West Germany, or Sweden to produce a dollar of GNP
(Flavin and Durning 1988). Only part of this difference in energy
intensity can be explained by societal factors unrelated to national lev-
els of energy efficiency.
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Adopting cost-effective energy efficiency as the nation’s energy
investment strategy could substantially reduce the United States’
annual $170 billion electricity bill. A cost savings of this magnitude
would improve United States global competitiveness and would help
reduce our trade deficit (Gellings et al. 1990).

Detailed macro-economic studies performed in conjunction with
the National Energy Strategy show that relative to a business-as-usual
scenario that does not emphasize energy efficiency, higher levels of
commitment and investment in energy efficiency would result in a
cleaner environment, produce increases in the nation’s GNP, and
reduce energy prices for American consumers (US DOE, 1991).

The environmental effects associated with electricity production
are substantial. In the United States, electric utilities generate 20% of
the gases linked to potential climatic change as well as 70% of sulphur
dioxide and 33% of nitric oxide emissions. These latter two pollutants
are primary contributors to acid rain and urban smog. In addition to
atmospheric emissions, 85% of all nuclear waste is produced in elec-
tric generating facilities. Increasing the efficiency of our energy use,
particularly electricity, can produce substantial environmental and
health benefits (Ketcham-Colwill 1989, MacKenzie 1989).

Least-Cost Planning

In recent years many state regulatory agencies have made attempts to
“capture” some of this potential resource. In the past few years, utility
regulators in many jurisdictions have required utilities to use a least-
cost planning (LLCP) process when selecting new energy resources. In
addition, a number of utilities have voluntarily embraced LCP.

LCP, sometimes called integrated-resource planning, requires
utilities to consider energy efficiency resources equally with traditional
supply-side resources in determining the best way to meet forecasted
energy demand. The choice is based on cost; the less costly resources
are selected for development before more expensive ones. In this man-
ner, ratepayers and society will be able to meet future demands for
energy while minimizing the total resource cost. v

Because energy efficiency is often the least costly resource avail-
able, this selection process typically results in a sizable investment by
our electric and gas utilities in energy efficiency. For example, in New
England, Wisconsin, and the Pacific Northwest—where LCP practices
have been used for some time-—utilities are currently investing 3% to
6% of gross revenues in demand-side activities (Moskovitz, Nadel &
Geller 1991). This level of investment is ten times greater than the
level in most other states. Yet even in these high-investing regions,
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demand-side programming has not begun to exhaust available cost-
effective energy efficiency opportunities.

Unfortunately, while a few utilities are genuinely pursuing least-
cost planning, many are simply not investing in the efficiency
resource. The average utility in the United States spends very little
money on energy efficiency and focuses instead on load growth, load
shifting, power marketing, or discount and incentive rates (Moskovitz,
Nadel & Geller 1991).

Despite the strong interest of utility regulators in the LCP process,
LCP has had a difficult transition from theory to practice. The major
obstacle to this broader application is related to traditional regu-
latory practices in most jurisdictions.

Conventional regulation provides powerful disincentives to utility
investment in energy efficiency and equally powerful positive incen-
tives for utilities to increase sales. Conventional regulation links the
earnings of utilities to their level of kilowatt-hour sales. Because
energy efficiency decreases sales, this fundamental orientation of cur-
rent regulatory practice penalizes energy efficiency investments and is
contrary to the intent and goals of LCP.

Utility earnings from the demand side are also adversely affected
by regulatory cost-recovery practices. Often these mechanisms pro-
duce an implicit bias toward the supply side because they sometimes
fail to provide full and prompt recovery of utility demand-side resource
costs.

Unfortunately, full development of the cost-effective energy effi-
ciency resource in the United States will probably not occur without
removal of these serious regulatory impediments.

Utility executives react to the regulatory and financial environ-
ment, and they respond with formidable financial, technical, legal, and
political resources. The critical question for regulators, policy makers,
and lawmakers is: can existing regulatory practices be successfully and
equitably modified to create an environment that causes electric utili-
ties to fully embrace and seriously implement least-cost planning?

Regulatory Impediments to Energy Efficiency
investment

The ratemaking process currently used in most jurisdictions provides
these economic incentives for utilities:

» Regardless of its generation cost or price, each kilowatt-hour (kWh)
a utility sells adds to earnings.
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¢ Each kWh saved or replaced due to improved energy efficiency
reduces utility profits irrespective of the cost of the demand-side
measure.

* The only direct financial consequence of regulation that encourages
utilities to pursue cost-effective conservation is the risk that dissatis-
fied regulators may disallow costs.

Clearly, these incentives are inconsistent with significant levels of
utility investment in conservation. Admittedly, these existing incen-
tives were not a conscious creation of the regulatory process as it
evolved over the last century. Nevertheless, they are real and continue
to exert a powerful and persistent influence over utility business objec-
tives and corporate cultures.

Only limited progress implementing large-scale efficiency pro-
grams is possible in an environment dominated by such powerful,
opposing economic forces. Although regulators rightly insist on the
implementation of least-cost planning, the reality is that they adminis-
ter a process that rewards utilities for non-conformance with that goal.
Because utilities are “profit maximizing” entities, LCP is likely to find
limited real success until means are found to align the financial interest
of the industry with the goals of least-cost planning.

What is it about the traditional rate-setting process that produces
all the wrong incentives?

Profits Are Not Fixed

As regulated monopolies, utilities are entitled to have their prices set
at a level that allows recovery of all prudently incurred operating
expenses and fixed costs, plus a reasonable rate of return on their rate
base, calculated as their capital investment in power plants, transmis-
sion and distribution facilities, meters, trucks, inventory, and working
capital, less depreciation.

However, contrary to public perceptions, utility profit levels are
not fixed, capped, or guaranteed by regulators. Instead, at the time of
formal rate cases, state public utility commissions set prices at levels
to allow utilities to collect enough revenue to cover costs and earn a
fair rate of return. The ratesetting process is based on the assumption
that the relationship between future costs and sales levels will remain
the same as that calculated by the commission. Unfortunately, this
assumption about the future cost/sales relationship is rarely, if ever,
borne out. From the moment prices are set at the conclusion of one rate
case, to the moment they are reset at the conclusion of the next rate
case, the utility has an incentive to sell more energy whenever its mar-
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ginal revenue from the sale of power exceeds its marginal cost to pro-
duce and distribute that power.

The concept is simple. If you can sell a product for more than it
costs to produce, you make a profit. The more of the product you sell,
the more profit you make. This simple concept, however, becomes
complex when applied to electric utilities. Utilities provide services in
a monopolistic environment in which prices are set by regulators
instead of by the free market. Various regulatory instruments, particu-
larly fuel adjustment clauses, purchased power clauses, and regulatory
accounting practices combine to assure that the cost to the utility of
producing more power is essentially zero. This net zero cost to the util-
ity, as distinguished from the actual cost of the new power, is the result
of the “pass through” of the entire fuel cost and other variable costs
directly to the consumer. If the marginal cost of power to the utility, or
more precisely to utility shareholders, is essentially zero, every sale is
profitable.

If profits rise too high, regulators can intervene and lower the util-
ity’s price, but even when rates are lowered, the utility is not required
to give refunds or credits to customers to make up for previous excess
earnings. Thus, a utility may retain all the profit it earns between for-
mal rate cases. Nor does having more frequent rate cases resolve the
dilemma: the utility is always “between” rate cases—the intermediate
period when there is an incentive to maximize sales.

Fuel Adjustment Clauses, Purchased Power, and
Accounting Practices

The prevalence of fuel adjustment clauses is a major reason why the
cost of new power supply is not borne by utilities. Some 40% to 50%
of the average cost of electricity is determined by the cost of fuel (U.S.
DOE, 1991). To insulate utility shareholders from the impact of fluc-
tuating fuel prices on earnings, nearly all states allow utilities to adjust
prices to customers using fuel adjustment clauses, which transfer the
cost of fuel from the utility directly to ratepayers so that changing fuel
costs, as well as many other variable costs related to increased opera-
tions, do not affect profits.

In most jurisdictions, this “fuel adjustment” protection operates
whether a utility’s total fuel bill increases due to rising prices or
because more fuel is consumed to satisfy an increased demand for
electricity. A utility that spends more on fuel to meet increased demand
can recover every cent of these increased costs by raising the price of
electricity to spread the extra cost among its customers. Conversely if
less is spent on fuel than projected, due to lower sales resulting from
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an effective conservation program, the utility must pass all of the fuel
cost savings to consumers through lower rates without realizing any
cost savings for itself.

Fuel adjustment clauses combined with ordinary price setting and
accounting rules allow utilities to make money even when they sell
power for less than it costs to produce! For example, to meet increased
demand during peak periods, a utility may have to operate a relatively
inefficient diesel generator that consumes ten cents’ worth of fuel to
produce one kWh of electricity. The regulated price of power might be
seven cents per kWh, which represents five cents in fixed costs and two
cents allotted for the utility’s “average” fuel costs. It may appear that
the utility would suffer a loss when it generates power at a cost of ten
cents and sells it for seven. But the utility can recover the extra eight
cents (the generator’s ten-cent fuel cost minus the two-cent average
fuel cost) later by relying on the reconciliation requirements of the fuel
adjustment clause to raise rates. In effect, the utility charges customers
fifteen cents for the kWh, seven cents now and eight cents later through
the reconciliation provisions of the fuel clause. Meanwhile, the five-
cent non-fuel component of its seven-cent rate remains with the utility,
contributing to its bottom line.

Fuel is not the only example of a cost that is not incurred by a
utility when an additional kWh is sold. For example, when a utility
contracts for purchased power, whether from another utility or from
non-utility suppliers, the costs are generally treated like fuel costs. The
cost of new purchased power supply resources is passed on to cus-
tomers through various adjustment clauses. In this case the incremen-
tal cost of power to the utility’s shareholders is again zero and each
kWh sold contributes to the utility’s basic profits.

Generally accepted regulatory and utility accounting practices can
produce a similar effect. Deferred accounting practices widely used by
utilities, for example, permit them to incur costs that are in turn accu-
mulated and later recovered from customers. These deferred costs are
not treated as current operating costs that offset current operating rev-
enues. The result is that increased sales allow utility profits to grow
because utilities keep the revenue associated with increased sales while
deferring related costs for recovery from customers at a later time.

The Path to Regulatory Reform

The National Association of Regulatory Utility Commissioners
(NARUC) recognized the fundamental conflict between the incentives
inherent in existing regulatory practice and the LCP process in a July
1989 Resolution (NARUC 1989). In that resolution, which noted the
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significant ratepayer and societal benefits that could be realized from
successful LCP, NARUC urged its members to consider the disincen-
tives connected with the development of demand-side resources and to
adopt ratemaking mechanisms to correct the problem. Regulators were
urged to reform the regulatory systems so the successful implementa-
tion of a utility’s least-cost plan would be its most profitable course.

A word of caution: effective regulatory reform and the implemen-
tation of DSM incentives are not synonymous. Regulatory reform
encompasses the entire ratemaking and accounting process. Effective
regulatory reform may or may not result from the simple addition of a
specific DSM incentive plan or reward the type described in later chap-
ters. Even the combination of a DSM incentive plan and a lost revenue
adjustment or a decoupling plan may be counteracted by other aspects
of a particular state’s ratesetting process. The goal of regulatory
reform is, simply put, to ensure that activities consistent with a utility’s
least-cost plan are also consistent with the financial interests of
shareholders.

This book reviews in detail the types of regulatory reforms and
incentives that have been either applied or proposed to solve this regu-
latory dilemma. It is important, however, to clarify the precise charac-
ter of the objectives the reforms should be designed to accomplish.
Throughout this book, four broad questions will be asked about each
reform approach:

1. Does the ratemaking mechanism:
 Align the utility’s financial incentives with least-cost planning?

= Decouple profits from sales? Will profits change as sales go up or
down?

 Provide a positive incentive for DSM, or does it merely remove
disincentives?

2. Is the ratemaking mechanism performance-based and measurable?
Can key indices used in the incentive formula be objectively deter-
mined without major difficulties?

3. Is the ratemaking mechanism:
« Understandable? Can it be readily grasped?

* Predictable? Will the utility know in advance that a specific
accomplishment will produce a specific effect?

* Administratively simple? It should not be overly complex or dif-
ficult to administer.
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4. Does the ratemaking mechanism encourage other beneficial out-
comes, such as minimizing costs to society and/or non-
participants? Does it discourage undesirable outcomes, such as
“gaming” or “cream skimming”?

These issues are discussed in more detail in the following sec-
tions. In considering the merits of any proposal, the complete proposal
and each of the issues previously listed should be compared to existing
regulatory practices. Every proposal, no matter how well conceived,
will have weaknesses and produce its own unique set of perverse
incentives. Rather than ask if the proposed plan is ideal, regulators and
other concerned parties should ask: (a) if the new incentive structure is
better or worse than the incentives in the current system; (b) whether
utilities are likely to act on any of the perverse incentives; and (c)
whether unreasonable utility actions theoretically encouraged by a new
regulatory framework are easily detected and, hence, deterred. While
the ultimate goal of regulatory reform is to formulate a plan that is
fully consistent with LCP, perfection is unlikely. Instead, proposals
that provide realistic and significant improvements over the status quo
should be pursued.

Aligning Utilities’ Financial Incentives with LCP

The most important objective of reform must be to align the utilities’
financial incentives with LCP. To identify the approaches that meet this
basic objective, reform plans can be tested using a simple series of
questions. For example:

» Viewed from the utility’s perspective, what strategy would maximize
profits?

» What happens to profits if the utility sells another kWh?

» What happens to earnings if sales are reduced by one kWh through
conservation programs that cost one cent per kWh?; two cents?; ten
cents?

» What happens to profits if a utility invests in load control and shifts
a kilowatt from on-peak to off-peak? What happens if the utility pur-
sues a power-marketing strategy?

» What happens if the utility selects the more costly of two supply-side
options; or the more costly of two demand-side options; or a supply-
side option that is more costly than a demand-side option?

Answering these questions requires knowledge of the specific
ratemaking and accounting practices used in the state, particularly:
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1. The precise workings of fuel and purchased power clauses and
associated reconciliation provisions;

2. Ratemaking provisions allowing deferred expense accounting,
including deferred accounting for conservation costs; and

3. Rate levels and rate structures for each customer class and for each
time period where time-of-use rates have been implemented.

The utility’s most profitable course should be to successfully
implement a least-cost plan. If the utility’s most profitable course is to
pursue programs that do not reflect a cost-minimizing plan while still
promoting sales that are not cost-effective, the regulatory reform plan
fails to meet this primary criterion.

Removing the Disincentives

Decoupling Profits from Sales. Under current regulation,
increased sales always mean increased profits, while lower sales due to
energy efficiency improvements or other causes invariably translates
into diminished earnings. As long as these conditions exist, a strong
likelihood remains that a profit-maximizing strategy will lead to more
sales and less DSM, even if DSM programs are profitable.

Decoupling is the term used to describe a reform plan that breaks
the linkage (or coupling) between profits and sales. Decoupling is the
single most important step to removing existing disincentives, thereby
encouraging the successful implementation of the least-cost process.

The most widely known decoupling mechanism is California’s
Electric Revenue Adjustment Mechanism (ERAM), discussed in
Chapter 4. ERAM-type mechanisms, however, rely on future-test-year
ratesetting, a practice used in only a few states. Another decoupling
plan, based on established fixed revenue per customer has recently
been developed and implemented in Washington, for Puget Power and
Light Company, and in Maine, for Central Maine Power Company.
This approach, which can be used in both future- and historic-test-year
jurisdictions, is discussed in Chapter 5.

There are also other, very different, approaches that may accom-
plish similar results. For example, innovative fuel revenue accounting
methods can be used to reduce the amount of non-fuel revenues a util-
ity earns from marginal sales. If marginal non-fuel revenues were
entirely eliminated, incremental sales would not contribute to addi-
tional profits. While accounting changes of this general type were
adopted in Maine, they lacked the capability to decouple profits from
sales (Moskovitz 1989).

Eliminating or substantially modifying fuel adjustment clauses, a
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step that would be resisted strongly by utilities, is at best only a partial
solution to the coupling of profits and sales. With a typical fuel adjust-
ment clause, electricity sales add to profits whenever prices exceed
average fuel costs. Eliminating the fuel adjustment clause means prof-
its rise when prices exceed short-run marginal fuel costs. The differ-
ence between the two situations is that with fuel clause reform, utilities
no longer have an incentive to increase sales when marginal costs
exceed prices. Currently, average and marginal fuel prices are about
equal, and both are substantially less than average electricity prices.
Thus, while fuel clause reform can provide needed incentives to con-
trol fuel and purchased power expenses, reforming or eliminating fuel
adjustment clauses alone will not remove the existing disincentives to
achieving energy efficiency.

It may also be possible to accomplish decoupling with a reward/
penalty mechanism. For example, financial rewards and penalties for
utility programs that produce changes in average customer bills can
decouple profits from sales. This decoupling effect, however, can only
occur if the rewards and penalties are large enough to counter the
increased revenue earned from the sale of power. This approach is dis-
cussed in Chapter 8, Bill Indexing.

Lost Revenue Adjustments. Many states attempt to remove the
existing disincentives to demand-side investment using lost revenue
adjustments. Under this approach utility revenue losses associated with
approved DSM measures are estimated or measured and the utility is
allowed to recover the revenues from customers. Unfortunately, reform
plans relying on this type of adjustment mechanism do not remove the
incentive to sell power and therefore do not break the linkage between
profits and sales.

At best, lost revenue adjustments, when combined with rigorous
after-the-fact energy savings measurements, can remove some DSM
disincentives. However, this is true only with specific, readily tracked
demand-side programs. Without decoupling, improvements in energy
efficiency caused by utility educational programs, improved prices that
induce more customers to invest in energy efficiency, or the legislative
implementation of energy efficiency standards will continue to
adversely affect the utility’s shareholders’ return. The predictable
result is continuing utility reluctance to pursue a diverse range of
energy efficiency options.

If lost revenue adjustments are combined with engineering or
other preestablished savings estimates, perverse incentives are created.
Estimated energy savings that are not realized reward the utility twice:
once with the assumed lost revenues, and again with the revenue from
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kilowatt-hours that were not successfully saved (see measurement dis-
cussion later in this chapter).

In addition, lost revenue adjustments raise new measurement and
policy issues:

1. How to treat increased sales to industrial or commercial customers
whose improved energy efficiency has contributed to higher pro-
duction levels;

2. How to treat lost revenues resulting from rate design improvements;
and

3. Whether and how to offset lost revenues from efficiency gains with
increased revenues resulting from strategic load building, valley
filling, load management, or increased off-system sales.

If the existing sales incentives remain intact, a lost revenue adjust-
ment may be insufficient to allow the necessary shift in utility focus
and infrastructure to transform LCP into a major utility objective.
Moreover, as more rigorous measurement and other adjustments are
incorporated into lost revenue adjustments, utilities are likely to per-
ceive an increased cost-recovery risk, with the result that utility man-
agers will avoid DSM resources.

DSM Cost Recovery. Decoupling, and to a lesser extent lost reve-
nue adjustments, remove the greatest barrier to utility investment in
DSM. The remaining disincentive relates to the recovery of DSM costs.
Under current regulatory practices utilities are assured full and prompt
recovery of the cost of meeting customer energy service demand with
supply-side resources. Fuel adjustment clauses and similar purchased
power clauses assure full cost recovery for all prudent fuel and pur-
chased power costs. Capital cost accounting, including accrual of inter-
est and other costs of capital (Allowance for Funds Used During
Construction, or AFUDC) for new power plant construction, assures
that prudent supply-side resource costs are also fully recovered.

A disincentive to investment in DSM will exist if regulation
allows recovery of DSM costs on terms less favorable than recovery of
supply-side costs. DSM cost-recovery options are discussed in Chap-
ters 2,5, 7,9, and 11.

Considerations for Positive Incentives

Removing disincentives to DSM is necessary, but it may not be enough
to focus the attention of a utility’s top management on LCP in general,
or DSM in particular. Adding reasonable performance-based positive
rewards or bonuses has produced impressive results (Rowe 1990).
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Measurability

DSM program evaluation is discussed in Chapter 10. In addition to the
need to assure satisfactory performance of DSM programs over their
anticipated useful lives, evaluating the results is important because the
success of any incentive will be greatly influenced by the character and
timing of the energy savings measurements. Measurement considera-
tions are not mere technical issues.

Energy savings estimates based on engineering or economic cal-
culations instead of actual measurements are often adequate for some
purposes. However, unless an incentive plan separately decouples prof-
its from sales, regulatory incentive proposals relying on engineering or
similar estimates may produce a poor set of incentives.

To illustrate the interaction between measurement approaches and
decoupling efforts, consider the substantially different incentives pro-
duced by an electric water heater insulation program under two plans
where the only difference is how and when program savings are mea-
sured. The first plan has kWh savings based on extrapolating test data,
engineering estimates, or measurements made at other times or in
other states. The second plan is the same except that program savings
are based on random, statistically valid, on-site measurements of
utility-installed measures. Both plans allow the utility to recover direct
rogram costs plus lost revenues associated with the program.

Suppose, under the first plan, an agreement is reached that an
electric water heater insulation blanket will yield 600 kilowatt-hours
per year in energy savings. Under this plan, the utility will be allowed
to recover direct and indirect program costs, 600 kWh’s worth of lost
revenues, and an incentive based on any rational approach. In this
example, the exact nature of the incentive element is unimportant.

What happens when the utility actually achieves 700 kilowatt-
hours in savings through better quality control or other efforts under its
control? Greater-than-estimated kWh savings cause it to lose money.
An equally perverse result occurs when the utility selects inefficient
contractors and actual savings drop to 500 or 400 kWh per year.
Despite poor performance, utility profits increase because the utility
still recovers lost revenue based on an assumed 600 kWh savings,
although not all these revenues were lost. In addition, the incentive
portion is unaffected by the lower actual savings. Thus, solely as a con-
sequence of a measurement decision, the utility’s profit-maximizing
strategy would be to select measures that would test well using the
measurement criteria imposed but perform poorly in practice.

Note that this would not be the result if the plan decoupled profits
from sales instead of allowing recovery of lost revenues. With decou-
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pling, consumers, rather than the utility, would receive the excess rev-
enue from the higher sales resulting from poor DSM performance.

With decoupling it may be reasonable to distinguish DSM evalu-
ation for the purpose of program design, from DSM evaluation for the
purpose of cost recovery and incentives. Using detailed and rigorous
post-program evaluations as the primary basis for cost recovery and
incentives places more financial risk on a utility than if a traditional
supply-side resource been selected.

Understandability

Many different interests are represented in most regulatory proceed-
ings. Not only are utility shareholders and ratepayers present in most
proceedings, but more special interests—business customers, low-
income customers, the environmental community, labor, and other
groups—are often represented as well. Significantly reforming a regu-
latory system that has been in place for nearly a century requires sub-
stantial public and political support from as many of the interests
affected as possible. Gaining the needed support will be difficult if the
proposed plan is too complex or obscure. For this reason, reforms
should be easily understood by all parties.

Predictability

While regulators will always have great discretion in ratesetting pro-
ceedings, incentive proposals that give explicit guidelines—so utilities
know that a specific action will result in a particular gain or loss—will
motivate utility managers better than alternatives that rely heavily on
commission discretion.

Regardless of how responsible, consistent, and objective regula-
tors may be, they will frequently be viewed as capricious by the regu-
lated utilities or other parties. Even when there is no outright distrust,
the relatively short tenure of most commissioners—about four years in
the United States—adds to the lack of predictability of outcome for
approaches that rely heavily on commission discretion. Consequently,
incentive proposals related to the discretion of commissioners may not
achieve full potential in motivating utility managers, even if the com-
missioners are reasonable and responsible.

Predictability does not mean that the utility should be guaranteed
a particular level of earnings in advance. Rather, the utility must know
a specific action or accomplishment will produce a particular and pre-
determined result. The greater and more immediate the cause and
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effect, the more likely the regulatory incentives will have a definite
influence on utility managers.

Administrative Simplicity

Incentive plans should be simple and efficient to administer, or the cost
of regulation may outweigh the benefit. Such regulatory costs include
the commission’s expense of administering the system, utility
expenses for information collecting and reporting, and the cost to all
parties of participating in any new regulatory proceedings that may be
needed.

In practice, this principle means avoiding incentive plans that rely
on complex formulas or unverifiable measurements. For this reason,
policy makers may want to avoid approaches that require separate pro-
ceedings in favor of plans that can be implemented within the frame-
work of existing regulations.

Cost Minimization

Will the proposed program encourage the utility to deliver conserva-
tion programs at the lowest cost to consumers?

Consider two incentive plans, both of which measure actual
achieved conservation benefits. The first reimburses the utility with a
predetermined, fixed amount for each kWh saved (i.e., a bounty on
energy savings) and the payment is in lieu of any other DSM cost-
recovery mechanism. If the payment is less than the utility’s avoided
cost, the utility’s interests will help assure that only cost-effective
DSM is pursued. Any difference between the bounty and the utility’s
cost of DSM is retained by the utility. The second plan pays the utility
110% of its actual program expenses for each kWh actually saved.

To maximize profits under the first plan, the utility will try to
reduce its expense of saving kWhs to maximize the difference between
the fixed payment it receives and its out-of-pocket costs. To maximize
profits under the second plan, the utility would pursue as much conser-
vation as it could, regardless of the price.

Generally, plans should be designed to encourage utilities to
obtain DSM savings at the lowest reasonable cost. However, if pro-
gram expenses are too low, program participation rates may suffer.
Thus the cost minimization objective must be balanced against other
objectives.
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Non-Participant Impacts

Do the proposed regulatory reforms encourage the use of DSM pro-
grams that minimize non-participant impacts? Depending on the utili-
ty’s average and marginal costs and the state’s specific mechanisms for
DSM cost recovery, DSM programs may have an adverse albeit small
impact on average prices, thereby raising prices and bills for customers
who do not participate in DSM programs. Rates for participating cus-
tomers increase as well, but the DSM program reduces their bills
(Hirst, 1991).

The non-participant impact of even an extremely large DSM pro-
gram is minimal, much smaller than the impact of a typical supply-side
option or the impact of routine regulatory decisions involving such
matters as rate design and cost allocation (Cavanagh 1988). Neverthe-
less, incentive plans can be structured to encourage utilities to mini-
mize non-participant impacts without jeopardizing customer
participation rates. For example, plans that encourage utilities to min-
imize DSM costs will at the same time tend to minimize non-
participation rates. Plans can also be designed to provide incentives for
utilities to obtain as much contribution as possible from participating
customers. As the proportion of DSM costs paid by customers
increases, fewer dollars need to be contributed by ratepayers with the
result that impacts on non-participants diminish. The primary risk of
this approach, however, is that customer participation rates may suffer.

A few utilities are currently experimenting with a DSM delivery
approach in which participating customers pay for the full cost of
utility-sponsored DSM programs through an energy service charge.
This approach is designed to lessen non-participant impacts. These on-
going efforts will determine whether this approach can successfully
achieve significant penetration of DSM measures. It may be possible
to establish the energy service charge at a level that also includes a util-
ity incentive. Chapter 9 gives a more complete description of the
energy service charge approach.

Finally, non-participant impacts may be addressed by assuring
that energy efficiency programs are widely available to all customers
and all customer classes to minimize the number of customers who
don’t participate.

Skimming the Cream

Will the proposed incentive plan encourage the utility to engage only
in the least expensive efficiency programs and leave other more expen-
sive, but still cost-effective, measures undone? If so, is this a concern?
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As an example of cream skimming, heating and cooling retrofits
at a given facility might cost four cents per kWh saved, when installed
at the same time as two-cent lighting improvements. If installed sepa-
rately, however, the same HVAC measures might cost six cents. An
incentive program that pays the utility five cents for each saved kWh
might cause the utility to improve the lighting and earn three cents
while foregoing the four-cent cooling improvement that would have
netted only one cent. An incentive plan paying the utility three cents
for lighting and five cents for heating and cooling would net the utility
the same penny for both projects. To counter concern that the utility
might then pursue the easiest lighting and heating opportunities,
bounty payments for low-cost lighting improvements could be set
lower than payments for more expensive measures.

The best argument against cream skimming is that cost-effective
opportunities will be permanently lost and consumers will overpay for
future energy services. While the DSM opportunities at risk are cost-
effective, the payback on the less cost-effective measures is below the
hurdle rate for the investing entity.

A plan that suffered only from the potential for cream skimming
would be a major improvement compared to the current system.
Nevertheless, one should be aware of the possible problem and the
available solutions apart from the incentive plan.

Correcting the existing perverse incentives is not a complete sub-
stitute for regulatory oversight or public participation in a least-cost
planning process. Collaborative efforts in New England suggest that
utilities, energy efficiency advocates, and others can work together to
design conservation programs that avoid cream skimming.

Avoiding Gaming

Any regulatory system, including traditional utility regulation, is sub-
ject to efforts by individuals to engage in short-term “gaming.” Simple
manipulations, like timing rate case filings, or timing certain mainte-
nance expenses that can be deferred or accelerated, can affect the util-
ity’s bottom line. Regulatory proposals should be carefully designed
and selected so that the opportunity for gaming is no greater than that
generated by current regulatory practices.

One way to reduce the incentive for manipulation is to assure that
the implemented plan will remain in effect long enough to make gam-
ing risky. In addition, short-term gaming temptations may be mini-
mized by ratebasing DSM expenditures or otherwise structuring the
capitalization and amortization of DSM program costs to relate to pro-
gram benefits. This issue is discussed in Chapters 3 and 5.
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Balance

Incentive proposals should have a reasonable risk/reward relationship.
When measurement criteria are set, superior performance should yield
higher earnings and inferior performance should yield lower earnings.
The plan should not permit utilities to profit at the expense of ratepay-
ers, or deprive them of an opportunity to earn a fair return.

To gain public acceptance and increase the possibility of produc-
ing the desired result, an incentive plan should operate symmetrically
by rewarding superior, and punishing inferior, performance. Examples
of several plans are discussed in Chapters 6 and 7. Incentive plans that
reward utilities for good performance, and do nothing when perfor-
mance is poor, are unfair and ineffective.

Scope

Ideally, an incentive plan will include both demand and supply aspects
of LCP. Most proposals are currently limited to making DSM pro-
grams profitable and do not address the incentives in traditional regu-
lation to increase sales or any aspect of supply-side options. This
should come as no surprise because the existing incentives for DSM
are most skewed.

Limiting the scope of the undertaking, however, may narrow the
range of available options, and needlessly eliminate -effective
approaches for that fit well with ratemaking or accounting practices
unique to the state. For example, an option that modifies elements of
the fuel adjustment clause would affect both DSM programs and sales
incentives. Narrowing the scope of incentive plans to only DSM
incentives may needlessly eliminate using this type of approach.

Other Considerations

Other considerations may influence the design of an incentive plan.
For example, will the plan reward, punish, or be indifferent to pro-
grams that achieve cost-effective fuel switching? Will the plan operate
as intended if a utility incorporates environmental externalities in its
planning process? These and other questions may require attention
before a regulatory reform plan is adopted.

Conclusion

Crafting a “reformed” regulatory system as outlined in this introduc-
tion is obviously not simple. Evaluating multiple options and consid-
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erations requires a great deal of time and care, but it can and should be
done. The remainder of this book provides a thorough background on
the evolution of regulatory reform and describes some of the most suc-
cessful and promising options. It is our hope that this material will be
useful in clarifying issues and will serve as a guidebook for further
regulatory reform.

Chapter 2 provides a history of incentive regulation to promote
DSM. Chapters 3 and 4 describe mechanisms that remove disincen-
tives through decoupling approaches. Chapter 5 focuses on the remain-
ing disincentive, DSM cost recovery. Chapters 6, 7, 8, and 9 describe
the principal methods of providing positive rewards for utility invest-
ment in DSM. Issues relating to DSM evaluation are explored in Chap-
ter 10. The final chapters take another look at traditional regulation
(Chapter 11), assess the effectiveness of incentives adopted before
1991 (Chapter 12), and review the strengths and weaknesses of differ-
ent incentive approaches as well as take a look at the future of incen-
tive regulation (Chapter 13).
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Chapter 2

The Evolution of DSM
Incentives

Michael W. Reid

Introduction

The subject of DSM incentives has moved from novelty status to the
mainstream in the span of just a few years. As of late 1991, DSM
incentives are in place or on the regulatory agendas of some 30 states.
There is so much activity in this area that monitoring the number of
states and utilities considering incentives is challenging; significant
developments occur nearly every month.

These activities don’t occur in isolation: as in other areas of utility
regulation, state commissions and utilities depend on precedents and
the experiences of other states when considering DSM incentives. The
results are evolutionary; the issues addressed in incentive proceedings
and the designs of the mechanisms often reflect the influence of devel-
opments in states that have been in the vanguard on incentives.

This chapter traces the evolution in theory and practice of DSM
incentives. Major developments and decisions over a period of more
than a decade are described, and important issues raised in incentives
proceedings are highlighted. This chapter is, in part, a preview of
some of the detailed descriptions and analyses provided in later
chapters.

Early Precedents for DSM Incentives

Washington State

Although the majority of state actions on DSM incentives have
occurred since 1989, precedents date back to at least 1980. In that
year, Washington State enacted legislation directing that utilities be
granted a 2% bonus rate of return on the equity portion of investments

21
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that were “reasonably expected to save, produce, or generate energy at
a total incremental system cost . . . [that was] less than or equal to the
[cost of energy from] conventional energy resources which utilize
nuclear energy or fossil fuels” (Washington 1980).

As interpreted by the Washington commission, this statute autho-
rized two types of incentive treatments. First, utilities would be
allowed to treat their conservation program expenditures as invest-
ments, rather than period expenses. The costs of programs would be
“ratebased,” that is, capitalized and amortized (recovered as a cost)
over a multiyear period, earning a return annually on the unamortized
portion, similar to supply-side investments. Washington allowed one
utility, Puget Sound Power & Light, to ratebase virtually all its conser-
vation program expenditures during the 1980s, although most of the
dollars were not used to acquire physical assets, such as the generators
and transmission equipment that traditionally comprise the majority of
the rate base.

Second, the Washington statute provided a bonus return or
“kicker” on the conservation investment—a return two percentage
points higher than that allowed on the other components of the rate
base. This was apparently the first time preferential financial treatment
was applied to DSM expenditures.

According to analyses of DSM ratebasing, the incentive effect of
ratebasing per se is modest; theoretically, a ratebased DSM investment
earning the same rate of return as other utility assets offers no greater
financial benefit to utility shareholders. But ratebasing may appear
advantageous to utilities that are concerned about the implied reduc-
tion in rate base when DSM expenditures that are ordinarily expensed
substitute for supply-side investments that would have been capital-
ized. This point of view is taken up in Chapter 5.

While the 2% bonus offered by Washington would appear to rep-
resent a true incentive, experience there suggests that it did not signif-
icantly stimulate DSM. Incremental conservation efforts still penalized
utilities, since the bonus was insufficient to offset the conservation-
induced loss of revenue between rate cases. Further, there was no pro-
vision for utilities to accrue carrying charges on DSM investments
made between rate cases. The investments would be added to rate
base, and begin earning a return, only at the conclusion of a rate case.
The net result was that supply-side investments remained financially
more favorable to utilities than DSM (Blackmon 1991).

Despite shortcomings in the incentive concepts applied in Wash-
ington, ratebasing of DSM and bonus rates of return on DSM invest-
ments are recurring themes in recent incentive proposals.
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California’s ERAM

A second major incentive-related development of the early 1980s was
the creation of ERAM, the Electric Revenue Adjustment Mechanism.
ERAM was proposed in a 1981 California case involving Pacific Gas
& Electric (PG&E). PG&E was in serious financial straits, caused pri-
marily by continuing cost and technical problems with its Diablo Can-
yon nuclear plant. To improve its financial stability, PG&E proposed
reconciling actual base (non-fuel) revenues to the revenue level autho-
rized by the commission. The proposed ERAM mechanism, endorsed
by the commission staff and other parties to the case, took effect in
1982. Over the next three years it was implemented for California’s
other major utilities.

By “trueing up” utility revenues to an authorized level, ERAM
eliminates fluctuations in revenue for whatever reason, including
energy conservation. A utility subject to ERAM does not lose autho-
rized base revenue when it increases its DSM efforts between rate
cases, because the shortfall is collected from ratepayers in the next
period, with an appropriate adjustment for interest. Symmetrically,
any gains from expanded sales are returned to ratepayers. This aspect
of ERAM has come to be known as “decoupling” because it severs the
link between base revenue and the level of sales. ERAM does not
make DSM more profitable for utilities than other resource options,
but it removes the short-term revenue penalty from DSM, and it makes
sales promotion less attractive than under traditional regulation.

At the time of its enactment ERAM’s effect on DSM was a sec-
ondary consideration. In time, stimulation of DSM and the desire to
decouple utility revenues from sales eventually became the dominant
reasons for California’s retention of ERAM. Chapter 3 discusses
ERAM in detail.

Mid- and Late 1980s Wisconsin Experiments

Another approach to incentives was established in the mid-1980s in
Wisconsin, beginning with a Wisconsin Electric Power Company
(WEPCO) rate case decided at the end of 1986. When WEPCO pro-
posed refurbishing an outdated generating plant to meet growing
demand, the commission directed the company to begin a large-scale
“conservation construction program” instead, emphasizing rebates
and low-interest loans to customers who invested in energy efficiency
measures. To reinforce the analogy to the supply side and spread the
costs of the program over several years, the commission authorized
ratebasing most of the utility’s outlays (Wisconsin PSC 1986).
Wisconsin rejected WEPCO’s request to fix a premium rate of
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return on its ratebased DSM, like that authorized in Washington. In the
commission’s plan, WEPCO’s return on DSM would be increased if
the company reached a target level for reduction in peak load. One per-
centage point additional return on the equity portion of DSM would be
received for each 125 MW of demand reductions.

The WEPCO decision was the first to tie a financial bonus to
quantified DSM performance. The Wisconsin commission subse-
quently adopted different financial incentives for other utilities under
its jurisdiction, in each case designing the mechanism so that perfor-
mance or cost-effectiveness, rather than the level of spending per se,
would be rewarded. Some of these schemes are described in Chapter
11, which also explains why regulators’ enthusiasm for incentives that
benefit shareholders has diminished in Wisconsin, just as other states
are beginning to experiment with such mechanisms.

1988: A New Focus on Curing the
Disincentives

In the mid-1980s the term *“least-cost planning” (LCP) was solidly
established in the utility lexicon. LCP, also called integrated resource
planning (IRP), was a new planning paradigm that promised to mini-
mize the costs of energy services (light, thermal comfort, torque, etc.)
by expanding the menu of possible resources to include demand-side
and nontraditional supply-side options. By 1988, 17 states were prac-
ticing some form of IRP, and a majority of states were moving in that
direction (Barakat, Howard & Chamberlin 1988).

LCP requires new methodologies for comparing the costs of
resources. In this context, regulators and industry analysts began to
focus on whether DSM and supply-side resources were competing on
a level playing field—that is, whether existing methodologies were
biased. Some observers went further and questioned whether it was the
nature of regulation, rather than the analytical methodologies, that
tilted the playing field in favor of traditional supply-side resources. If
this were so, only wholesale regulatory reform, rather than refinement
of planning methodologies, could produce the least-cost outcome.

Attention to this viewpoint increased considerably in April 1988
when David Moskovitz, at that time a member of the Maine commis-
sion, addressed the first national conference on least-cost planning
sponsored by the National Association of Regulatory Utility Commis-
sioners (NARUC). Moskovitz’s speech included several provocative
statements:
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Without significant reforms to the ratemaking system, least-cost plan-
ning is going nowhere.

Least-cost planning will not work in most states because it is inconsis-
tent with the type of economic regulation presently used in the utility
industry.

There is no incentive for the utilities to encourage demand-side mea-
sures and every incentive not to encourage them, except perhaps as an
appeasement to their commissioners. (Moskovitz 1988)

Shortly thereafter, NARUC’s Energy Conservation Committee spon-
sored a workshop on the relationship between least-cost planning and
utility profitability. The result was a committee resolution urging state
commissions to

. . adopt appropriate mechanisms to compensate a utility for earnings
lost through the successful implementation of demand-side programs
which are part of a least-cost plan and seek to make the least-cost plan
a utility’s most profitable resource plan. (Energy Conservation Commit-
tee 1988)

The NARUC resolution catalyzed several state regulatory commis-
sions to begin studying the incentives issue. Some utilities also began
to formulate proposals for financial incentives. By early 1989, the
DSM incentives movement was in full swing, with an emphasis on
identifying and curing the disincentives affecting utilities’ pursuit of
DSM. The resulting proposals often had three components:

» A cost recovery mechanism to ensure that the utility would be able to
recover in rates all prudently incurred costs of DSM programs.

* A lost revenue mechanism that would adjust rates to compensate for
the short-term loss in base revenue that results when DSM programs
succeed.

* A bonus provision, usually linked to performance, that would (1)
help offset the risks that utilities often perceive in DSM, and (2)
reward utility shareholders for cost-effective expansion of DSM
programs.

Most of the incentive proposals currently being considered follow
this three-part formula.

Trend-Setting Incentive Actions

Regulatory proceedings during 1989 and 1990 resulted in the estab-
lishment of several DSM incentive plans that have become the refer-
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ence points for most subsequent action in this area. Among the most
important developments were the New York State order establishing
incentives for Orange and Rockland Utilities (O&R) and Niagara
Mohawk Power Company (NIMO); the approval of parallel DSM
incentive proposals put forth by New England Electric System (NEES)
in three states; the development of incentive proposals for California’s
major utilities in a collaborative process; and the revision of Orange
and Rockland’s original incentive after less than a year of operation.
Each of these developments is briefly described in this section.

New York’s Orange and Rockland/Niagara Mohawk
Decision

In 1988 the New York commission directed utilities to develop and file
comprehensive DSM plans. At the same time, the utilities were invited
to submit proposals to reform ratemaking “such that DSM programs
that benefit customers are also rewarding to stockholders” (New York
PSC 1988).

The commission dealt with the two best-developed proposals,
those of O&R and NIMO, in a September 1989 order that established
a pattern for several subsequent decisions. By July 1990, all seven
investor-owned utilities in New York had DSM incentives in place.
While the mechanisms were generally similar, none were identical; to
foster innovation and gain experience with incentives, the commission
permitted the utilities broad flexibility in the design of the mecha-
nisms’ details.

The NIMO/O&R decision authorized the utilities to estimate and
collect from ratepayers DSM-related lost revenues, i.e., the portion of
authorized base revenue that is foregone when DSM succeeds. Like
ERAM, this adjustment was seen as a means to eliminate the financial
penalty of expanding DSM programs between general rate cases.’

Further, the utilities were granted DSM bonuses, expressed as
shares of the net savings resulting from selection of DSM in lieu of
supply-side options. O&R, for example, was authorized to receive as
shareholder profits 20% of the net benefits (gross benefits minus costs)
resulting from DSM. The shared-savings approach linked the bonus to
the utility’s performance and was expected to motivate both expansion
in the size of programs and efforts to maximize cost-effectiveness.

! Earlier in 1989 the New York commission had hastily adopted a lost revenue adjust-
ment in a settlement involving Long Island Lighting Company. The O&R/NIMO order was
issued in connection with a generic proceeding in which the lost revenue issue was first sub-
ject to substantial public debate.
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NIMO’s bonus was 10% of savings. (There were numerous differences
between the two utilities in the ways the savings were calculated and
collected, so the shared-savings percentages are not on a comparable
basis.)

During the proceeding commission staff argued that an incentive
package that did not incorporate full ERAM-type decoupling of reve-
nues from sales would work to the detriment of DSM. As a result, the
commission directed O&R to work with staff on a decoupling proposal
for later consideration.

A majority of the incentive mechanisms adopted since 1989 have
emulated the shared-savings, or share of benefits, approach pioneered
in the O&R/NIMO decision. Shared-savings bonuses appear to be
finding favor with both utilities and regulators because:

» The concept is simple and readily understood by all parties, includ-
ing the general public.

 They motivate both cost-effectiveness and greater spending on
DSM. The utility can maximize its bonus by pursuing all opportuni-
ties for which benefits exceed costs.

» They are being formulated to ensure that a majority, usually 75% or
more, of the net benefits of DSM accrue to ratepayers, thus minimiz-
ing the possibility that utilities will receive windfall profits.

Although simplicity is one of shared-savings mechanisms’ vir-
tues, greater complexity in the details of the mechanisms is a recent
phenomenon. Bonus formulas adopted in Oregon for Portland General
Electric, in Maine for Central Maine Power, and in lowa in generic
rules are basically shared-savings mechanisms, but the bonus cannot
be described as a simple share of the benefits. Formulas are instead
used to make the utility’s share vary with cost-effectiveness, perfor-
mance against a baseline, and/or performance in relation to the pre-
vious year’s efforts. Whether this increasing complexity strengthens or
weakens the motivating power of the mechanisms remains to be seen.

New England Electric System Incentives

In September 1989 New England Electric System, a Massachusetts-
based utility holding company, submitted identical DSM incentive pro-
posals in the three states where it operates retail subsidiaries: Massa-
chusetts, New Hampshire, and Rhode Island. Like O&R and NIMO,
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NEES proposed to receive as a bonus a portion of the savings resulting
from its DSM programs. NEES did not, however, request any lost rev-
enue adjustment, because its retail subsidiaries purchase electricity
under an arrangement that tends to minimize lost revenues.?

By mid-1990, incentive mechanisms were approved in all three
states, making NEES the first utility to pursue and receive incentives
in more than one jurisdiction (Rhode Island PSC 1989; Massachusetts
DPU 1990; New Hampshire PSC 1990). The mechanisms differ in the
three states. The Massachusetts commission, in particular, thoroughly
revised NEES’s proposal for calculating the incentive, offering a fixed
dollar amount per kilowatt and kilowatt-hour saved in lieu of a share of
the savings. The company’s success in multiple jurisdictions led sev-
eral other New England utilities to formulate incentive proposals.

NEES’s success in securing incentives is partly attributable to a
close working relationship with the Conservation Law Foundation of
New England (CLF), a Boston-based environmental advocacy group.
CLF had originated the concept of the “collaborative process” for
DSM program planning and design: a cooperative effort among the
utility and other parties, who have traditionally intervened in rate
cases, to reach consensus on DSM programs outside a formal commis-
sion proceeding. The results of the process are submitted to regulators
for review and approval. Having played a significant role in the devel-
opment of NEES’s expanding DSM programs, CLF was willing to
work with the company on the design of an incentive mechanism and
to support the request for incentives in testimony before the three state
commissions. Variations on CLF’s collaborative process subsequently
became the vehicles for considering incentives in several other states.

NEES’s top management, led by CEO John Rowe, aggressively
touted the company’s success in achieving DSM incentives and thus
gave the incentives movement new credibility, especially within the
utility industry. In explaining his company’s expansion of DSM bud-
gets during a recession, Rowe said that “with current recovery and a
fair opportunity for profit, our states have made [DSM] a real busi-
ness.” NEES executives also pointed out that the company allocated a
greater portion of its budget to DSM than any other investor-owned
utility in the country—in 1991, about 5% of revenue (ADSMP 1991).
The inference was clear: incentives were beginning to fulfill the prom-
ise of expanding DSM.

2 NEES’s retail companies purchase power from an affiliated wholesale generating com-
pany. The wholesale rates are set annually by the Federal Energy Regulatory Commission
(FERC). FERC uses a future test year that incorporates the expected effects of DSM.
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The California Collaborative

The New England collaboratives were closely observed in California,
among other states. In the early 1980s California was at the forefront
of energy conservation efforts, but programs had faded due to lower
energy prices and generating capacity surpluses. By 1989, the Public
Utilities Commission concluded that the shrinking capacity surplus,
air quality concerns, and improvements in energy efficiency technolo-
gies demanded another look at the role of DSM. When the Natural
Resources Defense Council (NRDC) and other stakeholders suggested
a statewide collaborative on DSM, the commission endorsed the con-
cept and requested recommendations within six months. Fifteen par-
ties, including the state’s four major utilities, comprised the resulting
collaborative.

The collaborative’s January 1990 report, An Energy Efficiency
Blueprint for California, devoted considerable attention to DSM incen-
tives and outlined different pilot ‘“shareholder incentive” (DSM
bonus) proposals for each of the participating utilities (California Col-
laborative Process 1990). Owing to the number and prominence of the
parties involved, especially Pacific Gas & Electric, the nation’s largest
investor-owned utility, release of the Blueprint was widely covered in
the trade press. The visibility of DSM incentives increased, and *“col-
laborative process” became an established term in the utility industry.

The collaborative’s formulation of DSM bonus proposals repre-
sented an admission that ERAM was not enough: while ERAM
removed the loss-of-sales penalty for DSM, ERAM alone was insuffi-
cient to overcome utilities’ hesitancy. The utilities’ incentive proposals
that developed from the collaborative effort were approved by the com-
mission in August 1990.

Two of the three electric utilities’ mechanisms followed the
shared-savings approach; the third was based on ratebasing the utility’s
investment. Each utility was also exposed to a financial penalty if it
failed to meet program-specific performance objectives. Subsequent to
the California collaborative the potential for penalties has appeared in
many other incentive designs.

Penalties are unpopular with utilities, which claim that they intro-
duce an element of risk that is counter to the spirit of providing DSM
incentives in the first place. Proponents of penalties generally cite a
desire for “symmetry” in mechanisms-—if a bonus is extended for
good performance, the reasoning goes, it is only fair to ratepayers that
a penalty be levied for poor performance. A middle ground taken by
some utilities and regulators is that penalties are inappropriate in the
start-up phase of large-scale DSM programs but may be reasonable
later on.
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Like bonuses, penalty clauses are increasingly complex. To date,
no utility operating under a DSM incentive mechanism has had a pen-
alty levied for poor performance®>—which could mean that penalty
clauses are having the intended effect (i.e., utilities subject to penalties
are motivated to achieve at least adequate performance) and/or that the
level of performance needed to avoid a penalty is not very demanding.

The 1990 Orange and Rockland Incentive Revision

A fourth precedent-setting incentive action in mid-1990 again
involved Orange and Rockland Utilities. By the spring of 1990 the
New York commission staff was concerned that the incentives package
established the prior September was not having the hoped-for effect on
O&R’s DSM programs. Company DSM plans filed with the New York
Power Pool suggested that the reforms had produced few changes.
O&R’s plan emphasized load management, whereas the staff wanted to
emphasize efficiency (conservation) programs. A general rate case in
progress gave the commission an opening to revisit O&R’s incentive
mechanism and to consider the decoupling proposal that had resulted
from the September 1989 order.

In August 1990 the commission approved a settlement in the case
that instituted the “Revenue Decoupling Mechanism” (RDM) for
O&R. Modeled on California’s ERAM, it was the first full decoupling
arrangement adopted in another state. Chapter 7 explains how the
ERAM concept was adapted to New York’s regulatory framework.

A revision of O&R’s DSM bonus was teamed with the RDM. In
lieu of the shared-savings approach implemented previously, the com-
mission substituted an annual adjustment to the company’s overall
return on equity (ROE). The adjustment, which can be positive or neg-
ative, is a function of O&R’s performance in two areas: cumulative
energy savings, in kilowatt-hours, and net resource savings, in dollars.
Whereas previously O&R’s incentive depended only on net resource
savings, the change added an incentive to emphasize kilowatt-hour
reductions. Chapter 7 covers the details of the new bonus arrangement.

From a policy standpoint, the revisions to O&R’s incentive mech-
anism highlight two points. First, specific utilities’ incentive plans can
be tailored to address perceived deficiencies, such as O&R’s tendency
under its initial incentive to emphasize demand savings over energy
savings. Second, for the near term, incentive mechanisms will likely
remain fluid. Commissions’ prerogative to reconsider previous deci-

3 Some utilities have had their authorized rates of return lowered in rate cases due to
regulators’ assessments that their DSM programs are deficient; such judgmental adjustments
are outside the scope of incentive/penalty mechanisms considered here.
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sions, especially in an area as experimental as DSM incentives, means
that mechanisms established in a few years may be quite different.

In terms of mechanism design, the O&R revision heralded greater
interest in ERAM and its variants. Subsequent to the O&R order,
Washington State and Maine adopted decoupling for specific utilities,
and a 1991 Connecticut statute authorized the commission to imple-
ment decoupling. Chapters 4 and 7 discuss recent implementations of
the ERAM concept outside California.

One reason for the growing interest in ERAM is the belief that it
may overcome utilities’ sales promotion bias. In this view, utilities
operating under DSM-specific lost revenue adjustments will not
wholeheartedly embrace DSM, because incremental sales will still
produce additional contributions to base revenue and profits.

A second factor is interest among some utilities in the revenue-
stabilizing benefits of ERAM. While many utilities have vigorously
opposed suggestions that ERAM be considered in their states, others
are apparently shifting to the view that the loss in upside revenue
potential implied by ERAM is an acceptable tradeoff for its risk-
reducing benefits.

Sharp divisions on the merits of ERAM are not confined to utili-
ties; consumer advocates, for example, can be found in pro- and anti-
ERAM camps. Considering both these differences and the broad scope
of the regulatory changes involved, ERAM will undoubtedly be a
major point of contention for some time.

National DSM Incentive Developments

Interest in DSM incentives has expanded well beyond the states men-
tioned. Table 2-1 summarizes the status of incentive proposals, pro-
ceedings, and implemented mechanisms as of late 1991. The reader is
cautioned that the information presented is a “snapshot” at a particular
point in time and is subject to frequent changes.
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Table 2-1. State-by-State Summaries of Recent DSM Incentive
Developments

State

DSM Incentive Developments

Arizona

An October 1991 order allows utilities to recover expenditures on DSM
programs preapproved by the commission staff. The commission also indi-
cated it would consider allowing lost revenue recovery and bonuses.

California

Electric Revenue Adjustment Mechanism (ERAM), which adjusts for lost
revenue, in operation since 1982. DSM shareholder incentive mechanisms
developed collaboratively were approved by commission in August 1990
for San Diego Gas & Electric (SDG&E), Pacific Gas & Electric (PG&E),
Southern California Edison (SCE), and Southern California Gas (SCG).
SDG&E and PG&E mechanisms provide shared-savings bonuses for
resource-oriented DSM programs. SCE received ratebase treatment for
resource-oriented DSM programs. SCG receives a percentage of expendi-
tures. All utilities are allowed markups on expenditures for certain low-
income and informational programs and are subject to penalties for poor
performance. A current rulemaking is considering revisions to incentives.

Colorado

Ratebasing of DSM expenditures was approved in a settlement with Public
Service of Colorado (PSCO) in November 1990. PSCO will also collect an
incentive on DSM provided through a bidding program equal to 5% of the
estimated cost of a benchmark purchased power agreement. The incentive
can be adjusted up or down according to a formula based on the life of the
DSM and its cost. A docket was opened on decoupling in July 1991, and
the issue is being addressed in a collaborative process.

Connecticut

A 1988 statute authorized DSM in rate base with a bonus return of 1 to
5%. Ratebasing, a variable bonus return of 1 to 3% based on program
cost-effectiveness, and a partial sales adjustment mechanism were imple-
mented for United Illuminating in a February 1990 order. A June 1991
statute authorized the commission to implement decoupling of revenues
from profits.

District of
Columbia

Ratebased recovery of program costs over 10 years was authorized for
Potomac Electric Power Company in July 1990. An October 1991 order
authorized lost revenue recovery and a variable shared-savings bonus.

Florida

DSM expenditures are recoverable through a balancing account. Capital-
type DSM expenditures can be amortized with a return through the balanc-
ing account. A current docket is considering DSM incentives.

Georgia

A 1991 statute directs the commission to “consider lost revenues, if any,
changed risks, and an equitable sharing of benefits between the utility and
its customers” when establishing rates to cover the costs of approved DSM
resources. The commission has deferred Georgia Power’s proposal for a
rider to recover DSM program costs and lost revenues, and a shared-
savings bonus.

Hawaii

DSM incentives have been discussed in a docket on integrated resource
planning, established in 1990.
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Table 2-1 (continued)

State

DSM Incentive Developments

Idaho

Ratebasing of DSM expenditures is allowed. A proceeding was opened in
1989 on DSM-related revenue loss. Utilities were directed to study the
issue and propose mechanisms to adjust for lost revenue, if appropriate.
Pacific Power & Light’s proposal to sell energy efficiency services to com-
mercial customers in return for a share of the customers’ bill savings was
approved in 1990.

Illinois

Illinois has approved special riders for recovering costs and lost revenues
associated with pilot DSM programs, but not for full-scale programs.

Indiana

In October 1990 the commission approved a stipulation agreement provid-
ing deferred recovery of DSM program costs, lost revenues, and a shared-
savings bonus of 10 to 20% (20% if its 1995 peak demand reduction target
is fully achieved).

Iowa

A 1990 statute authorizes ratebasing of DSM; recovery of DSM expendi-
tures outside general rate cases; and adjustment up or down in cost recov-
ery based on DSM performance. Rules adopted in April 1991 allow lost
revenue recovery and DSM bonuses of up to 25% of net benefits, as mea-
sured by the societal test. A penalty of up to 15% of planned net benefits
could be assessed for poor performance.

Maine

Commission rules allow for either ratebasing or balancing account recov-
ery of DSM expenditures. The commission has statutory authority to
reward or penalize a utility up to 10% of DSM program costs based on per-
formance. A DSM incentives proposal including an ERAM-type lost reve-
nue adjustment and a shared-savings bonus was adopted for Central Maine
Power in May 1991.

Maryland

A cost recovery and incentive mechanism negotiated in a collaborative
process for Potomac Electric Power Co. (PEPCO) was approved in August
1991. It provides 5-year amortized cost recovery, lost revenue adjustment,
and collection through a demand-side rider with annual true-up. The rider
would be used only if PEPCO’s rate of return falls below the authorized
level. Program costs could be deferred until a rider is applicable. A bonus
of 5% of savings could be obtained if performance exceeds program goals
by 10%. Incentives for other utilities are being considered in separate
collaboratives.

Massachusetts

DSM bonuses providing specific dollar amounts per kW and kWh saved
were approved in 1990 for Massachusetts Electric Co. and Western Massa-
chusetts Electric Co. (WMECO). Utilities collect program costs through
fuel clauses or surcharges with balancing-account treatment. WMECO is
authorized to recover estimated lost revenues.
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Table 2-1 (continued)

State

DSM Incentive Developments

Michigan

Current conservation programs of major utilities are funded through a per-
kWh surcharge, with reconciliation of revenues and expenditures. An
incentive mechanism providing a cents/kWh bonus on a sliding scale of
cost-effectiveness is in place for certain conservation programs of Con-
sumers Power. A May 1991 order regarding Consumers Power established
a minimum DSM spending goal of 2.5% of revenue requirements; autho-
rized 10-year ratebasing of DSM expenditures; said lost revenue recovery
will be considered in a reconciliation proceeding after two years; and indi-
cated the commission may apply an ROE adjustment of ~2% to + 1%
depending on actual DSM spending and cost-effectiveness.

Minnesota

A March 1991 order approved a Northern States Power proposal to rate-
base certain conservation program expenditures, earn a bonus return of up
to 5% on the unamortized balance, and recover 50% of revenue lost
through promoting its interruptible service tariff.

Nevada

Utilities can earn an AFUDC-type return on DSM expenditures between
rate cases. Amortized cost recovery over 3 to 5 years without a return is
permitted. A proposed rule issued in September 1991 would allow recov-
ery of DSM-related lost revenues and a bonus of 10% of net savings.

New Hampshire

Balancing-account recovery for DSM expenditures was approved for Gran-
ite State Electric in January 1990. An August 1990 order approved in con-
cept the recovery of DSM-related lost revenues, and also approved a
shared-savings bonus for Granite State Electric providing 5% of gross ben-
efits and 10% of net benefits.

New Jersey

Regulations adopted in October 1991 allow utilities to earn DSM incen-
tives based on a shared-savings approach and/or a “standard offer” under
which the utilities could compete with other providers to furnish DSM ser-
vices at a fixed price. Utilities can propose a method to recover lost
revenues.

New York

Some DSM program costs are recovered through fuel adjustment clauses;
others are recovered in base rates. Incentive mechanisms approved in 1989
and 1990 for 7 utilities provide lost revenue adjustments and bonuses of
5% to 20% of net savings from DSM. The incentive mechanism for
Orange and Rockland Utilities was changed in August 1990 to include rev-
enue decoupling (similar to California’s ERAM) and a bonus or penalty on
the company’s overall rate of return tied to DSM performance. The mecha-
nism for Consolidated Edison was revised in April 1991 to follow the
Orange and Rockland model.

North
Carolina

A May 1990 order said utilities could initiate deferred acounting, with a
return, for DSM expenditures. Four utilities filed DSM cost recovery/
incentive proposals in May 1991; commission action is pending.
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Table 2-1 (continued)

State

DSM Incentive Developments

Ohio

An April 1991 order in a generic proceeding approved the commission
staff’s proposed policy to allow deferred recovery of non-test-year DSM
expenditures, with carrying charges; recovery of lost revenues; and a
shared-savings bonus of 10% of net savings.

Oregon

Pacific Power & Light was authorized in June 1990 to provide energy effi-
ciency services to commercial customers in return for a share of the cus-
tomers’ bill savings. Portland General Electric was authorized in January
1991 to recover DSM-related lost revenue and a shared-savings bonus. A
docket was opened in July 1991 to consider policies, including incentives,
to encourage acquisition of cost-effective DSM.

Pennsylvania

Utilities submitted cost recovery and incentive proposals in January 1991,
along with DSM plans. Commission staff has proposed recovering pro-
gram costs and lost revenues through a surcharge, and performance-based
bonuses. A current docket is considering this proposal.

Rhode Island

Newport Electric was authorized in 1989 to capitalize DSM expenditures
and recover them over 5 years through its purchased power adjustment
clause. Narragansett Electric’s request for balancing-account recovery of
DSM expenditures and a shared-savings bonus was approved in 1990. The
bonus is equal to 5% of gross benefits and 10% of net benefits above a
threshold of approximately 50% of program goals.

Vermont

DSM expenditures can be ratebased or expensed. Recovery of DSM
expenditures not already in rates and lost revenues was authorized by an
April 1990 order establishing ACE (Account Correcting for Efficiency)
mechanism. A January 1991 order established a framework for a shared-
savings incentive and directed parties to develop a mechanism consistent
with the framework for Green Mountain Power (GMP). As the result of a
settlement with a consumer group, GMP subsequently submitted a DSM
plan but did not request an incentive.

Virginia

A generic proceeding was initiated in January 1991 on DSM cost recovery
and incentives. An April 1991 staff report recommended that utilities be
directed to file proposals for program cost recovery and treatment of lost
revenues, and recommended that consideration of incentives be deferred to
a later proceeding. Commission action is pending.

Washington

A 1980 statute allows certain DSM expenditures in rate base with a 2%
bonus return on the equity portion. A mechanism approved for Puget
Sound Power & Light in April 1991 includes a rate adjustment mechanism
to provide current recovery of DSM and purchased power costs and a per-
customer revenue adjustment (decoupling) mechanism. Puget’s proposal
for a DSM performance bonus is pending.
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Table 2-1 (continued)

State DSM Incentive Developments

Wisconsin The commission has instituted several different performance-related bonus
mechanisms. From 1987 to 1990, Wisconsin Electric Power was eligible
for a 1% bonus on the equity portion of ratebased DSM for each 125 MW
of realized savings. In January 1991 the commission rejected WEPCO’s
request for a 10% share-savings bonus; instead, it authorized $500,000 to
be used for staff bonuses related to DSM in 1991.
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Chapter 3

California’s ERAM
Experience

Chris Marnay and G. Alan Comnes

Introduction

In 1982, the California Public Utilities Commission (CPUC) intro-
duced a new regulatory procedure called the Electric Revenue Adjust-
ment Mechanism (ERAM). ERAM periodically adjusts the non-fuel
part of rates, known as base rates, to ensure that an electric utility col-
lects its full authorized revenue requirement, despite its level of sales.
ERAM achieves this parity by maintaining an account that tracks rev-
enue miscollections. The balance in this account is amortized in future
rates.

ERAM was adopted primarily for two reasons. First, it was
accepted in a period of turmoil for California’s electric utilities in the
hope that eliminating sales forecasting error would reduce utility risk
and improve the financial health of the industry. Second, ERAM was
intended to remove a perceived anti-conservation bias of previous Cal-
ifornia regulation. As described in Chapter 1, this bias derives from an
economic incentive for electric utilities to market power between rate
cases, providing a significant impediment to adopting cost-effective,
demand-side resources.

ERAM enjoys wide support in the utility industry in California, is
enthusiastically endorsed by conservationists (Cavanagh 1988), and is
currently in effect for four of the five largest investor-owned utilities.'
Most California utilities support ERAM (Woo and Peters 1989), and

! The five largest electric utilities regulated by the CPUC are Pacific Gas and Electric
(PG&E), Southern California Edison (Edison), San Diego Gas and Electric (SDG&E),
Sierra Pacific Power (SPP), and Pacific Power and Light (PP&L). ERAM has been adopted
for all of these utilities at some time but, for reasons discussed in this chapter, has been
eliminated for PP&L.
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the National Association of Regulatory Utility Commissioners’ Energy
Conservation Committee has a record of supporting ERAM-like rate-
making reforms (NARUC 1988). However, the CPUC staff is divided,;
some staff members have recommended eliminating ERAM. Indepen-
dent analysts also have reservations (Sissine 1989, Murray 1991, Reid
and Weaver 1991).

Since California adopted ERAM, the introduction of similar rev-
enue decoupling mechanisms (RDMs) has been considered by several
states; the number of states that have adopted RDMs is growing.

Mechanics of ERAM

ERAM is conceptually simple: utilities are allowed to recover only
authorized levels of non-fuel-related revenue requirements. Such reve-
nues are known in California as base-rate revenues. The revenues that
appear on financial statements are authorized amounts rather than
actual amounts. Any difference between the two is tracked in a balanc-
ing account. The ERAM account earns interest to compensate either
shareholders or ratepayers for the time value of money, thus removing
any incentive for the utility to build large negative balances in the
account as a way to obtain cost-free capital.”

An adder to retail rates called the ERAM rate is usually set once a
year to amortize the ERAM balance over a 12-month period. The
ERAM rate can be positive or negative, depending on the sign of the
ERAM account balance. This rate is added to base rates for the current
period to form the effective base rate. This rate plus the cost of fuel is
the actual retail rate paid by customers.

Simplified ERAM Example

A simplified example of how ERAM works appears in Table 3-1. A
more complete example is provided in Marnay and Comnes (1990).
Table 3-1 shows ERAM’s operations for a hypothetical utility over a
two-year period. The table is divided into two parts. Section I shows
key parameters set by the ratemaking process. Section II shows actual
results without ERAM (subsection A) and with ERAM (subsection B).
The example was developed using the following assumptions:

¢ Only base-rate revenues are shown. Authorized base-rate revenues
are assumed to be $4,250 million per year, including $3,500 million

2 The ERAM account accrues interest at rates competitive with commercial paper. Util-
ities do not earn authorized rates of return on the ERAM balance because, unlike money
invested in actual operations, the ERAM balance is a low-risk investment.
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in non-fuel operating costs and $750 million in authorized earnings.
These authorized revenues are shown on lines 1 through 4. The
example assumes that authorized revenues are the same in both
years. In practice, rate cases or attrition proceedings change autho-
rized revenues on a yearly basis.

» Fuel costs, which are covered by a separate fuel adjustment clause in
California, are ignored.

» The effects of capital structure and corporate income taxes are
ignored.

» Before the beginning of year 1, the utility’s sales are forecasted to be
63,400 GWh. During year 1, a sales forecast of 68,640 GWh is
made for year 2. These forecasts appear on line 6.

= Actual sales are higher than forecast in year 1 and lower than forecast
in year 2. Actual sales are shown on line 10.

» Actual operating costs equal forecasted costs in year 1 but are lower
than forecast in year 2. Actual costs are shown on line 11.

» Flat rates (i.e., no demand charges or tiered rates) and one customer
class are assumed. Thus, base rates are set by simply dividing autho-
rized revenues by forecasted sales, as shown on line 7.

» Each year a rate is determined to amortize the ERAM account based
on the latest sales forecast, as shown on line 8.

» Actual revenues in each year equal actual sales times the tariffed
rate. Revenues collected are shown on line 12 in the without-ERAM
case and on line 15 in the with-ERAM case.

» Costs are assumed to be invariant with short-term changes in sales.
Because the rates shown ignore fuel costs, this is a reasonable
assumption. In year 2, the example assumes that costs are lower due
to cost-cutting measures taken by management.

» The ERAM balance at the beginning of year 1 is assumed to be zero,
as shown on line 5. Funds in the balance are assumed to earn 8%.

The example shown in Table 3-1 is designed to demonstrate two
main points. First, with ERAM, earnings are driven by authorized
revenues, not the actual revenues that are collected by the company.
Second, both with and without ERAM, utility shareholders are
affected by changes in operating costs.



42 — Chapter Three

Table 3-1. Electric Revenue Adjustment Mechanism
Hypothetical Example for a Two-Year Period

($million, unless noted otherwise)

Year
1 2 Formula
I. RATES AS SET BEFORE
THE YEAR BEGINS
Forecast (authorized) base-rate
(non-fuel) revenues:
(1) Operating costs 3,500 3,500
(2) Authorized rate of return 12.5% 12.5%
(3) Rate base 6,000 6,000
(4) Authorized base-rate revenues 4,250 4,250 (D)+[(2)x(3)]
(5) ERAM balance 0 (181) (20) of
previous year
(6) Forecasted sales (GWh) 63,400 68,640
(7) Base rate (cents/kWh) 6.70 6.19  [(4)/(6)]x 100
(8) ERAM rate (cents/kWh) 0.00 —-0.26  [(5)/(6)]x100
(9) Effective base rate (cents/kWh) 6.70 593  (7)+(@®8)
I1. ACTUAL EVENTS DURING
THE YEAR
(10) Sales (GWh) 66,000 65,900
(higher than (lower than
forecasted) forecasted)
(11) Operating costs 3,500 3,473
(same as (lower than
forecasted) forecasted)
A. Impact Without ERAM
(12) Revenues collected and 4,424 4,080 [(7)x(10)])/100
reported
(13) Earnings reported 924 607 (12)—(11)
(14) Rate of return 15.4% 10.1% (13)/(3)
B. Impact with ERAM
(15) Revenues collected 4,424 3,906 [(9)x(10)]/100
(16) Revenue deviation (174) 344 (4)—(15)
(over- (under-
collection) collection)
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Table 3-1 (continued)

Year
1 2 Formula
I1. B. Impact With ERAM (continued)

(17) Revenues reported 4,250 4,250 (15)+(16)
fequal to (4)]

(18) Earnings reported 750 777 A7)—(@11)

(19) Rate of return 12.5% 13.0% (18)/(3)

(20) End-of-year ERAM balance (181) 162  (5)+(16)+
8% interest on
average
balance

Results Without ERAM

Sales are higher than forecasted in year 1 and are lower than forecasted
in year 2. Financial impacts in the without-ERAM case are shown in
part II. A of Table 3-1. Without ERAM, actual sales significantly affect
earnings. Line 14 shows that earnings are above the authorized 12.5%
level in year 1 (15.4%) and below the authorized (10.1%) in year 2.
Year 2 earnings would have been even less (9.67%) without the cost-
cutting measures taken by the utility.

Results with ERAM

ERAM results are shown in part II.B of Table 3-1. In year 1, sales are
higher than forecasted, but the additional revenues are credited to the
ERAM account (line 16) rather than reported on the utility’s income
statement. Since reported revenues are precisely those authorized (line
17), the rate of return in year 1 is exactly as authorized: 12.5%. The
balance in the ERAM account, including interest, is carried over from
year 1 (line 20) to year 2 (line 5) and is returned to ratepayers in year
2 via an ERAM rate credit (line 8).

In year 2, sales are lower than forecasted. Costs are also lower due
to productivity improvements implemented by the utility. With
ERAM, the utility is insulated from the effects of the lower sales and
keeps the benefits from improving productivity. Thus, the rate of
return in year 2 with ERAM is 13.0%, or 0.5% above the authorized
level.
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Context of California Regulation

While ERAM itself is simple, it does not operate in isolation; a full
appreciation of its impact requires a general understanding of electric
ratemaking in California. The following describes how the CPUC sets
the fuel and base components of rates for its major electric utilities.

General Rate Cases

California regulation deviates from the national norm in that, since
1984, general rate cases (GRCs) for large electric and natural gas util-
ities are usually conducted at regular three-year intervals, rather than
whenever the utility or Commission staff files for a change in rates.
GRCs in California focus only on the non-fuel revenue requirement of
the utility—that is, recovery of depreciation, return on investment,
taxes, non-fuel-related operation and maintenance expenses, and
administrative and general expenses. Fuel costs, considered to be more
volatile over time, receive periodic rate adjustments via the Energy
Cost Adjustment Clause (ECAC) proceeding. The non-fuel revenue
requirement is known as the utility’s base-rate revenue requirement,
and the rate component that emerges from the GRC is called the base
rate. All GRC and ECAC calculations are based on a future test year.
In contrast, most commissions set rates using historical test years
(Phillips 1988).

Attrition

Attrition allows for adjustments in the base-rate revenue requirement
of the utility in years that are not covered by GRCs. Attrition attempts
to measure several specific factors that will make authorized revenue
requirements inappropriate over time, such as inflation, productivity
change, customer growth, and fluctuations in the cost of capital. Many
states have introduced attrition mechanisms, although implementa-
tions differ (Radford 1988).

In California, in each year that a GRC is not held, utilities file for
an attrition revenue adjustment. Attrition was originally intended to
allow mechanical, noncontroversial adjustments to the base-rate reve-
nue requirement using a methodology agreed on in the previous GRC
or in a general policy-setting proceeding. On several occasions, how-
ever, the CPUC has used attrition proceedings to authorize revenues
for utility programs not considered in the GRC. Thus, attrition pro-
ceedings have sometimes resembled mini-rate cases rather than
mechanical, simplified proceedings.

In California attrition includes operational and financial compo-
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nents. Operational attrition adjusts for the utility’s cost of service in
years between rate cases. Operational attrition is generally divided into
expense and capital. The expense portion of attrition allows for infla-
tion on certain expenses and considers the impacts of productivity and
customer growth on base-rate expenses. The capital portion of attri-
tion, sometimes called rate-base attrition, accounts for changes in the
rate base resulting from forecasted plant additions.

Financial attrition® compares a utility’s debt and equity returns to
changing financial markets. The original intention of financial attrition
was to compensate the utility for exogenous changes in financial mar-
kets, particularly interest rates. The proceeding has recently been
expanded to include a review of the equity returns of utilities, and
financial attrition hearings are now held annually. This annual realign-
ment of the rate of return has arguably produced a further reduction of
financial risk to electric and gas utilities in California.

Authorized base-rate revenues change at least once a year as a
result of GRCs or attrition proceedings. Rates are always set using the
latest available sales forecast, typically the one generated in the most
recent ECAC proceeding. Because changes to base-rate and ECAC
revenue requirements occur at least once a year and not necessarily at
the same time, tariffed rates change at least once a year.

ERAM Linkage to Attrition

There is an important link between ERAM and attrition. In states with-
out attrition, the ratemaking process assumes an implicit relationship
between sales and costs. In such states, a utility’s costs may increase
between GRCs, but the utility has a fair opportunity to earn its autho-
rized rate of return because increased revenues from increased sales
roughly cover the additional costs. This assumed relationship helps
explain why states that have no attrition and use historical test years
have comfortably set rates for many years, although the test year data
do not produce accurate estimates of a utility’s future costs.

ERAM breaks the implicit linkage between sales and per-unit
base-rate costs. Because the test year revenue requirements are accu-
rate only for the test year, this decoupling challenges the accuracy of
the authorized base-rate revenue requirement in the years that follow
the test year. Attrition partially recouples revenues to costs by adjust-
ing the revenue requirement for estimated changes in costs associated
with inflation, productivity, and customer growth.

* Financial attrition is also known as the annual cost of capital proceeding.
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ECAC/AER

Fuel-related costs, including payment to nonutility generators
(NUGs), are recovered in rates set in the Energy Cost Adjustment
Clause (ECAC) proceeding (Ameer 1989). In the ECAC, differences
between authorized and actual fuel costs are tallied in a balancing
account and amortized in future rates. During much of the 1980s, a
fraction of the fuel budget was withheld from the ECAC balancing
account and collected in an Annual Energy Rate (AER). The AER is a
fixed fraction of fuel costs for which the utility, rather than the rate-
payer, is liable. The AER provides an incentive for utility management
to minimize fuel costs. However, because of the difficulty in forecast-
ing fuel costs, the AER was often inaccurate and the CPUC frequently
suspended it, and in August 1990, the CPUC suspended the AER indef-
initely. As an incentive mechanism, the AER clearly failed.

Utilities may file ECAC filings as often as twice a year, although
the typical frequency is once per year. Sales forecasts made as part of
the ECAC proceedings provide a convenient source for determining
the ERAM rate.

Development of ERAM
Origin of ERAM

The idea of decoupling revenues from sales has its origins in the regu-
lation of the natural gas industry. Since 1978, California has balanced
gas utility revenues to make utilities indifferent to the actual level of
sales relative to forecast levels (Barkovich 1989). RDMs were adopted
for California gas utilities partly to promote conservation but mostly to
reduce the utility revenue variability that was caused by weather-
sensitive customer demands along with the natural gas supply curtail-
ments of the late 1970s.°

In electricity, the CPUC first considered a decoupling mechanism
as part of a landmark rate case for PG&E in late 1981 (CPUC 1981).
Costly delays in nuclear construction had left California’s utilities in
financial difficulty and the state faced an imminent generating capacity
shortfall. PG&E pleaded for significant rate relief and for the adoption
of various regulatory reforms that would ease the company’s debt bur-

4 In other states, ECAC-like mechanisms are commonly known as fuel adjustment
clauses, fuel cost adjustments, or fuel offset mechanisms.

5 Since 1988, RDMs have been partially eliminated for large natural gas customers as a
way to give natural gas utilities an incentive to lower transportation costs and to maximize
system sales.
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den and raise its rate of return. The prime interest rate stood at 19%;
avoiding borrowing for capacity additions was the paramount goal. In
this economic climate, eliminating disincentives to conservation was
imperative, as well as stimulating development of independent sources
of generation. In its rate case decision, the Commission did two things
to help PG&E’s financial health: it granted a higher rate of return and
it adopted ERAM (CPUC 1981). The language of the decision indi-
cates that ERAM was adopted as much for financial reasons as it was
to promote conservation.

PG&E had proposed ERAM in its rate case filing, and its proposal
received support by the CPUC staff and the California Energy Com-
mission staff, although their proposed mechanisms differed slightly.
ERAM was later adopted for the two other major California investor-
owned utilities (JOUs), Edison and SDG&E, and finally, for SPP and
PP&L. The five major IOUs together account for about 80% of elec-
tricity sales in the state.

Mid-1980s ERAM Review

Conditions in the industry looked quite different in 1985, when the
CPUC initiated a seminal review of ratemaking in the state. The addi-
tion of three large nuclear plants partially or wholly owned by Califor-
nia utilities, and the unexpectedly rapid emergence of NUG capacity,
had produced a comfortable level of capacity. Furthermore, fuel prices
had fallen, and the competition created by the emerging NUGs made
utilities more rate conscious. ERAM was being reviewed in a different
environment from the one into which it was introduced.

A thorough analysis of the incentive structure created by ERAM
formed a central part of the Commission’s investigation (CPUC 1985,
1986). Commission staff member Mark Ziering wrote a comprehen-
sive survey of the key issues, which was attached to the initial Order
Instituting Rulemaking (OIR) issued by the Commission (Ziering
1986). According to Ziering the era of ERAM was over, and the press-
ing need of the time was preventing uneconomic bypass, which occurs
when large customers generate their own power although they could be
served less expensively by a utility at a price above its marginal pro-
duction cost.® Customers would be best served, Ziering argued, if the
state’s JOUs were freer to make the favorable agreements with cus-

6 Since fuel costs are passed through to ratepayers in the ECAC process, the marginal
production cost that an IOU is at risk for is trivial. However, the CPUC had decided that no
sales should be made below the average fuel cost of generation so that marginal production
cost would be approximated by the average ECAC fuel cost.
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tomers that bypass prevention demanded. Such a role for the utilities,
however, is quite inconsistent with ERAM, as Ziering noted:

The current ECAC and ERAM mechanisms, however, largely insulate
utility earnings from changes in sales volumes. If utilities fail to take
actions or to grant discounts where these are needed, or grant larger dis-
counts than are required, there is no immediate effect on their earnings.

Ziering foresaw a strong incentive for the utilities to actively market
their power if ERAM were eliminated. Removing ERAM would
encourage the utilities to find customers for the electricity generated by
their excess capacity, and this would benefit all ratepayers. All parties,
like Ziering, emphasized the dangers of uneconomic bypass and the
need to fully use the state’s adequate supply resources; however, Zier-
ing specifically pointed out the incompatibility of ERAM with these
goals, placing its elimination firmly at the top of his list of priorities:
“The most pressing [change] . . . to the current regulatory system is
the elimination of ERAM and attrition mechanisms.” The emphasis
given to this proposal is noteworthy in a document that reviews vir-
tually every aspect of ratemaking in the state.

Move to Eliminate ERAM

Partial ERAM Removal. The Commission, after a lengthy period
of consideration, including a pivotal en banc hearing in March 1987,
decided to partially adopt Ziering’s recommendation that ERAM and
attrition be eliminated (CPUC 1987). The Commission explicitly rec-
ognized that for a considerable period conservation efforts would be
scaled back and, consequently, the need for ERAM diminished. Elim-
inating ERAM was consistently opposed by environmental groups,
notably the Natural Resources Defense Council (NRDC), which ques-
tioned the conventional wisdom that the state’s capacity glut would last
for some time.

The Commission chose to distinguish the Large Light and Power
customer class (LL&P) from other ratepayers, ruling that ERAM
would be eliminated for LL&P but retained for other customer classes.
This compromise, the Commission argued, would retain the correct
conservation incentives for the latter classes of customers, while
exposing and conditioning the utilities to competition among LL&P
customers. The date set for the partial removal of ERAM was April 1,
1988. The separation of LL&P customers from the other rate classes
was natural, given that most of the arguments in favor of ERAM elim-
ination had focused on LL&P customers and that uneconomic indus-
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trial bypass was a primary concern at that time. Industrial customers
were perceived as both the problem, since they posed the most credible
bypass threat, and the potential solution, since their demand could
quickly increase and exhaust the excess supply.

Implications of CPUC Decision. Despite the apparent simplicity
of the CPUC’s decision, it was actually radical. It proposed, in effect,
to create a split utility that would act as a traditional utility subject to
preexisting ratemaking, including ERAM, towards non-LL&P cus-
tomers. Simultaneously, however, the utility was to act like a tough
competitor towards its LL&P customers, fending off both the bypass
threat and competition from other suppliers. The Commission essen-
tially proposed institutionalized price discrimination. In the inelastic
market segment—non-LL&P customers—total recovery of all autho-
rized costs would be guaranteed by ECAC and ERAM. In the more
elastic LL&P segment, the utility was to be allowed to discount to
retain profit from incremental sales, on the theory that shareholders
would have adequate incentive to maximize revenues without ERAM.

Many participants, particularly the utilities, felt implementing the
Commission’s decision would pose a great administrative burden.
Ziering, in fact, had considered such a policy and predicted that it
would result in “. . . the most complex system to date” (Ziering
1986).

Reversal on the Decision to Remove ERAM. Implementation was
to begin with hearings scheduled for July 1988. The definition of the
LL&P class became generalized to include all customers with peak
demands over 1 MW, and the implementation date slipped into 1990.
However, the hearings were never held, and one by one the interested
parties began appealing to the Commission to reverse its ruling. There
were behind-the-scenes negotiations on how ERAM should be
reformed, if at all. The first formal evidence that these talks had led to
a quiet Commission reversal came in a December 1988 decision
(CPUC 1988). This decision reports a stipulation among parties active
in the rulemaking process that essentially abandons the attempt to
remove ERAM, reporting two key points to justify the change:

First, it [the stipulation] concludes that “the likely level of any future
uneconomic bypass can be dealt with under current procedures” without
developing different treatment for a newly created less restricted class
(LRC) of large customers.

Second, the stipulation states that segregating the LRC for differ-
ent treatment requires “a very complex ratemaking structure with
potentially conflicting incentives,” and the parties recommend that the
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Commission not pursue its development of the separate LRC (CPUC
1988).

The first statement is supported by the absence of a significant rush of
customers to generate their own power. This statement generally
reflected the understanding that the Commission’s move towards more
cost-based ratemaking structures had not caused major disruption in
the industry. The second statement supported the argument of ERAM
advocates that partial elimination would produce contentious rate pro-
ceedings and create additional layers of regulatory accounting.

In later comments on the rulemaking proceeding filed with the
Commission by the three major IOUs, their determination to keep
ERAM is obvious. PG&E, for example, argued vehemently for a sta-
tus quo approach:

In PG&E’s view, the current ratemaking mechanism [that includes
ERAM] is a progressive approach to regulation that has been proven to
be beneficial to ratepayers by providing utilities with incentives to keep
rates down while offering innovative rates and demand-side manage-
ment options. (Woo and Peters 1989)

In the end, the status quo prevailed.

ERAM Status Quo

The CPUC officially changed its position on eliminating ERAM in
May 1989 (CPUC 1989). ERAM remains embedded in the CPUC’s
regulatory framework for major electric utilities. Ziering’s recommen-
dation to completely remove ERAM and attrition for the major com-
panies is no longer under direct consideration, and no party has
successfully argued that overcoming the practical barriers to imple-
menting a partial ERAM is worthwhile. Also, memories have been
short with regard to the financial benefits the first drafters of ERAM
intended. While the state’s utilities no longer need this support, they
respond strongly to a threat of its removal. The conservation lobby has
also been effective in its consistent support for ERAM.

Weak Opposition to ERAM. Two parties are potential losers as a
result of ERAM: ratepayers, due to the transfer of sales risk from the
utility in the form of more variability in rates; and NUGs, because they
compete with utilities, for which ERAM provides a financial edge. In
general, however, opposition to ERAM has been weak.

There are three possible reasons why opposition from small rate-
payer groups is weak. First, the net effect on rates of ERAM is small
and attracts little attention. Second, if ERAM does lower the utility’s
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capital costs, this benefit may well be captured by ratepayers.” Third,
ERAM removes the sales forecast as a major point of contention in rate
cases; this may be seen as a significant benefit by small ratepayer
groups, since their resources for participating in rate cases are limited.

The lack of opposition in California from large customer groups is
perplexing, since industrial rates are relatively high (Marnay 1989),
and industrial customers elsewhere, notably in New York, have bitterly
opposed RDMs. The most plausible explanation is that large cus-
tomers can avoid full tariffed rates. The Commission has offered a
number of loopholes utilities can use to offer lower rates to large indus-
trial customers, such as through individually negotiated contracts. A
second loophole is adoption of an interruptible tariff. These tariffs are
much cheaper than firm rates and the risk of interruptions is extremely
low, due to the state’s ample supply.

NUGs are losers since ERAM helps utilities financially, giving
them a competitive edge; however, NUGs tend to have mixed goals.
First, NUGs have generally received favorable treatment from the
CPUC, so they are not directly competing with the utilities. Second,
their longer-term goal to be free to compete with the IOUs must be
tempered by a shorter-term need to maintain the utilities as financially
healthy buyers of their output. Finally, the guaranteed market that
NUGs enjoy gives them some advantage in raising capital (Pearl and
Luftig 1991).

New Ratemaking Directions. In any event, the nature of the debate
over ratemaking reform has changed since 1989. The main focus has
shifted from ERAM towards renewed interest in DSM, including
demand-side bidding and performance-based ratemaking (SCP 1990;
see also Chapter 6). Most significantly, after the hot summer of 1988
and the permanent closure of the Rancho Seco nuclear generating sta-
tion in 1989, the state was again approaching capacity shortfalls. Envi-
ronmental issues, notably the state’s infamous air quality, also received
renewed attention. A determination to reverse the state’s slide in DSM
spending followed (CEC/CPUC 1988, Calwell and Cavanagh 1989,
Messenger 1989). Additionally, the bypass threat has subsided, reduc-
ing the pressure for lower industrial tariffs.

Elimination of ERAM for PP&L. Tronically, about the same time
that the decision to defer modifying ERAM for the state’s major elec-
tric utilities was issued, the CPUC granted the request of Pacific Power

7 No attempt has been made by the authors to quantify the impact, if any, of ERAM on
authorized rates of return. Because of the many factors that affect utility risk, a quantitative
estimation of ERAM’s effect would be difficult.
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and Light (PP&L) to eliminate ERAM entirely. PP&L argued that
ERAM produces rate instability by causing frequent rate changes and
reduces its incentive to offer competitive rates.® The Commission
granted PP&L’s request on the condition that PP&L not reduce its
efforts to promote conservation in California. To this end, PP&L was
ordered to file a plan to link earnings in California with its DSM efforts
(CPUC 1990a). While PP&L has a small service territory within the
state, the Commission’s decision in this case shows that it will support
the elimination of ERAM if there are other mechanisms to ensure util-
ity commitment to conservation.

Developments in Other States

RDMs are being considered in several states and the number adopting
them is growing. As of this writing, RDMs have been adopted in New
York, Washington State, and Maine. After California, New York is
farthest along in implementing decoupling mechanisms. Although
New York established conservation-specific revenue adjustment mech-
anisms for its electric utilities in 1989 (Cole and Cummings 1990), it
shifted to an RDM for Orange and Rockland Utilities (O&R) in 1990
(NYPSC 1990) and for Niagara Mohawk in 1991 (NYPSC 1991). The
O&R mechanism is described in Chapter 7. A continuing generic
investigation into incentives for conservation programs (NYPSC
1989), as well as rate reviews of individual utilities, may lead to the
adoption of RDMs for other electric utilities in New York.

In contrast to California, RDMs face stiff opposition in New York
from large industrial customers who argue that RDMs reduce a utility’s
incentive to minimize costs because it is no longer at risk for lost sales.
Further, because RDMs have been combined with positive incentives
for DSM, industrial customers believe they will be forced to subsidize
programs that largely benefit customers in other classes (Murray
1991).

Effects of ERAM

Removes Conservation Disincentive

The conservation argument holds that without ERAM, a California
utility encounters three incentives that may have adverse effects on
conservation policy goals. First, between rate cases, the utility has an

&  Unlike the larger electric utilities in California (PG&E, SCE, and SDG&E), PP&L is
not subject to the general rate case and attrition plan. Thus, with the elimination of ERAM,
PP&L would no longer be required to make annual changes to its base rates.
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incentive to sell as much power as possible, as long as rates exceed the
marginal cost of generation. The revenue gained from selling a kWh
above the forecast level represents a direct contribution to the compa-
ny’s profits. Second, cost-cutting between rate cases benefits the utility
because rates have been fixed assuming the higher costs. Conservation
expenditures can be axed, like any other element in the company bud-
get. Third, when costs of a conservation program have been added to
customer rates, the utility benefits if the program fails to deliver the
conservation promised. In this way the utility recovers the costs of the
program yet avoids the revenue loss its success implies.

There is little doubt that ERAM does the job with respect to the
first and third perverse incentives. Since under ERAM, the utility
should be indifferent to its sales level, the utility is not punished for
effective conservation programs, and its incentive to market power
between rate cases is eliminated. It cannot be said, however, that
ERAM provides a strong incentive to promote DSM when its primary
effect is to remove disincentives against pursuing DSM. Positive
incentives for DSM depend on favorable treatment of DSM
investments.

Turning to the second perverse incentive, in California,
conservation-related costs have been traditionally passed through as
expenses and not given recovery as a rate base investment, although
both accounting methods are used. Therefore, even with ERAM, the
utility can benefit by reducing program spending, although the ability
to do so is limited by prudence review. Further, as described in Chapter
6, California has recently adopted positive incentive mechanisms such
as shared savings programs (SCP 1990, CPUC 1991).

Finally, discouraging utility marketing is not unambiguously
good. Electrification of vehicles and industrial processes can offer real
benefits, such as cleaner urban air (CEVTF 1989). Inhibiting interfuel
competition by discouraging electric utility marketing without equiva-
lent constraints on other energy companies could lead to an undesir-
able societal energy mix.

Impedes Deregulation

The most disturbing problem with ERAM is its effect on emerging
competition in the industry. ERAM was introduced and survives using
the economics of traditional regulated monopolies. Contemporary util-
ities, however, are not natural monopolies in all sectors of the electric-
ity market but face stiff competition from bypass, independent power
production, and even from independent sources of DSM (DeForest et
al. 1990, Plummer and Troppmann 1990). Explicit or implicit in most
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discussions of electric power industry deregulation is the assumption
that if fair rules regarding the entry of independent power producers
and rules regarding transmission access are established, then a viable
competitive market will be created. Commentators on deregulation
have generally failed to recognize the importance of the existence of
ERAM; even writers describing the California industry give it minor
consideration (Plummer and Troppman 1990, Friedman 1991, Gilbert
1991). In fact, ERAM creates an uneven playing field at the outset,
because a company that is protected from the effect of sales variations
simply is not competing fairly in a free market.

Two aspects of this imbalance merit special attention. First, under
ERAM, a utility has a guaranteed revenue stream; it is therefore a
lower risk investment than a directly competing NUG and enjoys an
unfairly low cost of capital. Second, the company has no incentive to
be a tough negotiator with bypassers or to be tough in other contract
negotiations affecting sales, to the detriment of ratepayers.

The latter problem was exemplified by the special contracts policy
of the CPUC (Marnay 1989). Beginning with its proposed rulemaking
to eliminate ERAM, the Commission clearly indicated its interest in
negotiated rates to reduce uneconomic bypass. The utilities, in turn,
actively pursued special contracts. PG&E, for example, negotiated
more than ten special contracts between 1986 and 1988. The utilities’
motives for negotiating the contracts were more strategic than finan-
cial, as ERAM was still in force.

When it became apparent in 1989 that ERAM would not be elim-
inated, the CPUC reviewed the special contracts in some contentious
proceedings. It found several of PG&E’s contracts unreasonable
because they did not ensure that prices were above marginal cost
(CPUC 1990b). This hindsight review, necessitated by ERAM, signif-
icantly reduced utilities’ interest in signing more special contracts and
thus confounded the Commission’s bypass policy. The special con-
tracts experience underscores ERAM’s wide-ranging impact on utility
risk and the difficulty of anticipating its full effect on new regulatory
policies.

Encourages Financial Health

ERAM eliminates the potentially adverse effects of losses of sales
from DSM and also automatically adjusts for other effects on sales,
including weather fluctuations and the business cycle. This guarantee
of revenues reduces the variability of earnings under unpredictable
conditions and thus contributes significantly to utilities’ financial
health. The primary benefit of utility financial health is a lower cost of



California’'s ERAM Experience — 55

borrowing; whether such benefits accrue to ratepayers depends on the
extent to which lower capital costs are reflected in rates.

While logically the stability of revenues guaranteed by ERAM
must have improved the financial position of the California utilities,
there are no empirical estimates of this effect. The CPUC clearly is
proud that California’s IOUs are generally financially healthy, and
recent ratings by Wall Street advisors rank the CPUC quite favorably
relative to other states.® Certainly, the aggressiveness of prudence
" reviews in the state and the interventionist regulatory approach temper
the generosity of California’s ratemaking mechanisms. ERAM would
likely be a bigger boon to utilities in states without this tradition. The
strength of utility opposition to eliminating California’s ERAM con-
firms that ERAM serves their interests.

Redistributes Risk

It should be clear that ERAM alters the risk environment for an electric
utility. If there is a fuel adjustment mechanism as in California, the
company is already free of the risk of fuel cost escalation. If ERAM is
also in place, the utility additionally receives blanket protection from
the potential effect of sales variations. These two mechanisms together
represent a powerful boon to an industry that cannot adjust its prices in
the short run to reflect changing costs.

Consider ERAM’s importance to a utility. One of the utility’s
major sources of risk, that projected sales to which revenues are tied
will not materialize, is completely eliminated. Traditional issues such
as weather fluctuations, recessions, and conservation impacts evapo-
rate. ERAM and ECAC shift these risks to ratepayers because fluctua-
tions automatically result in rate changes. There may be some benefit
for the customer because a healthier utility can raise capital at a lower
interest rate. The question of whether the resulting risk redistribution
has benefitted ratepayers has not been answered in California.

Beyond the boundaries of regulated utilities, the issues are fuz-
zier. If ERAM deters competition in the industry, then the customer is
denied both the benefits and the costs of competition. Many analysts
in the industry believe that the introduction of competition will bring
net positive benefits for customers (Primeaux 1986, Hamrin 1990,
Mead and Denning 1990). It would be unfortunate if ERAM prevented
this.

9 Of all state public utilities commissions, California ranked in the top five in an inves-
tor rating system published by Merrill Lynch & Co. (Merrill Lynch 1991).
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Other Effects

Removes Forecast Gaming Incentive. When ratemaking relies on
forecasting, utilities can gain by effective sales forecast gaming. For
the utility, an unforecast sale is as good as an additional sale, so it will
attempt to underforecast sales before a rate case and promote sales
after it. By guaranteeing that the utility will exactly recover its revenue
requirement, the incentive to game with the sales forecast is elimi-
nated. Further, ERAM makes this aspect of the ratemaking process
less contentious and, potentially, more efficient. Forecasting is central
to California regulation because the state uses a forecast test year and
a forecast revenue requirement.

Creates Its Own Constituency. Like any other policy, ERAM has
developed a life of its own in California. ERAM, a familiar and trusted
friend that has provided significant benefits to the utilities, generated
strong resistance to its proposed removal. Conservation groups, CPUC
staff,’® and other California state agencies have testified in favor of
keeping ERAM. Also, as mentioned above, those groups, notably
NUGs and large customers, who may have provided more opposition
to ERAM have been mostly silent in California. Additionally, the
argument that partial elimination of ERAM would be administratively
burdensome has been powerful.

Encourages Innovative Ratemaking. One potential source of reve-
nue variability that merits special attention is the consequences of
imperfect, or experimental, ratemaking. If the base rate set in the GRC
is incorrect due to forecasting error, the subsequent miscollection of
revenues will accrue in the ERAM balancing account, so the utility is
not affected by forecasting inaccuracy. It has been argued, especially
by the utilities, that this ERAM benefit has improved the efficiency of
the regulatory process by minimizing ratemaking disputes. With
regard to experimental rates, the CPUC has been a national leader in
introducing marginal-cost-based ratemaking, as well as interruptible
tariffs and time-of-use rates. Such rates often rely on demand parame-
ters that are difficult to forecast, such as on-peak demand. These rate-
making innovations might not have developed if the California utilities
had not had ERAM to insulate them from forecasting error.

Requires Attrition. The argument that ERAM would be unfair
without attrition is apparently valid. If a utility’s base revenue were
fixed, as it would be under ERAM without attrition, increases in costs

10 CPUC staff are currently divided on the issue of whether to retain ERAM.
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between general rate cases due to addition of customers or inflation
would not be recouped. Adding of the attrition mechanism to ERAM
reestablishes the link between costs and revenue.

Encourages Regulatory and Administrative Efficiency. With
regard to eliminating the incentive to game forecasts, and eliminating
fear of inaccurate ratemaking, it merits repeating that ERAM reduces
the contentiousness of regulatory proceedings. Additionally, the
ERAM account has been used as a convenient catchall account for
minor ratemaking adjustments. Small corrections to rates are made by
credits or debits to the ERAM account since these sums will eventually
get rolled back into rates in future ERAM adjustments. ERAM, then,
is useful for achieving regulatory efficiency.

Further, within the California regulatory context, ERAM is inex-
pensive and easy to administer. It does involve some additional
accounting and creates some confusion in ratemaking due to different
implementations by the utilities. However, from the conservationist
perspective, these are trivial costs if the alternative is policing utility
conservation programs in the field to ensure adequate performance.

Conclusions

Lessons for California

California’s ratemaking and regulatory structure consists of unique
procedures, policies, and mechanisms. Lessons from operating
ERAM in the state can only be understood in this specific context.

ERAM protects the utilities from rate-of-return reductions that
result from sales falling below forecasts. In the absence of ERAM, the
erosion of earnings could be significant and would deter conservation
programs. However, sales losses come from many sources, and it is not
clear that current California policy goals justify protecting utilities
from sales loss or gain. Conservation programs are different because
they pose only downside risk to utilities. Unlike weather, the business
cycle, and other causes of sales fluctuation, if conservation works, it
affects sales only in one direction. While trying to correct for this phe-
nomenon may be a reasonable policy goal, ERAM does it by providing
blanket protection against all sales risk. There can be no clear guid-
ance regarding the appropriate split of risk between utility and cus-
tomer. Allowing the utility to bear additional risk has some negative
effects, notably higher costs of borrowing and, as a result, higher rates.
Conversely, shielding the utility from risk diminishes its commitment
to operating efficiency and gives it an unfair advantage compared to
NUGs.
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Looking forward, ERAM may be a source of policy conflicts. The
aim of separating large customers from small ones and applying
ERAM to revenues only from the latter category has not been realized
in California. Not only does such a plan impose significant administra-
tive burdens, it represents a radical departure from traditional ratemak-
ing, leading to complex, contentious cost allocation and oversight
problems. ERAM is a mechanism that belongs to the era of the highly
protected utility. Given that the financial health of the industry has
improved, and that the overall trend in regulation is to make utilities
more competitive, ERAM runs counter to wider regulatory goals of
fostering competition, which could benefit ratepayers.

Finally, it should be emphasized that information about the impor-
tance of ERAM is limited. Even in the state of its birth after ten years’
experience and study of its effects, knowledge of ERAM is limited to
analysts who work directly on ratemaking matters. This lack of aware-
ness has contributed to the adoption of poorly designed regulatory pol-
icies, such as the special contracts policy.

Lessons for Other States

Other states considering ERAM should recognize the need for some
method to adjust the revenue requirement in response to load or cus-
tomer growth. Otherwise, ERAM would simply be unfair to a growing
utility. A revenue-indexing mechanism that allows partial recoupling
of revenues to costs is one possible solution. It is essentially the strat-
egy adopted by the CPUC in its attrition proceeding and by New York
in its RDM mechanism. Annual rate cases are another possible way to
partially recouple revenues to costs. A simplified attrition mechanism
based on the growth of customers in the utility’s service territory is yet
another possible solution, as described in Chapter 4. These mecha-
nisms can be used by states that set rates using forecast test years and
by states that use historical test years. States with historical-test-year
ratemaking will need an attrition or indexing mechanism that adjusts
the revenue requirement for the first year rates are in effect, because
the revenue requirement will likely be an inaccurate measure of future
costs. States that conduct future-test-year ratemaking should, by defi-
nition, have a reasonably accurate revenue requirement for the initial
year, but adjustments to the revenue requirement will be needed for
subsequent years.

Caution should be used when projecting results of California’s
ERAM experience to other states. No regulatory mechanism operates
in a vacuum, and the importance of deviations in local conditions from
those prevailing in California must be taken into account. The forecast
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test year, the central role of forecasting in ratemaking, the existence of
ECAC, and the use of attrition, in particular, are conditions that have
an impact on the operation of ERAM. California’s proactive-yet-pro-
tective regulatory philosophy and its large regulatory staff are signifi-
cant. The effects of an ERAM mechanism in another state might be
quite different.
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Chapter 4

Revenue-per-Customer
Decoupling

David Moskovitz and Gary B. Swofford

Introduction

Chapter 3 described how California’s Electric Revenue Adjustment
Mechanism (ERAM) decouples utility profits from sales. ERAM is
useful in states that rely on future-test-year (FTY) ratemaking. This
chapter describes another decoupling method that can be used in either
FTY or historic-test-year (HTY) jurisdictions.

Principles of Historic- and Future-Test-Year
Ratemaking

Historic-test-year ratemaking assumes that a recent historic period,
adjusted for normal conditions and updated for known and measurable
changes, provides a reasonable basis on which to establish the relation-
ship between prices and revenues compared to expenses and
investment.

At the end of a rate case, regulators decide how much revenue the
utility should have been allowed to collect from customers during the
historic test year. Then regulators establish electricity prices that, if
charged during the historic period, would have collected that revenue
from customers. Note that regardless of any adjustments made during
the course of the rate case, the allowed revenue is not the same as the
revenue the company will collect in subsequent years when the new
rates will be in effect.

When prices have been set, utility revenues are solely a function
of sales. Because sales levels in the rate year (the first year the new
rates are in effect) and beyond will usually be higher than during the

63
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historic test year, the actual revenue collected will normally be higher
than allowed revenue; the amount depends on the exact sales level.

In theory, revenue from increased sales will not result in higher
profits because higher revenues will be offset by cost increases. His-
toric ratemaking assumes a proportional relationship between sales
growth and expenses. This critical assumption, rarely tested or ques-
tioned, is a key justification for “coupling” profits to sales; however, a
close examination of this cost/sales assumption casts doubt on its
accuracy.

While the mechanics of FTY and HTY ratesetting differ, the fun-
damentals are the same. Historic-test-year ratesetting depends on a
historic period to establish the revenue/cost relationship and prices.
Once approved by regulators, prices stay unchanged for the indefinite
future. Future-test-year ratesetting relies on a forecasted test period to
do the same thing: establish a revenue/cost relationship to establish
prices that are allowed to operate into the indefinite future.

In addition, unlike HTY procedures, the FT'Y process includes an
estimate of the revenue the utility will receive the first year rates are
expected to be in force. This forecast of revenue makes decoupling
with an ERAM-type mechanism possible (see Chapter 3). The lack of
a revenue forecast in a historic-test-year jurisdiction precludes using
ERAM-type approaches. The revenue-per-customer approach
described in this chapter provides a means to decouple profits from
sales in both HTY and FTY jurisdictions, which is important because
most states use a HT'Y ratesetting process.

Development of the RPC Approach

The revenue-per-customer (RPC) approach is an alternative decou-
pling option, developed especially for states using HTY ratesetting. In
these jurisdictions, severing the sales/revenue link means that a new
mechanism is required to allow HTY revenues to grow and keep pace
with cost growth and increased energy service demands in the rate year
and beyond. If revenue growth is “recoupled” to something other than
sales levels, it must be to something that makes economic and policy
sense.

It was first suggested in Profits and Progress Through Least- Cost
Planning (Moskovitz 1989) that permitting revenues to grow in pro-
portion to customer growth instead of sales would effectively decouple
profits from sales.

Linking revenue levels to customer growth is equivalent to allow-
ing the utility to recover a fixed amount of revenue per customer. If a
utility is allowed a specific amount of money for meeting a consumer’s
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energy service needs, the utility will have an incentive to meet those
needs at the lowest possible cost. The difference between the revenue
the utility receives from the customer and the cost incurred by the util-
ity to serve the customer is the utility’s profit. The utility’s financial
incentive is clearly consistent with least-cost planning.

.In practice, it would be necessary to determine if the customer/
cost relationship using the RPC approach produced a “reasonable”
result compared to traditional sales-based regulation. This outcome
would permit the RPC approach to satisfy the regulatory test of reason
(“just and reasonable”) and protect consumer interests.

In 1990, Puget Sound Power and Light Company (Puget Power),
the largest investor-owned utility in the state of Washington, was
encouraged by the Washington Utilities and Transportation Commis-
sion (WUTC) to explore the feasibility of the RPC decoupling
approach.

The first step in developing an RPC mechanism was to divide
Puget Power’s costs into two broad categories, defined in Washington
State as “base” and “resource” costs. Other jurisdictions often label
these costs “non-fuel” and “fuel” costs. This step was necessary in
Washington because at the time, no fuel or purchased power clause
existed.'

Resource costs include fuel, purchased power, and conservation-
related costs. As is the case in most other states, Puget Power will now
recover these costs separately through an annual adjustment mecha-
nism that operates independently from the RPC mechanism. All
remaining costs, which most states call “non-fuel” costs, were classi-
fied as base costs.

An equivalent base/resource or non-fuel/fuel cost division occurs
under ERAM. Fuel and similar costs are treated separately using a fuel
clause. Only non-fuel, or base costs, are subject to the ERAM process.

Once the relevant costs were identified, Puget Power analyzed the
historic relationship between its base costs and kilowatt-hour sales,
and compared these costs with the number of customers.

Data on sales (both weather and non-weather adjusted), customer
count, and base costs were collected for the most recent 15-year
period. As a first step, simple regression analyses identified the long-
term historical relationships between base costs (the dependent vari-
able) and sales and customer count (the independent variables). More
sophisticated regressions designed to test and adjust for autocorrelation

1 Although lack of a fuel or purchased power clause was an issue, the Washington expe-
rience showed that it was not a barrier to adapting the RPC approach.
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Table 4-1. Regression Analysis Results for 1972 Through 1989, Simple and
Time Adjusted

Regression R?
Sales vs. base costs (simple) 91
Customers vs. base costs (simple) .96
Sales vs. base costs (time adjusted) .97
Customers vs. base costs (time adjusted) .99

were also performed.? The results of the latter analyses are called
“time adjusted.” .

The results of these analysis are shown in Table 4-1.°> Both on a
simple and time-adjusted basis there is a reasonably strong statistical
correlation between sales and base cost growth. There is, however, an
even more substantial relationship between customer levels and move-
ment in actual base costs.

Additional studies assessed the statistical relationships between
annual changes in base costs, and annual changes in both sales and
customer levels. Analyses of yearly variations are useful because one-
and two-year time intervals typify the periods between general rate
cases. These studies showed that over a short period of time, utility
base costs were not directly related to sales growth or customer
growth.

The lack of a short-term relationship between base costs and sales
levels is consistent with experience in rate cases. For example, in FTY
jurisdictions (except California) utilities usually argue that sales will
be low, while consumer advocates argue that sales will high. Both par-
ties know that the utility’s base revenue requirement will not be
affected by which sales forecast is adopted. With the numerator of the
price-setting formula fixed (price =revenue/sales), prices will be high-
est with the lowest sales estimate. The utility, of course, prefers high
prices because without decoupling, actual revenues depend on actual,
as opposed to predicted, sales.

2 Regression analysis performed on time series data frequently exhibits autocorrelation.
This means that the apparent relationship between the dependent variable (costs) and the
independent variable (customers or sales) may be distorted by the effect of time. Standard
statistical techniques can measure and correct for this imprecision.

3 The crucial value in this table is (“adjusted”) R?, which represents the proportion of
the variability in base cost “explained” by the impact of the independent variable, cus-
tomers or sales. The closer R? is to 1.0, the stronger the statistical relationship between the
dependent and independent variables.
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Table 4-2. Central Maine Power Company Regression Analysis results

Regression R?
1972-1989
Sales vs. costs .98
Customers vs. costs .98
"Annual changes
Sales vs. costs 12
Customers vs. costs .22
Biannual changes
Sales vs. costs .33
Customers vs. costs 42

The analysis of historical cost, sales, and customer count data
leads to two conclusions:

* In the long run the relationship between cost and customer growth is
stronger or no worse than the corresponding relationship between
costs and sales.

* The short-run analysis of year-to-year changes in sales vs. base costs
shows no statistically significant relationship. Yet, as previously
described, the assumed existence of a strong correlation between
these two factors is the foundation of traditional sales-based
regulation.

Similar statistical studies have now been performed on data for
other utilities. Relationships between utility costs, sales growth and
customer base have been analyzed for Potomac Electric Power, Central
Maine Power, Public Service of Colorado, and the New England Elec-
tric System. Although the results differ among the utilities, the general
conclusions are the same. Each study has shown that over long periods
of time, “decoupling” revenue from sales and “recoupling” revenue to
customer growth has a statistical basis that is at least as good as the
existing system. For example, the short-run analysis of Central Maine
Power showed a significantly stronger relationship between customer
and cost growth than between sales and cost growth. The R? results
from 1972 to 1989 were similar to those of the Puget Power study. The
results for Central Maine Power are shown in Table 4-2.

Building on this statistical analysis of historical costs, Puget
Power next analyzed the effect of an RPC decoupling plan using a
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financial simulation model to forecast revenues and costs under con-
ventional regulation and under a hypothetical RPC approach. The
analysis established that the RPC approach would not produce a wind-
fall for consumers or Puget Power.

Mechanics of RPC

General rate cases proceed according to current methods. No addi-
tional conflicting issues are injected into the process and the timing of
rate cases continues on an “as needed” basis. The only added require-
ment is the establishment of the utility’s average allowed base (non-
fuel) revenue per customer. The data required to construct this measure
are already available in the ordinary course of rate cases in the form of
allowed revenues divided by the average-test-year customer count.
Revenue per customer is computed by dividing allowed revenues by
the test-year number of customers:

Test-Year Allowed Revenues

=Revenue per Customer
Test-Year Customers

The allowed revenue per customer remains fixed until the next
general rate case. The need for periodic general rate cases will con-
tinue. The RPC decoupling method is not designed to change the
length of time between general rate cases. The utility remains free to
initiate a general rate case if its financial condition requires it. Like-
wise, the regulatory commissions, public advocate, or others may ini-
tiate a rate proceeding if utility earnings are perceived to be excessive.

On April 1, 1991 Puget Power’s proposal was approved by the
WUTC. A similar approach was adopted in Maine on April 12, 1991.

Under the RPC plan, rate design issues are unaffected. Customer,
energy, and demand charges are determined according to previous
practice. During the rate year and thereafter the utility bills for service
and collects revenues. At the end of each year, utility revenues are
compared to the product of the allowed revenue per customer and the
average number of customers during the year. Any disparity between
allowed and actual revenues is reflected as a surcharge or refund to cus-
tomers during the following year.

Fine Tuning

The RPC approach is flexible enough to be adapted to a variety of cir-
cumstances. In general, RPC can be used if the customer base is
increasing or decreasing. The relevant consideration is whether
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changes in customer numbers differ significantly from changes in sales
levels. In other words, are kWh sales per customer relatively constant
despite customer numbers? Utilities with a declining customer base
generally experience declining sales. The issue for these utilities is
whether their revenues under RPC would differ significantly from the
revenues they would receive under conventional regulation. The RPC
approach has enough flexibility to address this issue.

In Washington and Maine, revenue growth is based on the follow-
ing equation:

Base Revenue Growth=K * Customer Growth
Where K is fixed and equals 1.0.

Under traditional regulation, revenue growth is defined by a simi-
lar equation:

Base Revenue Growth =K * Sales Growth

With traditional regulation “K” is roughly equal to 1.0, but it is not
fixed or prespecified. The “K” factor is instead an implicit by-product
of rate design decisions and the actual pattern of sales growth. For
example, replacing a declining block rate with an inverted block rate
will alter the relationship between sales and revenues and implicitly
change the “K” factor.

Although the “K” factor established for both Puget Power and
Central Maine Power was 1.0, other circumstances may call for a dif-
ferent “K” factor above or below 1.0. For example, a utility experienc-
ing sales growth and revenue growth that substantially exceeds
customer growth would likely oppose RPC unless the plan produced
revenues approximating the revenues it would expect to receive under
conventional regulation. A “K” factor greater than 1.0 could be used
to address this issue.

RPC Compared to ERAM

As discussed in Chapter 3, ERAM decouples profits from sales by
establishing a fixed amount of base revenue that the utility will be
allowed to recover. However, the forecasted test year establishes the
allowed revenue for only the first twelve months. In the future, either
the utility will go though another general rate case to establish a new
forecasted test year, or some abbreviated method will be used to adjust
the most recent test year to reflect changes in conditions. California
and New York State have adopted ERAM-type mechanisms with short-
cut “attrition” proceedings to adjust (generally increase) the allowed
revenue each year until the next general rate case.
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RPC can also be used in an FTY jurisdiction. The forecasted base
revenue requirement is still be determined in the rate case, but the util-
ity’s actual revenue is not fixed or guaranteed, as is the case with
ERAM. Instead, allowed revenue per customer is computed in the rate
case by dividing forecasted revenue requirement by the projected num-
ber of customers. Allowed revenue in the rate year is determined by
multiplying the allowed revenue per customer by the actual number of
customers. Thus, under ERAM, allowed base revenue is determined in
a rate case or between full rate cases in annual “attrition” proceedings.
Under RPC, allowed revenue is determined by the change in the num-
ber of customers. The result is decoupling that is as effective as ERAM
without the need for annual rate cases or a separate attrition
mechanism.

Most states rely on HTY ratesetting, and consumer advocates and
most regulatory commissions strongly resist the adoption of FTY prac-
tices. Future-test-year ratesetting depends on forecasts of sales and the
costs of each aspect of the utilities’ business. Principal barriers to
wider adoption of FTY ratesetting are the level of resources needed for
detailed forecasting and budgeting, and concern that utilities control
the data and can dominate the ratesetting process.

Under RPC, the recovery of base revenue is independent of sales
levels, but revenues are neither forecast nor fixed. Recovery of non-
fuel or base costs depends on a customer count, a variable that is much
less under the company’s control and apparently more closely related
to base costs than sales.

By decoupling profits from sales, the RPC approach removes the
disincentives for utility DSM activities as well as other more subtle
disincentives. For example, under the traditional system there are dis-
incentives to utility adoption of many innovative rate designs. Utilities
justifiably expect that time-of-use, seasonal, and inverted block rates
and hook-up fees would all cause significant earnings and revenue
losses as customers respond to a more accurate price structure. Decou-
pling removes this disincentive, because earnings and revenues are
independent of customer response to new prices.*

Does RPC Provide Positive Incentives?

Like other decoupling approaches, the revenue-per-customer approach
does not in itself produce positive incentives for DSM or rate design
changes. Nevertheless, RPC, like ERAM, retains the existing cost-

4 Note that DSM-specific lost revenue adjustments do not offer this benefit.
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cutting incentives produced by regulatory lag. Revenues are tied to
customer growth, but otherwise no adjustments to rates or allowed rev-
enue per customer are made to reflect changes in costs. Because profits
are the difference between revenues and costs, the utility’s ability to
economize in any area of non-fuel costs directly benefits shareholders.

Potential Problems

A number of questions have been raised during the course of imple-
menting the RPC decoupling plans in Washington and Maine.

Customer Size and Mix

The RPC decoupling plans implemented in Maine and Washington are
based on aggregate customer counts that include all classes of cus-
tomers. In both states questions were raised concerning the implica-
tions of counting residential, commercial and industrial customers
equally.

A mitigating factor is that the RPC computation refers solely to
base costs. The resource cost recovery continues to be based on sales
levels, so the fotal allowed revenue from the average industrial cus-
tomer will be much greater than that for the average residential
customer.

In addition, RPC does not affect customer billing. It is simply a
ratemaking mechanism to determine a utility’s allowed base revenue. In
contrast, in a state with an FTY and ERAM, regulators set allowed base
revenue using cost projections. Any significant change from projec-
tions, such as the unexpected addition of a large customer to the system,
is assumed to change revenues, not costs. With ERAM, the incremental
base revenue is returned to customers. Similarly, with RPC the addition
of a large new customer would have a slight increase in allowed base
revenues. Any excess base revenue is returned to customers.

The RPC decoupling approach could be implemented using class-
specific revenue and customer data. Mathematically, however, the
aggregated and customer class-specific approaches produce the same
allowed revenue if the utility’s mix of residential, commercial, and
industrial customers remains constant. Given the size of Puget Power
and Central Maine Power, and the relatively short time between gen-
eral rate cases, significant shifts in customer mix were not expected.

Regulators in both Washington and Maine considered using sepa-
rate revenue-per-customer calculations for residential, commercial,
and industrial customers. Constructing a workable mechanism was
unjustified for either utility.
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Further efforts in these and other states may lead to adoption of a
customer-class-based RPC mechanism. Utilities that have few large
industrial customers may prefer this approach. It should be noted that
under conventional regulation the addition or loss of a very large cus-
tomer to the service territory of a small utility often creates the need
for a rate case.

New Customers and Gaming

With revenues tied to the number of customers, the utility will
obviously have an incentive to attract new customers. An additional,
and possibly perverse, incentive may also be created to increase the
apparent number of customers by counting them in a way that would
be more advantageous to the utility.

With respect to the incentive to attract new customers, the same
incentive exists under conventional regulation except that under the
current system, the utility receives more revenue from larger and less
energy-efficient customers. With RPC the utility has an incentive to
attract smaller and more energy-efficient customers who can be inex-
pensively served. Serving these new customers will be more profitable
because the incremental revenue is unrelated to additional energy gen-
eration or consumption.

To guard against gaming opportunities such as sub-metering
master-metered locations, or adding meters to street lights, fax
machines, and phone booths, both Washington and Maine adopted
detailed written definitions and procedures for counting and verifying
customers. These are important and necessary elements of any RPC
decoupling plan.

Risk Allocation

Decoupling, whether through ERAM or RPC, also shifts the financial
exposure due to weather-related revenue volatility from utility share-
holders to consumers. Under RPC decoupling, unusual weather con-
ditions will produce variations in kWh sales but will not affect the
number of customers. If the number of customers is unaffected, the
utility’s revenues will also be unaffected.

Under RPC, the impact of sales volatility caused by economic
conditions is more difficult to project. Regional economic conditions
will undoubtedly affect customer growth, although likely to a lesser
extent than the economy affects kWh sales. If this is case, RPC decou-
pling shifts part of the business cycle risk from utility shareholders to
consumers.

Decoupling may increase the level of risk perceived by utility
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shareholders because it represents a relatively untested change in reg-
ulatory practice.

The net change in the utility’s risk will ultimately be reflected in
its cost of capital. Regulators considering the adoption of decoupling
in general, or RPC in particular, should consider if decoupling will
affect the utility’s cost of capital. Regulators should also judge whether
any adjustment should be made coincident with adopting decoupling
or deferred until the next rate case, when changes in investor percep-
tions may be easier to measure.

In both Washington and Maine there were arguments about the net
change in shareholder risk and whether the allowed rate of return
should be adjusted concurrent with decoupling. Neither state commis-
sion made such an adjustment.

The Impact of RPC on Puget Power

The decisive question is whether regulatory innovations such as RPC
will produce tangible impacts on specific utilities and their pursuit of
least-cost planning. While a full assessment of the effects of regulatory
reforms in Washington may be premature, there is concrete evidence
of positive change.

Figure 4-1 shows actual DSM spending by Puget Power from 1983
to 1991 and budgeted DSM spending for 1992. Before regulatory
reform, revenues were based on sales, and DSM programs had the
effect of lowering sales and constraining profits. As a result, while
Puget Power may have had other justifications for investing in conser-
vation, its spending was limited by a rational response to existing
disincentives.

Puget Power’s annual investment in DSM was relatively constant
for eight years. Investment in DSM since the initial development of the
decoupling plan has doubled, and DSM savings have tripled (Figure 4-
2). Projected spending and DSM savings represent more than 6% of
revenues and about 50% of projected load growth. By either measure,
Puget’s DSM programs are now among the most aggressive in the
nation.

Investor response to the RPC mechanism appears to be favorable.
Between January and the April 1, 1991 ruling by the WUTC approving
the decoupling plan, the value of a common share of Puget’s stock
increased by about 8%, compared to an increase of about 4% for Stan-
dard & Poor’s Electric Utility Index.

From the date of the WUTC ruling to November 1, 1991, Puget’s
common stock rose by 15% compared to an increase in the S&P Index
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Figure 4-1. Puget Power’s DSM Investment in Millions of Dollars (1992
data projected)

of about 7%. Figure 4-3 shows the performance of Puget’s common
stock relative to the S&P Index.

Securities analysts apparently perceive a benefit from the new
mechanism; the Value Line Investment Survey concluded that “Puget
Power has received a good grade order from the Washington-
Regulators” (Value Line 1991a).°> Whether this positive reaction per-
sists will depend on the long-term implications of the overall
regulatory reforms. The short-term positive reaction of the financial
community, however, will reinforce Puget Power’s DSM efforts and
suggests that investors do not believe RPC will be detrimental to finan-
cial performance.

5 In the case of Central Maine Power, Value Line concluded that “Central Maine will
benefit from a new revenue mechanism approved by Maine regulators” (Value Line 1991b).
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Figure 4-2. Puget Power’s DSM Savings in Average Megawatts (1992 data
projected)

Conclusion

Assigning a definite cause-and-effect relationship to specific regulatory
measures and subsequent utility performance is difficult. Utilities
operate in a complex and shifting economic environment in which the
immediate effects of regulatory intervention are often ambiguous.
Nevertheless, we can conclude that Puget’s recently expanded DSM
activities are the product of the new RPC decoupling plan and
improved DSM cost recovery.

RPC, however, is only one element of a comprehensive regulatory
reform plan under consideration in Washington. The RPC approach
effectively decouples profits from sales, and the resource portion of the
plan assures recovery of DSM costs. Although the RPC plan does not
provide positive DSM incentives, an incentive plan applying to 1991
DSM performance is pending Commission approval.

The revenue-per-customer approach seems to be a promising tool
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Figure 4-3. Puget Power Stock Performance

with which to pursue the regulatory objective of stimulating least-cost
planning by decoupling utility revenues from sales. RPC has the
advantage of being relatively simple. It is adaptable to a wide range of
utility circumstances. The response by management and the financial
community to its initial application has been encouraging. Finally,
unlike ERAM, RPC decoupling can be used in a historic- or future-
test-year jurisdiction.
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Chapter 5

Ratebasing of DSM
Expenditures

Michael W. Reid

introduction

Ratebasing is often mentioned in two contexts when regulatory incen-
tives for DSM are discussed: as a method to recover DSM program
costs, or as an approach to stimulating greater DSM investment by
utilities. This chapter explores the concept of ratebasing and analyzes
its usefulness for program cost recovery and as a stimulus to DSM.

What Is Ratebasing?

Ratebasing is an accounting and cost-recovery method applied to cer-
tain categories of utility expenditures. In general, a utility expenditure
that is chargeable to customers is either expensed or ratebased. An out-
lay that is expensed is treated as an operating cost in the year it is
incurred, and, provided its recovery has been authorized by the regu-
latory commission, is recovered concurrently from ratepayers.

When an outlay is ratebased, it is included in the utility’s net
investment, or rate base, that is used in the ratemaking process. This
treatment has two effects:

1. The utility recovers the expenditure over two or more years (the
amortization period), with equal amounts collected through rates
each year.

2. The utility earns a return on the unrecovered (unamortized) portion
of the expenditure during each year of the amortization period. The
return, computed as a percentage of the unamortized balance, is
also collected through rates.

79
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Ratebasing is the cost-recovery method normally applied to utili-
ties’ investments in generation, transmission, and distribution equip-
ment. It was conceived partly to apportion to customers the costs of
investments required to provide energy services. A generating plant, for
example, might be ratebased for 30 years, creating a cost stream that is
passed on to ratepayers while the plant is expected to be in service.

Ratebasing also serves to compensate the utility for the use of cap-
ital provided by investors and creditors. The utility’s total rate base is
the estimated dollar amount it has invested that enables it to meet its
obligation to serve. Most of this investment is in property and equip-
ment that provides energy services, but other components, such as
working capital, are usually included. The allowed components of rate
base vary from state to state.

The allowed rate of return on the rate base is customarily set at the
regulators’ estimate of the utility’s cost of capital, considering equity
and debt sources. In principle, allowing a utility to earn a return on the
rate base equal to its cost of capital provides shareholders the opportu-
nity to earn a fair profit and enables the utility to attract capital.

Utilities’ expenditures on demand-side management (DSM) are
not routinely included in the rate base, even when programs produce
long-lived streams of benefits. Instead, DSM expenditures are
expensed; that is, they are recovered from ratepayers in the same year
they are incurred, without a return.

If a DSM expenditure is ratebased, however, it is treated like gen-
eration, transmission, and distribution assets: recovery is spread over
several years, during which time the utility earns a return. In some
states, DSM expenditures might literally be included in the rate base. In
other states, DSM can effectively be given rate base treatment without
altering the book value of the rate base. For analytical purposes, any
treatment that amortizes the expenditure and allows the utility to earn a
return during the amortization period may be considered ratebasing.

Note that ratebasing is distinct from another regulatory concept,
“base rates,” which refers to the rates paid by utility customers before
fuel adjustments and other surcharges are added. This unfortunate sim-
ilarly in terminology often confuses discussions of ratebasing.
Expensed costs as well as ratebased costs can be recovered in base
rates. Both types of costs can also be recovered in surcharges.

Reasons for Ratebasing DSM

Ratebasing of DSM has been suggested by various energy conserva-
tion and consumer advocates, utilities, and regulators. Their argu-
ments in support of ratebasing can be grouped in four categories.
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“Leveling the Playing Field”’

A central tenet of integrated resource planning (IRP) is that the supply
and demand sides should be treated equivalently—or, as is often
stated, they should compete on a “level playing field.” Applying dif-
ferent accounting and ratemaking treatments to resource options
appears to thwart this principle: if DSM and supply-side investments
have different financial effects, how can utilities be expected to con-
sider them equivalently when selecting resources? Ratebasing DSM,
therefore, is seen as a means to further the goals of IRP and achieve
the energy and economic efficiency gains IRP promises.

Offering a Financial Incentive

When DSM expenditures are expensed, they are simply passed on to
ratepayers and do not contribute to utility earnings. Ratebasing, on the
other hand, increases the base used to compute the utility’s authorized
earnings. Ratebasing is often considered a financial incentive for DSM,
since it creates the opportunity to add to utility earnings: “Allowing a
return on conservation investments would put conservation on an equal
footing with supply options and provide a financial incentive for utili-
ties to invest in conservation programs” (Chase 1987).

A variation on this argument is that ratebasing of DSM is needed
to offset declines in the supply-side portion of the rate base. As exist-
ing plant and equipment are depreciated, a utility’s total rate base will
decline unless the reductions are matched by new investments. Some
utility executives believe that a declining rate base will be viewed
unfavorably by investors, harming market value and increasing the
cost of capital. The options for maintaining or expanding the rate base
are to build new plants—often an unrealistic option for economic,
environmental, or political reasons-——and/or to put the expanding
DSM budget into the rate base. “If we’re not going to be allowed to
build a powerplant, we need some other opportunities to grow,” said
one utility executive in support of DSM ratebasing (Krzos 1988).

Providing Efficient Price Signals

An objective of utility regulation is to provide consumers with efficient
price signals—prices that accurately reflect the costs of energy con-
sumption. This means that the cost of a long-lived resource should be
apportioned over its life rather than borne by consumers in a lump
sum. Treating the cost as a lump sum, as expensing does, makes the
resource appear more costly than if the charges were spread over sev-
eral years and could lead to underconsumption.
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A similar argument is based on the principle of intergenerational
equity. If a DSM program is expensed, its full costs are borne by
today’s ratepayers. If the program provides several years’ worth of ben-
efits, future generations of customers receive those benefits without
bearing any of the costs. Equity is served when all the program’s ben-
eficiaries share the costs.

Promoting Rate Stability

Rapid expansion in a utility’s DSM budget could lead to “rate shock,”
a sudden rate rise, if the costs are expensed. Regulators aim for conti-
nuity in rates to avoid public backlash and to reduce the possibility that
large customers will go off-system, which could cause rate increases
for remaining customers. Because it spreads the costs over time, rate-
basing is considered a means to minimize rate shock from expanding
DSM programs.

Use of Ratebasing for DSM

While not widespread, ratebasing of DSM has been authorized in sev-
eral states. This section describes instances of DSM ratebasing and
illustrates significant variations in approach. Three important dimen-
sions of ratebasing policies are discussed: the eligible expenditures,
the rate of return allowed, and the amortization period.

Types of DSM Expenditures Eligible for Ratebasing

Utilities’ DSM expenditures often include purchases of load-control
equipment, such as radio-controlled switches installed on customers’
air conditioners and water heaters. Such equipment remains the prop-
erty of the utility and may be considered an extension of the distribu-
tion system. DSM expenditures of this type are often ratebased.

Utilities have also been allowed to ratebase financial assets asso-
ciated with DSM programs. In 1978 Pacific Power & Light (PP&L)
was authorized by the Oregon commission to ratebase loans to residen-
tial customers for weatherizing their homes. The loan balances were
allowed to remain in the rate base until repaid by the customer, with
the full balance due on the sale of the home (Krasniewski and Murdock
1980).

Following Oregon’s lead, the Idaho commission authorized rate-
basing similar loan programs in 1979 and 1980. But Idaho went further
in allowing PP&L to also ratebase the cost of water heater wraps it
gave customers. This decision broke new ground because the expendi-
ture for the wraps was not clearly an investment (like the loans), and
the utility did not retain ownership of the equipment. The fact that the
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water heater wraps were expected to save energy for several years was
sufficient for the commission to authorize ratebasing (Idaho Public
Utilities Commission 1979 and 1980).

Policies allowing utilities to ratebase DSM equipment over which
they do not retain ownership have been adopted in other states. For
example, a 1988 Maine statute states that

‘Electric Plant’ includes, but is not limited to, fixtures and personal
property paid for in whole or in part by the utility on the premises of
any of its customers as long as this property has been found by the Com-
mission to constitute a cost effective investment in conservation or load
management. . . . The Commission may in its discretion include in the
utility’s rate base, and permit a fair return thereon, any electric plant to
the extent paid for by the utility which constitutes a cost effective invest-
ment in conservation and load management and which was installed on
the premises of a customer. . . . (Maine 1987)

Similarly, a 1988 order from the Massachusetts commission declared
that

Electric companies can earn a return on C&LM [conservation and load
management] equipment and materials, along with related capitalizable
labor and administrative costs, where such expenditures will provide
long-run benefits to ratepayers. . . . When an electric company does
not own these capital assets, it is appropriate to allow the company to
amortize the expenditures over the life of the asset and to earn a return
on the unamortized balance (Massachusetts 1988).

Substantial portions of many utilities’ DSM budgets are allocated to
financial incentives, especially rebates paid to customers for purchases
of energy-efficient equipment. In some states incentives can be rate-
based. Wisconsin initiated this practice in 1986 when it directed Wis-
consin Electric Power Company (WEPCO) to undertake a massive $84
million DSM program. Seventy-three million dollars of the total,
intended to be used for rebates, interest rate buy-downs, loan guaran-
tees, and direct loans, was ratebased; the balance, predominantly for
program administration and research, was expensed (Wisconsin Public
Service Commission 1986). ]

The most expansive view of ratebasing is that it should be allowed
for any expenditure made to create or support a long-lived DSM
resource. A few utilities have successfully petitioned for such treat-
ment. In Washington State, for example, Puget Sound Power & Light
has been allowed to ratebase most of its DSM budget, including
conservation-related advertising, informational, and educational
expenditures. In 1990 Southern California Edison received authoriza-
tion to ratebase a major portion of its DSM budget; programs given



84 — Chapter Five

ratebase treatment were those expected to provide quantifiable long-
term resource benefits (California Public Utilities Commission 1990).

These examples collectively show that ratebasing of DSM expen-
ditures can be narrow or broad in scope. When ratebasing is allowed,
both legislation and regulatory decisions govern whether a portion of
DSM expenditures or the entire DSM budget will be eligible.

Allowed Rate of Return on Ratebased DSM

Two approaches have been used to set the allowed rate of return (ROR)
on ratebased DSM:

* Applying the same ROR used for other components of the utility’s
rate base. This value is usually the regulatory commission’s estimate
of the utility’s weighted-average cost of capital.

* Allowing the utility to earn a bonus ROR, a return greater than that
authorized on other items in the rate base. Bonus returns are gener-
ally expressed as a percentage adder or “kicker” to the equity por-
tion of the utility’s ROR.

The former approach is consistent with the principle of treating all
resource options equitably, since both supply- and demand-side invest-
ments earn the same return during their amortization periods. Some of
the early instances of ratebasing, such as PP&L’s weatherization pro-
grams in Oregon and Idaho, were treated this way. SCE’s 1990 ratebas-
ing plan is a more recent example.

Greater-than-normal returns have been allowed in several states in
an effort to provide an incentive for DSM, and in some cases other
resources, such as cogeneration and renewables. A 1980 Washington
State statute, for example, instructed the commission to

. adopt policies to encourage meeting or reducing energy demand
through cogeneration . . . , measures which improve the efficiency of
energy end use, and new projects which produce or generate energy
from renewable resources. . . . These policies shall include but are not
limited to allowing a return on investment . . . which return is estab-
lished by adding an increment of two percent to the rate of return on
common equity permitted on the company’s other investment (Wash-
ington 1980).

‘In the first six years after the Washington statute was adopted, the three
investor-owned electric utilities in Washington devoted about 16% of
their rate base additions to investments eligible for the incentive
(Blackmon 1991]).

Kansas, Montana and Connecticut have also enacted statutes per-
mitting utilities to earn bonus returns on DSM. In Kansas, the com-
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mission can award a bonus return of one-half to two percentage points
on investments in conservation and renewables; commission staff
believes, however, that such a bonus was never requested the first
decade it was available (Sicilian 1990). In Montana, the return can be
up to two percentage points greater than the company’s ordinary return
at the commission’s discretion; utilities, however, have not requested
the bonus (Eck 1988). The Connecticut statute allows the commission
to set the return increment in a range from one to five percentage
points. In its first application of the statute, the commission authorized
a bonus of up to three percentage points for United Illuminating Com-
pany (Connecticut Department of Public Utility Control 1990).

In its 1986 WEPCO decision, the Wisconsin commission autho-
rized an ROR increment tied to DSM performance. It allowed
WEPCO to earn an additional one percentage point on the equity por-
tion of its ratebased DSM for every 125 MW of demand reduction that
WEPCO could demonstrate resulted from its programs (Wisconsin
Public Service Commission 1986). WEPCO did claim a bonus under
this clause, although there was controversy about the utility’s estimates
of demand reductions, an issue discussed in Chapter 11.

Amortization Period

A third dimension of ratebasing practice is the amortization period,
during which expenditures are recovered and the return is earned on
the unrecovered amount. The goal of providing efficient price signals
would be served if the amortization period corresponded to the esti-
mated service life of the investment. That number, however, can vary.
Some DSM measures, such as compact fluorescent lamps, may last
from two to six years, while other measures, such as electronic bal-
lasts, are expected to last 15 years or more. Because useful lives can
vary so greatly, a commission or utility proposing to ratebase DSM
must decide whether it will:

» Estimate the life of each DSM measure and amortize it accordingly;

* Assign DSM investments to one of a limited number of expected
lifetime groups (say, 3, 5, 10, and 15 years); or,

* Apply a blanket amortization period to all ratebased DSM
investments.

Besides useful life, another factor in setting the amortization
period is the utility’s perception of the risk in ratebasing. If there is a
possibility that cost recovery of ratebased amounts might be curtailed,
then the utility may prefer a shorter amortization period, since the
implied risk would be less. In fact, utility executives are often con-
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cerned that ratebased expenditures will not be fully recovered, since
regulators can reverse their predecessors’ decisions.

A single amortization period has usually been adopted for all rate-
based DSM. At Puget Power, for example, DSM has been ratebased
over ten years, although the statute establishing the bonus return spec-
ifies that the amortization period can be as long as 30 years. A ten-year
period was also specified by the Wisconsin commission for WEPCO;
the commission felt this was a reasonable estimate of the average use-
ful life of the DSM measures that would be installed in WEPCO’s pro-
grams (Wisconsin Public Service Commission 1986).

Responding to the perceived risk of nonrecovery, some utilities
have suggested that amortization periods should be shorter than the
expected useful life, at least until experience demonstrates that full
recovery of ratebased investments is the norm. Jersey Central Power &
Light, for example, suggested in a generic proceeding on cost recovery
that the amortization period should be capped at five years (Raber
1991).

Financial Analysis

This section considers the financial effects of ratebasing on a utility
and its customers. The first subsection below looks at the differences
in utility revenue requirements under expensing and ratebasing. The
second subsection analyzes the impacts of ratebasing on the utility’s
shareholders, as measured by cash flow. For these analyses it is
assumed that the allowed return on ratebased DSM is identical to the
firm’s cost of capital and the return allowed on other elements of the
rate base.

Impact on Revenue Requirements

Suppose a utility undertakes a one-year DSM program of a given size.
Compared to expensing the program, what impact would ratebasing
the DSM have on the utility’s revenue requirements?

First consider the effects of ratebasing on nominal revenue
requirements. (Calculations done in nominal dollars ignore the time
value of money.) Also assume, for simplicity, the absence of corporate
income taxes. A simple analysis shows that, relative to expensing,
ratebasing would require collecting greater total revenues from rate-
payers than expensing. The reason is clear: ratebasing provides full
recovery of the original expenditure, plus an annual return on the unre-
covered balance. Just the original expenditure is collected under
expensing.

Figure 5-1 illustrates this simple case, assuming a one-time DSM
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Figure 5-1. Ratebasing vs. Expensing: No Discounting or Taxes

program outlay of $100. The tall, dark bar illustrates the impact on
revenue requirements of expensing: the $100 is recovered from rate-
payers the year of the outlay. The series of shorter, shaded bars illus-
trates ratebasing with a seven-year amortization period and a 12%
ROR applied each year to the diminishing unrecovered balance.’
Finally, the line shows the cumulative effect on revenue requirements
under ratebasing. Note that by year 5, the cumulative amount collected
from ratepayers has exceeded the $100 that would have been collected
under expensing, and that by the end of year 7 the total collected under
ratebasing reaches $148.

Financial decisions, however, are customarily made on a present-
value basis, i.e., adjusted for the time value of money. Again suppose
there are no corporate taxes, and the discount rate equals the utility’s
cost of capital. In this simplified case, discounting would exactly offset

! The 12% figure is the assumed overall cost of capital and authorized return, based on
an assumed 50/50 debt/equity capitalization, with debt and equity costs of 10% and 14%,
respectively.
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Figure 5-2. Ratebasing vs. Expensing: Discounted Values, No Taxes

the return component that is added to revenue requirements each year.
The present value of the entire stream would be equal to the original
program expenditure; therefore, ratebasing and expensing would have
the same present-value effect on revenue requirements.

In Figure 5-2, all values have been converted to present values.
The line tracking cumulative present value shows that when all seven
years are considered, the present value equals $100, the same as the
revenue requirement under expensing.

Next, add corporate income taxes to the analysis. Under ratebas-
ing, the utility’s DSM program expenditures would be financed by a
combination of debt and equity capital. Before providing a return to
equity shareholders (either as dividends or retained earnings), the util-
ity would have to pay taxes on its pre-tax earnings. Therefore, each
year’s revenue requirements would be increased by the amount needed
to cover taxes on the return to equity. No additional taxes would be
paid, in contrast, if the program were expensed. Due to the tax effect,
the present value of revenue requirements would be higher for ratebas-
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Figure 5-3. Ratebasing vs. Expensing: Discounted Values, with Taxes

ing than expensing, assuming again that the discount rate is the utili-
ty’s cost of capital. This point is illustrated in Figure 5-3, which
assumes a corporate income tax rate of 34%. After discounting, the
present value of the revenue requirements under ratebasing is $110, or
10% higher than under expensing.?

The preceding analysis follows industry practice in using the util-
ity’s cost of capital as the discount rate. But whether this is the correct
rate to use in analyzing revenue requirements from the ratepayer per-
spective is arguable, because the utility does not pay revenue require-
ments; ratepayers do.

If ratepayers’ discount rates are sufficiently greater than the utili-
ty’s cost of capital, the significance of the tax effect is diminished.
Ratepayers with sufficiently high discount rates should prefer ratebas-
ing to expensing. For a particular revenue requirements scenario, it is

2 The 10% difference is illustrative. The actual difference will depend on several fac-
tors, including the utility’s capitalization ratio, the costs of equity and debt, and the tax rate.
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possible to compute the crossover point, the discount rate at which
ratepayers would be indifferent about expensing or ratebasing. For the
scenario shown in Figure 5-3, the crossover point is 15.6%; if ratepay-
ers’ discount rate is greater, they should prefer ratebasing.

Ratepayers’ discount rates may be higher or lower than the cross-
over point, and are almost certainly not homogeneous. An individual
ratepayer who pays 19% interest on a credit card surely has a different
discount rate than an institutional ratepayer such as a municipal gov-
ernment that can borrow money at tax-exempt rates. Since there is no
single discount rate that correctly represents all ratepayer preferences,
blanket statements that ratepayers will prefer ratebasing to expensing,
or vice versa, should be viewed skeptically. It is valid to conclude,
however, that for discount rates in the vicinity of the utility’s cost of
capital, the choice between expensing and ratebasing will not result in
substantial differences in the present value of revenue requirements.

Impact on Utility Cash Flow

From the standpoint of financial theory, the utility’s financial objective
should be to maximize shareholder wealth, as measured by the net
present value of cash flow accruing to shareholders in the form of div-
idends and retained earnings. How ratebasing affects cash flow should
determine its value to the utility.

Again suppose a utility undertakes a one-year DSM program of a
given size. Compared to expensing the program, how would ratebas-
ing affect the utility’s cash flow?

For this analysis, assume the utility operates in an idealized regu-
latory model: the regulatory commission sets the allowed rate of return
on rate base equal to the utility’s actual cost of capital; the test year
used for ratemaking purposes correctly anticipates both sales and
costs; and competitive forces do not preclude the utility from earning
its allowed rate of return.

First consider expensing. The utility’s revenues attributable to the
DSM program are exactly equal to its expenditures, and the impact on
cash flow is zero.

Now assume instead that the utility ratebases its investment in
DSM and is compensated fairly for the cost of capital used to support
the program, consistent with the idealized model. During the amorti-
zation period, the utility’s cash inflows would be increased annually by
the return and amortization components of the ratebased investment,
plus an amount for taxes due on the portion of return attributable to
equity. After taxes are paid, the residual cash flow is simply the return
and amortization on the ratebased investment.
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In nominal dollars, the net cash flow over the entire period (i.e.,
the residual inflows during the amortization period, less the initial out-
lay) would be positive. But when the inflows are discounted back at the
utility’s cost of capital, which is the correct discount rate for the utility
perspective, their present value would exactly equal the initial invest-
ment in DSM. Thus, the net present value of the entire series of cash
flows would be zero—the same as with expensing.

From the shareholders’ perspective, this is at best a neutral result.
While cash returns are increased, the value of these returns is fully off-
set by discounting for the time value of money. Therefore, ratebasing
at the utility’s cost of capital does not provide any real financial gain to
the utility or its shareholders, even in an idealized regulatory world;
ratebasing of this type does not offer any additional incentive to under-
take DSM.

A corollary to this result is that real financial gain can occur only
if the utility realizes a rate of return on ratebased assets greater than the
cost of capital. How much greater a return would represent a true gain
would be related to investors’ perceptions of risk.

Risks and Benefits of Ratebasing as Perceived
by Utilities

The previous analyses were based on a simple, idealized model of
financial decision making in a regulatory environment. In the real
world, however, perceptions of ratebasing are usually colored by other
issues. This section discusses the risks and benefits that utility man-
agers and shareholders may perceive in ratebasing.

Risks

Incomplete Cost Recovery Due to a Changing Regulatory Envi-
ronment. Utility managers are frequently concerned that the regulatory
commission will deny full cost recovery on ratebased DSM. A com-
mission could exclude a part of the DSM expenditure from the rate
base, or reduce or eliminate the allowed rate of return.

Why would a commission deny full recovery? This could conceiv-
ably occur if DSM programs failed to achieve their projected penetra-
tions or to provide the forecasted impacts, or were less cost-effective
than originally estimated. It also might happen if the decision to under-
take the programs was judged imprudent, or if the programs were
imprudently managed. Or, it could simply be the result of a change in
the membership or philosophy of the commission.
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Given the current regulatory environment in which DSM pro-
grams are frequently established by commission directive, the risk of
curtailed cost recovery appears limited. Mechanisms in several states
for preapproval of DSM programs further mitigate this risk. Nonethe-
less, it is a consistent theme in utility managers’ comments on ratebas-
ing and certainly affects their views.

Concern over full cost recovery also gives rise to utilities’ prefer-
ence for applying short amortization periods to ratebased DSM. A
shorter period presumably reduces the risk that the full amount
invested will not be recovered.

Incomplete Cost Recovery Due to Competitive Discounting. A
related concern about incomplete cost recovery stems from growing
competition in the utility industry. Competitive pressures from cogen-
eration and alternative fuels result, sometimes, in discounts for large
customers. Until rates are adjusted in a general rate case, such dis-
counting may effectively preclude the utility from collecting its full
authorized revenue, including the amortization and return on ratebased
DSM from previous years.

Effects on Competitiveness. As noted previously, total revenue
requirements needed to recover an expenditure are greater for ratebas-
ing than for expensing. Average rates must be higher under ratebasing,
making the ratebasing utility less competitive vis-a-vis other fuels and
increasing the risk of major customer loss.

Balance Sheet Risk. Many DSM expenditures do not create hard
assets that are owned and controlled by the utility. Although the rate-
based DSM expenditure is carried on the utility’s books as an asset, it
may be less secure, from the standpoint of investors, than some other
utility assets. The value of a ratebased DSM asset is based on the
expectation that regulators will allow future recovery of direct costs
and a return on investment; as previously noted, utility managers
believe there is some nonzero probability that full recovery will not be
allowed. Further, in the event of extreme financial difficulties or bank-
ruptcy, hard assets such as generating plants would likely be converti-
ble to cash, whereas the value of ratebased DSM would be contingent
on regulators’ willingness to allow the sale of a regulatory asset.

Another problem with ratebased DSM is that it is not bondable
property; it cannot be pledged as collateral to support utility debt
issues. If ratebased DSM becomes a major component of a utility’s
balance sheet, the utility could conceivably reach the maximum level
of unbondable property allowed by debt underwriters, in which case its
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ability to issue new debt would be constrained. Even if the limit were
not reached, the utility’s debt rating might decline.

Benefits

Maintaining or Growing the Rate Base. The previous theory-
based analysis showed that ratebasing at the cost of capital does not
yield a real financial gain as measured by cash flow. It follows that
growth in the rate base per se has no value for utility shareholders
unless they can expect to earn more than the cost of capital. Share-
holder wealth is maximized by achieving high returns on invest-
ment, not necessarily by adding to the base on which the return is
earned.

There may be other factors besides cash flow, however, that moti-
vate utility management. Anecdotal evidence indicates that many util-
ity managers believe growth in the rate base is desirable even if it
occurs through investments that earn no more than the cost of capital.
The desire for such growth may arise from erroneous information
about how Wall Street values stocks, from a belief that managers in
larger firms command higher salaries, or simply from the notion that
“bigger is better.” Also, many utilities, after substantial growth in rate
base in the 1970s and 1980s due to major generating plant additions,
now have adequate capacity and increasingly look to non-rate base
sources such as independent power producers to meet future growth in
demand. In such cases, adding DSM to rate base may cushion the
change from the era of high growth.

DSM as a Profit Center. Even when ratebased DSM is earning no
more than the utility’s overall cost of capital, utility managers tend to
speak of DSM as contributing to utility profitability; expressions such
as “DSM is now a profit center” are common. This may enhance the
status of DSM personnel within the firm and lead to a greater sense of
job satisfaction.

Rate Stability. It was previously noted that the greater revenue
requirements that follow from ratebasing might adversely affect the
utility’s competitiveness. In some circumstances, however, ratebasing
could be considered preferable to expensing for competitive reasons.
For example, a utility that is directed to undertake a large-scale DSM
program over a short period (say, three years) might choose ratebasing
over expensing because the latter would have a more pronounced
impact on near-term rates and might result in a sudden surge in cus-
tomers’ interest in competing fuels. By amortizing program costs over
several years, ratebasing can contribute to rate stability.
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Empirical Results

As previously noted, in the 1980s several states authorized ratebasing
of DSM and an associated bonus rate of return. To the author’s knowl-
edge, only one published study has attempted to assess retrospectively
whether the ratebasing-with-bonus formula effectively stimulated
DSM (Blackmon 1991). This analysis, drawn from Washington State’s
experience, found that utilities did not significantly shift spending
from traditional supply-side options to bonus-eligible projects. Since
the incremental investment was small, the effect of the incentive on
rates was also small, less than 0.1%.

The analysis also pointed out a weakness of Washington’s mecha-
nism: between rate cases, utilities could not earn a return on DSM
investment not already in the rate base. Such an allowance would be
analogous to an AFUDC (allowance for funds used during construc-
tion) mechanism, which allows utilities to recover their carrying costs
for new plants that are not yet in rate base. In the case of Puget Sound
Power & Light, which had a four-year interval between rate cases in
the late 1980s, it was estimated that the decision to invest in DSM in
lieu of supply-side measures cost the firm $650,000 per year in earn-
ings, notwithstanding the bonus rate of return that was eventually
authorized.

Evaluation and Conclusions

Ratebasing is a means to recover the costs of DSM programs and, in
some circumstances, a means to stimulate utility-sponsored DSM.
Conclusions about its usefulness as a mechanism depend on the pur-
poses for which it is considered.

Ratebasing as a Cost-Recovery Mechanism

Ratebasing of DSM expenditures that provide long-lived benefits is
readily understandable, intuitively appealing, and theoretically sound.
Placing DSM expenditures in rate base:

« Is consistent with the axiom of integrated resource planning that all
resource options should be considered on an equal footing.

» Provides more efficient price signals than expensing, since it amor-
tizes the costs of DSM over the period when benefits are received.

* Promotes intergenerational equity.

While DSM ratebasing is not an established practice in most
states, it is easily accommodated within conventional accounting and
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regulatory policies. Since 1980, several states have authorized ratebas-
ing. Administration of ratebasing is straightforward and yields predict-
able financial outcomes.

Some utilities may be attracted to ratebasing of DSM to compen-
sate for declines in the book value of conventional supply-side invest-
ments. Utilities may also value ratebasing’s ability to spread the rate
impact of a large-scale DSM program over several years.

The main problem with ratebasing as a cost-recovery mechanism
is that it creates additional risks in the minds of utility managers. The
fact that it delays receipt of funds that might be immediately collected
(i.e., expensed) raises concerns that full cost recovery may not be
available for regulatory or competitive reasons. These concerns figure
prominently in utilities’ evaluation of ratebasing.

Given these concerns, is ratebasing a worthwhile cost recovery
mechanism? If the DSM programs are so substantial that expensing
them would significantly distort current rates, the answer is yes. In
other circumstances, the risks and additional administrative and
accounting costs may outweigh the benefits.

Ratebasing as a DSM Incentive Mechanism

In the appropriate circumstances, ratebasing can provide some bonus
or positive incentive for DSM. It does not, however, by itself adjust for
lost revenues or decouple utility earnings from sales.

Analysis shows that ordinary ratebasing—with the rate of return
equal to the utility’s cost of capital—does not provide the utility a
bonus above costs. Any stimulative effect of ordinary ratebasing on a
utility’s DSM expenditures would be attributable to a desire for growth
in rate base. According to financial theory, growth per se is not an
appropriate goal for utilities; nonetheless, among utility managers
growth in rate base may be valued.

Ratebasing can be expected to have a true stimulative effect on DSM
only when the authorized rate of return on DSM in rate base exceeds the
utility’s overall cost of capital. How much greater the return has to be is
debatable; authorized bonuses presently range from one to five percent-
age points additional return on the portion financed by equity. The two-
percentage-point bonus return allowed on ratebased DSM in Washing-
ton State was apparently ineffectual as an incentive mechanism.

On balance, ratebasing is a weak incentive mechanism. Perhaps
its greatest limitation is that it does not intrinsically create a connection
between the utility’s DSM performance and its financial reward
(although it is possible to vary the size of the bonus according to some
measure of performance). Instead, ratebasing rewards investment,
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raising the possibility that utilities will overinvest in ratebase-eligible
items.
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Chapter 6

Sharing the Savings to
Promote Energy Efficiency

Joseph Eto, Alan Destribats and Donald Schultz

Introduction

Shared-savings incentives are a new way for regulated utilities to earn
money by encouraging customer energy efficiency. The basic idea is
that the benefits of cost-effective energy efficiency measures can be
shared explicitly among the customers participating in the utility pro-
gram, all utility ratepayers, and the utility. For the participating cus-
tomers, electricity bills are lowered directly. For utility ratepayers, the
costs of providing electric service are reduced compared to the utility
doing nothing to improve customer energy efficiency. For the utility, a
fraction of the net savings to all ratepayers is retained as earnings.'
Business activities eligible for shared savings remain under the
jurisdiction of traditional state regulatory agencies, but the methods
used to calculate earnings differ fundamentally from both those used in
traditional ratemaking and those used by other regulatory incentive
mechanisms for DSM. First, eligible utility demand-side activities
must have positive net resource value, which is different from tradi-
tional regulatory tests for the prudence and usefulness of utility supply-
side investments. Second, since the utility’s earnings are a fraction of
this net resource value, the relationship between the earnings from
shared savings and the traditional fixed rate of return earned on rate
base may be only coincidental. Third, unlike other financial incentives
to utilities for DSM, the earnings from shared savings accrue in direct
proportion to the net societal benefit of the demand-side activity, so

! Shared-savings incentives to reward utility DSM activities were first proposed in Wel-
linghoff (1988).
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that shared savings may be able to harmonize the utilities’ incentive to
increase earnings with the societal goal of a least-cost energy system.

However, departures from traditional ways of regulating utilities
have risks that utilities and their commissions must evaluate,
including:

» Uncertainty about the cost and performance of demand-side
resources;

» Uncertainty about the value of these resources as avoided supply-
side resources; ’

» Utility perceptions of the certainty of earnings from demand-side
activities relative to other earning opportunities; and conversely,

» Commissions’ certainty about the amount and timing of utility out-
lays and earnings.

It generally seems appropriate to distinguish among the risks that
utilities and their commissions can and cannot control. For example,
fuel-adjustment clauses have the primary effect of shifting risks asso-
ciated with fuel price volatility onto the ratepayer. The rationale is that
fuel price volatility is beyond the utility’s control. In the case of shared
savings, however, no one yet knows the magnitude of these risks and,
consequently, the appropriateness of existing rewards.

This chapter reviews progress in striking the balance between risk
and reward for shared-saving incentives for utility demand-side pro-
grams. This chapter begins with a brief description of the origin of the
shared-savings concept with energy service companies because this
background highlights the role of state utility commissions in adjudi-
cating the risks and rewards of delivering energy services. After defin-
ing the basic elements of shared-savings arrangements for utility
demand-side resources, we review recent experience in New England
for two operating subsidiaries of the New England Electric System
(NEES), and in California for the Pacific Gas and Electric Company
(PG&E) and the San Diego Gas and Electric Company (SDG&E),
comparing and contrasting specific details of the arrangements
approved for each utility. We comment on the collaborative processes
that led to the development of the incentives because they were instru-
mental for reaching consensus on the principle of providing positive
earning opportunities to utilities for their demand-side activities and
because they played a major role in the design of programs eligible for
these earnings. Early financial results from the programs are then pre-
sented. In the final section, findings are summarized.



Sharing the Savings to Promote Energy Efficiency — 99

Origin of the Shared-Savings Concept for
Utility DSM Activities

In the late 1970s, well-documented social and institutional barriers
hindering the deployment of cost-effective demand-side resources
(Blumstein et. al. 1980) created market opportunities for a new type of
business dedicated to providing energy services, rather than energy
forms per se (Sant 1980). Energy service companies (ESCos) acted as
third-party developers, financiers, and in some cases operators of
energy-efficiency investments on behalf of building owners or indus-
trial firms that were unable or unwilling to pursue efficiency opportu-
nities on their own. In return, ESCos retained a portion of the utility
bill savings that resulted from their energy saving services. The agree-
ments between ESCos and building owners came to be known as
shared-savings agreements because the ESCos’ earnings were directly
related to the amount of energy they were able to save for a client.?

The experience of the ESCo industry during the past ten years is
currently relevant for two reasons. First, the ESCo industry has tapped
only a limited amount of the available, cost-effective, demand-side
resource. The existence of these untapped resources has induced com-
missions to provide incentives to utilities to acquire these resources.
Second, one of the most important reasons ESCOs have been unable
to fully tap demand-side resources is that measuring energy savings is
a formidable task, a major challenge for commissions and utilities
when designing equitable shared-savings incentives.

What is new for utility shared savings is that the regulator, in
effect, acts as an independent arbiter of energy savings. That is, the
measurement dispute is no longer strictly an issue between an ESCo,
or any energy service provider, and the client. Energy savings will
become a central topic for the utility and its regulator because the reg-
ulator must allocate the risk of demand-side resource performance and
value between the utility and its ratepayers. In this capacity, commis-
sions must make the same type of determination that they make in
determining the value of supply-side resource investments (Wiel
1990). The important difference is, that because energy savings can
never be observed directly, there will always be an element of contro-
versy. As we shall see, there is no standard to allocate this risk; no one
has yet developed a precise prescription.

2 The ESCo concept is fully described in Chapter 9.
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Shared Savings Defined for Utility Demand-
Side Programs

The basis for most utility shared-savings programs can be character-
ized using this simple formula:

NRV=(LRxAC)-PC
where:

NRV =net resource value ($)

LR =load reductions (kW or kWh)

AC =utility avoided supply costs ($/kW or $/kWh)

PC=energy efficiency program costs ($), including utility admin-
istration, rebates, and customer contribution®

The basic idea is that when a utility invests in a cost-effective
demand-side program, the program has a positive net resource value.
In shared savings, this positive value is shared between the utility and
its ratepayers. The utility’s share is typically specified as a fixed per-
cent of the net resource value (e.g., 10%, 13.5%, and 15% for NEES,
SDG&E, and PG&E, respectively).*

As a result of this direct link between the net resource value of a
demand-side investment and a utility’s earnings, shared-savings incen-
tives reward successful utility acquisition of cost-effective demand-
side resources, rather than utility spending on DSM programs.> In this
respect, shared savings differ fundamentally from most of the other
incentive mechanisms described in this book because an explicit deter-
mination of net benefits, including energy savings, must be made.

Despite the simplicity of the concept, there are a variety of ways
the terms in the equation can be defined, the incentive to the utility cal-
culated, and qualifying utility performance measured.

Comparing Utility Shared-Savings Incentives

As noted in Chapter 2, shared-savings incentives have been approved
in 13 states. However, shared savings are a new earnings opportunity

3 There are subtle, but important, differences in the definition of program costs between
various utility shared-savings incentives.

4 In the case of NEES, in addition to 10% of net resource value, they also receive 5%
of gross resource value—as described later in this chapter.

5 Spending levels are the basis for some of the incentives considered in this book, such
as ratebasing (see Chapter 5).
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for utilities; the first shared-savings incentive was approved in 1989.
Existing incentives are probably best regarded as experiments in prog-
ress. In other words, we fully expect that features of the incentives will
undoubtedly change, perhaps dramatically, as commissions and utili-
ties gain experience.

In this section, the shared-savings incentives approved for two of
the operating subsidiaries of the New England Electric System, Nar-
ragansett Electric (NE) in Rhode Island, and Granite State Electric
(GSE) in New Hampshire, are reviewed.® The shared-savings incen-
tive approved for Narragansett Electric was the first of its kind in the
United States. The shared-savings incentives approved for the Pacific
Gas and Electric Company and the San Diego Gas and Electric Com-
pany, both in California are also reviewed.” Where relevant, selected
features of the shared-savings incentives that have been approved for
New York State utilities are described, although our descriptions are
not intended to be comprehensive.®

This review of shared-savings incentives is organized around the
following ten program features:

 Earnings calculation

* Determination of load reductions

¢ Determination of avoided costs

 Determination of program costs

* Program cost recovery

* Incentive recovery

» Performance thresholds

* DSM program spending and shareholder earning caps
* Program eligibility

* Treatment of lost revenues

Before beginning, we would like to point to two general consid-
erations. The size of a utility, its energy efficiency programs, and asso-

6 The largest operating subsidiary of NEES is Massachusetts Electric (ME), which has
a bonus-type incentive for its DSM activities. Due to ME’s size relative to NE and GSE,
certain aspects of its DSM activities are mentioned that are directly relevant for the incen-
tives earned by NE and GSE.

7 The review of programs for the California utilities is based on previous work by
Schultz and Eto (1990).

8 For a detailed discussion of the shared-savings incentives of New York utilities, see a
recent summary by Gallagher (1991).
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Table 6-1. Comparison of Utilities

PG&E | SDG&E | NEES
NE | GSE
Electric revenue (B$) 5.9 1.2 ]0.4]0.04
Sales (BkWh) 68.2 13.4 14.5]0.60
Customers (M) 4.1 1.1 0.310.03
Average revenue (¢/kWh) 8.7 8.6 7.817.4

Source: Energy Information Administration, 1991.

ciated regulatory staff have a tremendous influence on the formulation
of the incentives discussed in this chapter. These differences are
alluded to in Table 6-1, which compares utilities by electricity revenue,
sales, customers, and average revenue per kilowatt hour. Particular
features of the California shared-savings incentives are described in
greater detail, due to the Size of these efforts. The viability of
California-style shared-savings incentives in states with smaller utili-
ties and commissions is clearly a legitimate concern.

Second, even though we discuss program features separately,
these features are interdependent, and thus it is extremely important to
evaluate program features in aggregate to understand their net impact
and how they counter-balance one another. Our findings are summa-
rized in Table 6-2.

Earnings Calculation

While the “share” of the savings available for the utility to earn is rel-
atively simple to determine, the actual financial benefits to the utility
are complicated by various definitions and conventions associated with
their calculation, chiefly the definition of demand-side resource costs
and timing for the recovery of the incentive, both of which are dis-
cussed later in this chapter.

Of greater importance for the present discussion is the hybrid
nature of the shared-savings incentives approved for the two NEES
subsidiaries. The NE and GSE incentive programs involve, in addition
to a share of the savings, a “maximizing incentive” that scales directly
with the total value of avoided resource savings (i.e., before subtract-
ing program costs). For these utilities, the net benefit of shared savings
programs is a combination of a share of the net resource savings and a
further incentive to aggressively pursue all DSM opportunities.
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Table 6-2. Comparison of Utility Shared-Savings Incentive Programs

Program
Category

New England Electric System

Narragansett
Electric
Rhode Island

Granite State
Electric
New Hampshire

San Diego Gas
Pacific Gas & Electric| & Electric
California California

Utility earnings

10% of NRV plus 5% of avoided
cost benefit (see Table 6-3 for
sample calculation)

15% of NRV (see
below for definition of
program costs)

13.5% of NRV

Energy savings

Participation based on utility records; per-participant savings based on
engineering estimates that are updated for future year programs using
detailed program evaluations of current year programs

Avoided costs

Determined by NEES system
planners annually for life of current

year program

Set annually (for life of current year
program) in pre-existing proceedings to
determine long-run marginal costs

Program cost

Includes both utility and customer
costs; utility cost based on
company records; customer
contribution estimated

Includes only utility  |Identical to NE
costs, based on

company records

Program cost

Expensed annually

recovery
Incentive Life-cycle program benefits fully | Life-cycle program benefits recovered
recovery recovered in year following over 3 years from program start
program start
Performance  |No earnings on |Earnings on all |Program-by-program participation
threshold first 50% of savings, provided| targets trigger receipt of incentives or,
estimated overall| 50% threshold is | for sub-par performance, penalties (see
savings, but no |exceeded; no Table 6-4)
penalty penalties
Earnings or None, differences in overall Spending cap of + 30% of authorized

spending caps

expenditures of greater than 10%
must be reported quarterly

budget
Earnings cap of + 10% of pre-program
estimate

Program
eligibility

All demand-side activites treated as

a package

Only demand-side activities explicitly
designed to displace supply resources
eligible; other demand-side activities
subject to non-shared-savings
incentives (see Table 6-6)

Treatment of
lost revenues

Annual FERC rate case for
generating subsidiary, New
England Power Co., reconciles
revenues due to differences
between forecast and actual sales

Electricity Revenue Adjustment
Mechanism maintains balancing
account to reconcile differences
between forecast and actual base rate
revenues on an annual basis; fuel
adjustment clauses treat impacts on
variable cost fluctuations
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A sample calculation of NE’s incentive appears in Table 6-3. It
only applies when the net resource benefits exceed a 50% threshold.®
Note that evaluation and customer costs (lines 2 and 3 in Table 6-3) are
subtracted from the total avoided utility supply costs prior to calcula-
tion of these thresholds. Finally, the maximizing incentive (line 10) is
subtracted from the net benefit before the NE share is calculated. Table
6-3 illustrates that the maximizing incentive (line 10) approaches the
size of the shared-savings incentive (line 11) and is an integral part of
the overall incentive to the utility.

One rationale for the maximizing incentive is that it provides an
earnings opportunity to the utility for demand-side activities that do
not always have significant net resource benefits, such as some residen-
tial programs. Without this type of incentive, a profit-maximizing util-
ity with limited budgets and staff will tend to pursue only the most
cost-effective demand-side activities, usually in the commercial sector.
In California, the issue of “cream-skimming” and the importance of
utility delivery of demand-side programs aimed at other goals besides
net resource value is addressed through performance thresholds and
program eligibility.

As the example in Table 6-3 demonstrates, the percentages them-
selves are not particularly revealing without describing the mechanics
for their calculation, the programs to which they apply, and the pre-
existing ratemaking environment in which they are set. At this point in
our review, we merely note that they range from 10% to 15%. In New
York State, the incentives range from 5% to 20%, but other features of
the incentives must be considered to make these levels comparable
(Gallagher 1991).

Determination of Load Reductions

Measuring load reductions (either kW or kWh) is an imperfect science.
In principle, load reductions can only be measured after a program or
measure has been installed for some time. A particularly problematic
issue is how to properly account for effects that are not within the con-
trol of the utility but that affect load reductions, such as weather or
occupant behavior. Another issue is “free riders” or load-reducing
actions that the customer would have undertaken anyway, even in the
absence of the utility’s program.'? In this discussion, only two specific

° The use of performance thresholds is described later in this chapter. For NE, incen-
tives are earned on all savings beyond 50% of overall program goals. For GSE, incentives
are earned on all savings, not just those in excess of 50%, but only when the threshold has
been exceeded.

10 Evaluation issues are discussed in Chapter 10.
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Table 6-3. Calculation of Maximizing and Efficiency Incentives (1990 M$)—
Narragansett Electric Company

Line 1990 M$
1 | Total avoided cost benefits 423
2 | Evaluation costs 0.4
3 | Customer direct costs 1.8
4 | Total adjusted program value 40.1
5 | Base value (50% of program goal) 13.7
6 | Qualifying value (in excess of 50% threshold) 26.4
7 | Utility program costs 14.3
(not including evaluation or customer costs)
8 | Base costs (50% of program goal) 4.9
9 | Qualifying cost (in excess of 50% threshold) 9.4
10 | Maximizing incentive 1.3
(based on qualifying value)
11 | Efficiency incentive 1.6
12 | Total conservation incentive 2.9
Notes:

Line 4=Line 1 —(Line 2+ Line 3)

Line 6=Line 4 —Line 5

Line 8=(Line 5/ Line 4)xLine 7

Line 9=(Line 6/ Line 4)xLine 7

Line 10=5% xLine 6, but not less than zero

Line 11=10% x(Line 6 —Line 9 — Line 10), but not less than zero
Line 12=Line 10+ Line 11

Source: Hutchinson, 1991.

issues related to calculation of utility earnings from shared-savings
programs are discussed: (1) the separation of load reductions into two
components—measuring participation in utility programs and measur-
ing of load reductions per participant; and (2) the evolution of measur-
ing load reduction per participant during subsequent program cycles.

The four utility shared-savings incentives discussed in this chapter
distinguish two components of load reductions: (1) technology or mea-
sure performance; and (2) marketing or utility program performance.
The first refers to load reductions per program participant, for which
the utilities are not held directly responsible. The second refers to pro-
gram participation, for which the utilities are held responsible.
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Due to the accelerated nature of utilities’ earnings from the
shared-savings incentives (as discussed later in this chapter), estimates
of load reductions per participant must be made before field measure-
ments are available. Program participation, conversely, is determined
from utility records. In other words, ratepayers bear the risk of a mea-
sure’s demand-side performance on a per-unit basis, while the utility
bears the risk of the performance of its demand-side program. This
risk often translates to the level of participation obtained by the utility
for its programs. However, the utility’s risks are relatively modest
since it influences the setting of program performance targets.

The estimates of a measure’s performance, however, are not
static. Because it is difficult to estimate a measure’s performance,
PG&E, SDG&E, and NEES (the parent of NE and GSE),!! are com-
prehensively evaluating utility demand-side programs. The spending
levels proposed by the utilities and management attention to program
evaluation are expected to significantly advance the state of the art in
this area. The outcome of these evaluations will be used to update the
estimates of each measure’s performance for future program planning.
However, the revised per-participant/measure load reduction estimates
can never retroactively reduce the savings figures per measure or par-
ticipant that were used to develop incentive payments for the previous
year’s programs.'?

A major contribution of the shared-savings incentives in Califor-
nia has been the rigorous discussion of measurement issues. For the
first year of the programs, values were adopted for first-year load
reductions, decay in savings over time, lifetimes, and free-rider frac-
tions on a measure-by-measure basis. More importantly, acceptable
techniques for evaluating and revising these variables over time were
agreed on.

Determination of Avoided Costs

Load reductions are multiplied by utility avoided supply costs ($/kW
and $/kWh) to obtain the total benefit of demand-side programs. The

11 NEES’s program evaluation will focus on ME’s demand-side activities in Massachu-
setts, which has a bonus-type incentive based on measured evaluation results. Results from
these evaluations will be used by both NE and GSE, after appropriate adjustments for con-
ditions unique to each service territory.

12 Tt is interesting to note that none of the shared-savings incentives allows the findings
from the measure evaluations to update future year estimates for measures installed in prior
years. This is partly due to the accelerated nature of incentive recovery. But more impor-
tantly, it is symbolic of the give and take involved in the negotiations that led to develop-
ment of the incentives. In contrast, the non-shared-savings incentives to be earned by ME
will be based on after-the-fact measurement of load reductions.
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primary concern in establishing these costs for incentive determination
purposes is ensuring that they are consistent with other utility uses of
avoided costs. Without this consistency, the utility will have an incen-
tive to manipulate these values to increase the apparent net resource
value of the programs and consequently their earnings.

For the four utilities, treatment of avoided supply costs is similar
to estimating energy savings per participant. To calculate net benefits
from programs so that utility earnings can be quickly recovered,
avoided supply costs are fixed for the programs’ life. In NEES, these
long-term values are determined annually by NEES’s wholesale sub-
sidiary, with review and approval by FERC. In California, they are
established by an ongoing, pre-existing regulatory forum for resource
planning.

Avoided supply costs are defined strictly in terms of direct costs
avoided for all four utilities. In addition, other costs, external to the
utility’s direct costs, are avoided by reliance on demand-side rather
than supply-side resources. One notable example of such external costs
is the environmental damage caused by the construction and operation
of supply-side resources (Ottinger et. al. 1990). In New York State,
dollar estimates of these values are being included to determine the
avoided cost benefit of demand-side resources eligible for shared-
savings incentives (Gallagher 1991).

Another increasingly significant avoided cost is avoided transmis-
sion and distribution (T&D) facilities. The avoided costs used in the
PG&E and NEES shared-savings incentives explicitly include these
costs. A general concern when avoided T&D costs are included is that
the programs eligible for these incentives must be targeted to locations
that, in fact, have avoidable T&D facilities (Rosenblum and Eto
1986).

Determination of Program Costs

The societal cost of demand-side resources includes the utility’s and
the customer’s expenses. If both are included and netted out from the
benefits of avoided utility supply costs, the shared-savings formula is
similar to the total resource cost test. If only the utility’s costs are
included, the formula becomes similar to the utility cost test.!* Both
approaches are used to determine shared-savings incentives.

Both NEES subsidiaries (NE and GSE) and SDG&E include cus-
tomer and utility costs in the calculating their shared-savings incen-
tives. PG&E includes only utility costs. There are good reasons to

13 See CPUC/CEC (1987) or Krause and Eto (1988) for a formal definition of these
cost-benefit tests for demand-side resources.
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support either choice. On the one hand, inclusion of customer costs is
truer to the total resource cost standard. On the other hand, customer
costs (like energy savings) are difficult to measure, and, in any case,
utility incentives to minimize its costs to deliver demand-side pro-
grams by reducing the incentives paid to participating customers are
stronger if they are not combined with customer costs. Consideration
of only utility costs will, however, tend to make the utility’s “share”
of the savings larger relative to a share based on the difference between
avoided supply costs and the combination of utility and customer
costs. In addition, when incentives are based only on utility costs,
societal costs (utility costs plus customer costs) may increase since
these costs are of minor concern to the utility.

In a practical sense, the importance of these definitions depends
on specific DSM program designs. For example, the DSM programs of
the NEES subsidiaries usually pay most of the demand-side resource
cost. The customer contribution is nearly zero. In this case, utility cost
and total resource cost tests would yield essentially the same result.

When customer costs are included in the calculation of shared-
savings incentives (NEES and SDG&E), determination of customer
costs is analogous to that for energy savings. In both cases, per-unit
estimates are agreed on in advance because it is difficult to measure
actual customer costs. In addition, information on customer costs is
collected for updating the estimates that will be used in future year’s
programs. These estimates will not retroactively affect earnings from
previous programs.

For PG&E, when customer costs are not included, each program
must first pass the total resource cost test, which does include customer
costs. As with the incentives for NEES and SDG&E, the customer
costs used in the total resource cost test are estimates that will be
updated for future programs.

Program Cost Recovery

One of the most important features of the four utility shared-savings
programs involves timely recovery of program costs. Utilities’ uncer-
tainty about regulators’ treatment of these costs has been cited as a
major barrier to utility participation in demand-side markets (Cham-
berlin and Hanser 1991). All four utility programs provide immediate
recovery of program costs as operating expenses in the year they are
incurred. Expensing demand-side program costs has gone a long way
toward increasing each utility’s comfort with acquiring demand-side
resources. An alternative to expensing, ratebasing, is described in
Chapter 5.
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Incentive Recovery

The net resource benefits from demand-side activities accrue annually
for the life of the measure. However, the shared-savings incentives
earned by NEES, PG&E, and SDG&E are recovered in advance of the
useful life of the measures. For both NEES subsidiaries, the utilities’
share of the entire life-cycle benefits from a given year’s activities are
recovered in full by the end of the year after those activities are veri-
fied. For PG&E and SDG&E, benefits are also accelerated, but they
are spread over the first three years following program delivery.

Both the utilities and their commissions have reasons to accelerate
the shared-savings incentive. From the utilities’ perspective, delayed
earning of shared-savings incentives increases the risk that the earn-
ings will not be recovered because of, among other things, changing
regulatory philosophies. Commissions, too, cite reasons for wishing to
accelerate utility shared-savings earnings. First, accelerated earnings
increase certainty about the total amount of ratepayer dollars to be
paid. Second, accelerated earnings increase the visibility of the profits
from demand-side activities to the utility. This reason is also shared by
utility demand-side program managers. Third, accounting is simplified
when multiple program elements, each with a different lifetime, do not
need to be tracked separately.

Accelerated incentive recovery is similar to front-loading pay-
ments to qualified facilities (QFs) in power sales agreements with util-
ities. In California front-loading became controversial because of a
perceived oversupply of QF power in the mid-1980s and, as a result of
falling real (net of inflation) oil prices, charges that QFs were being
overpaid. In the present context, these concerns are largely addressed
by (1) the need for eligible programs to pass the total resource cost test,
and (2) spending caps that, in California, limit the maximum level of
activities on an annual basis or, in New England, trigger regulatory
review when budgets are exceeded. Conversely, because incentive
recovery is guaranteed, ratepayers have no recourse if subsequent eval-
uations reveal that performance has fallen short of expectations. For
front-loaded QF contracts, substantial penalties are levied for sub-
standard performance. For California utility shared-savings incen-
tives, as discussed below, penalties are in place for sub-par program
participation, but not sub-par measure performance.

Performance Thresholds

Performance thresholds, a central feature of the California shared-
savings incentives, serve as regulatory sticks by specifying explicit
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earnings penalties if utility DSM program participation goals are not
met. Performance thresholds are also present in the NEES shared-
savings incentives, but they are specified in a more aggregate manner.

California performance criteria, designed to assess performance
penalties for sub-par utility performance, were developed in response
to utility underspending of authorized conservation and load manage-
ment budgets during the mid to late 1980s (Caldwell and Cavanagh
1989). The effect is that the shared-savings earnings can be substan-
tially reduced or even become operating losses if performance fails to
meet expectations.

The California performance criteria are defined on a program-by-
program basis. Performance is measured by program participation, not
by program energy savings. This effectively separates the risk of the
conservation measure’s performance, which is deemed to be beyond
the control of the utility from program participation, which is deemed
to be within the control of the utility. There are three steps. First, an
annual target level for program participation is set by the utility. Sec-
ond, a minimum performance threshold or fraction of the target level
is established. If participation fails to exceed this threshold, no incen-
tives are earned. If participation exceeds the threshold, incentives are
earned on the entire amount of net savings from the program. Third, a
“deadband” is established below the minimum performance level.
Penalties accrue if participation falls below the deadband.

The target levels and performance thresholds are set for individual
programs (see Table 6-4). Both the goals and minimum performance
criteria reflect the utility’s and commission’s confidence in the proba-
bility of program success. Mature programs may have high goals and
minimum performance thresholds while goals for new or experimental
programs may be defined more modestly. Since goals and thresholds
are specified program by program, utility cream-skimming can be mit-
igated somewhat by establishing high goals and thresholds for less
cost-effective (i.e., less profitable) programs, which might otherwise
be neglected.

NEES’s performance criteria are specified on an aggregate basis:
incentives are only earned when energy savings exceed 50% of overall
DSM program goals. This specification allows the utility considerable
flexibility in two dimensions. First the utility may reallocate efforts
among individual programs throughout the year.'* Second, threshold

14 A quarterly filing with the commissions is required when program spending differs
from agreed rates by more than 10%. These filings may then become the basis for subse-
quent regulatory intervention although this has not happened in New England.
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Table 6-4. Minimum Performance Thresholds (% of Participation Targets)—
Pacific Gas & Electric, 1991 program

Minimum
Performance Thresholds for
Incentive Payments

Program Category (% of participation goals)
Commercial, .indusl'rial, agricultural energy 75%
management incentives

Commercial new construction 25%
Residential new construction 30%
Residential appliance efficiency 75%
Commercial, industrial, agricultural energy 70%
management services 75% for commercial
Residential energy management services 80%
Super-efficient homes 70%

Note: The thresholds represent percentages of participation goals that must be exceeded for the utility to
earn incentives; if exceeded, the incentives are earned on the total benefits from the programs, not just
those in excess of the thresholds. If participation is less than the threshold value, the utility earns no incen-
tive. If participation is significantly below the threshold value, penalties are applied.

Source: Pacific Gas and Electric Company, 1991.

performance can be met through any combination of participation and
savings per participant. In short, the specificity inherent in the Califor-
nia incentives is replaced in New England by a bottom-line
orientation.

The specification of the NE performance criteria complicates cal-
culation of net program benefits because the criteria act as earnings
thresholds (see, for example, Table 6-3). No incentives are earned on
the first 50% of projected savings; incentives are only earned on sav-
ings in excess of the 50% threshold. This means that the first 50% of
program accomplishments, and utility expenditures, assuming these
expenditures vary in direct proportion to savings, do not produce any
incentive. Conversely, assuming the program target is reached, earn-
ing 10% on 50% of the savings means that only 5% has been earned
on the entire program. For GSE, once the 50% threshold is reached,
10% 1is earned on all net savings, including the savings required to
reach the 50% threshold.
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DSM Program Spending and Shareholder Earning Caps

Spending caps limit the maximum a utility can spend beyond its autho-
rized DSM program budget. Shareholder earning caps limit the maxi-
mum incentive a utility can earn. Both are discussed in this section
because spending is often directly related to earnings. That is, since
the incentives are based on prior estimates for savings per participant
or measure installed, spending caps become, de facto, earnings caps.

DSM program spending caps may superficially seem contradic-
tory; if energy efficiency is such a good idea, shouldn’t program ex-
pansion be encouraged? But, unlimited expansion of demand-side pro-
grams may not be warranted for several reasons. Theoretically, the
cost-effectiveness of demand-side programs can diminish with pro-
gram size as avoided costs decrease and the difficulty (i.e., cost) of
recruiting participants increases on a per-unit basis. However, fixed
avoided cost values are generally agreed on in advance for the pur-
poses of calculating incentives, and thus changes in per-unit values
due to quantity changes are usually not reflected in incentives formu-
las. In addition, as spending increases, the amount of money that must
be collected from ratepayers also increases, sometimes causing rate
increases. Some utilities and commissions try to keep these rate
increases to modest levels each year by limiting program expansion.
Furthermore, administrating greatly expanded programs may be diffi-
cult for the utility and its commission in the short run.'* Finally, unlim-
ited earnings from demand-side activities raise the more fundamental
issue of what ought to be the appropriate basis for utility earnings.
All three issues reflect the experimental nature of existing, shared-
savings programs. Improved methods for dealing with mid-year adjust-
ments in program spending and earnings will evolve as all parties deal
with the programs. '

The California shared-savings incentives contain explicit limits on
expanded DSM program spending. The limits are set at 30% beyond
authorized program budgets. Shareholder earnings are limited to no
more than 10% above anticipated levels. The NEES programs do not
contain explicit limits on program spending or earnings, but changes
in spending more than 10% are reported quarterly and, as a result, may
become the subject of regulatory review.

In New York State, the shared-savings incentives for some utilities

15 Slower program growth rates will give the utility additional time to “fine-tune” its
programs. These efforts can increase the cost-effectiveness of programs by allowing utilities
to modify aspects of their program designs (e.g., lower rebate levels, more effective recruit-
ment strategies).
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put a cap on earnings by linking the size of the incentive that can be
earned to that which could have been earned under traditional rate-of-
return regulation (Gallagher 1991). In other words, an independent
measure is used to limit earnings from shared-savings incentives, in
this case by linking the shared-savings incentive to profits achievable
under traditional utility regulation. While in New York, this measure
is based solely on the utility’s program costs, the California PUC has
proposed establishing similar limitations based on total program (i.e.,
including customer) costs.

Program Eligibility

The program eligibility criteria for DSM incentives vary considerably
between the California utilities and NEES. Within the New England
states where NEES’s subsidiaries operate, it has been felt that only
exemplary utility DSM programs should be eligible for incentives.
Largely for this reason, GSE’s DSM programs were the only utility
programs in New Hampshire initially allowed to earn incentives. This
philosophy also explains why NE is only allowed to earn incentives on
savings in excess of a threshold. In California, all major utilities are
eligible to earn incentives. Ultilities are allowed to earn incentives on
all eligible DSM programs, but, as described previously, the programs
must first exceed minimum participation goals.

A second and more important area of difference is in the types of
DSM programs eligible for incentives. All of NE’s and GSE’s demand-
side activities are treated in aggregate when incentives are determined,;
i.e., the shared-savings incentive is based on the total impact of all
demand-side activities. There are, however, two important subtleties.
First, each activity taken separately must pass the total resource cost
test. Second, many activities not directly related to the delivery of
energy savings such as measurement and evaluation, are included in
calculating total program costs.

California, on the other hand, has adopted a much more disaggre-
gated approach. Demand-side activities are first identified by demand-
side categories, and only those activities falling into certain categories
are eligible to earn incentives. The categories distinguish between pro-
grams that are primarily oriented toward displacing supply resources
and those that are primarily oriented toward other goals, such as equity
or customer service. In addition, measurement and evaluation activi-
ties are explicitly separated from individual programs and are not eli-
gible for incentives. This is also the case for NEES. Table 6-5
summarizes California’s categorization of demand-side activities with
examples of eligible programs and the type of available incentive.



114 — Chapter Six

Table 6-5. Matching DSM Programs with Shareholder incentives—
Pacific Gas & Electric

Incentive
Program Category Examples Treatment
Resource Residential, commercial, industrial, and agricultural | Shared Savings
rebates; residential and commercial new construction
Equity/ Direct assistance; residential, commercial, industrial, | performance-
service and agricultural audits; super-efficient homes pilot based earnings
program adder
Other Innovative rate design; measurement and evaluation; | no incentives

general administration

Source: Pacific Gas and Electric Company, 1991.

California’s approach recognizes that utilities have multiple rea-
sons for intervening on the demand side. Shared savings, as an incen-
tive for these activities, only make sense for activities with the primary
objective of displacing supply resources. Other equally important
demand-side activities should not be subject to the same incentive
structure because the motivation for them is often legitimately quite
different. These programs include those developed for equity consid-
erations, such as certain residential programs. Similarly, demand-side
activities with impacts that are difficult to measure, such as informa-
tion or rate design programs, are probably also inappropriate for
shared-savings incentives.

For demand-side programs that are primarily equity or service ori-
ented, performance-based earnings adders were adopted. These adders
are essentially cost-plus or bonus-type incentives that are triggered by
achieving some measurable level of performance, such as number of
audits provided.'®

Treatment of Lost Revenues

A potentially complicating issue when comparing the net benefit of
shared-savings incentives is the relationship between the earnings
from shared savings and the sales revenue losses that are associated
with utility demand-side interventions. Some say these losses should

16 For NE and GSE, incentives for less cost-effective programs provided implicitly
through the use of the “maximizing incentive” previously described. This feature allows the
utility to earn incentives despite the low net resource value of certain demand-side
activities.
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be netted out from any calculation of the benefits of a shared-savings
incentive. In fact, the issue is probably more philosophical than
practical.'’

California is well known for the Electricity Revenue Adjustment
Mechanism, or ERAM, which establishes a balancing account to
ensure that an approved revenue requirement is earned independent of
sales volumes (see Chapter 3). It is less well known that New England
Power, NEES’s wholesale electric subsidiary, which collects 70% of
NEES’s revenues, has in effect a revenue adjustment mechanism on
file with FERC. FERC annually approves New England Power’s
wholesale rates using a future test year. The result is that because the
rates are determined annually and because demand-side activities are
accounted for explicitly in the future-test-year forecasts, there is little
room for unanticipated, “lost” revenues. Discrepancies, to the extent
that they persist for any reason, including weather, business cycle, and
DSM, are effectively “trued-up” in the following year’s filing.

Thus, for all four utilities, demand-side activities that reduce sales
beyond levels predicted in the rate-setting process are addressed by
either explicit or implicit balancing accounts, which ensures that
authorized revenue requirements will be earned. Uniform decoupling
of revenues from sales for the four utilities facilitates comparisons
among their shared-savings incentives, but it makes it difficult to trans-
fer results to utilities in states where different ratemaking practices
make “lost revenues” a more serious issue.

Evaluating Shared-Savings Incentives

In reviewing the calculation of utility earnings from shared-savings
programs, it is apparent that the bottom line can only be determined by
considering the combined impact of all incentive components. The util-
ity’s share of earnings can be increased either by providing an increased
share (percentage) of the net resource benefits, by bonuses earned in
addition to a percentage of the net savings, by using an avoided cost that
includes externalities, or by excluding the customer’s contribution from
program costs. Conversely, earnings can be decreased by providing the
utility with a lower share of the net resource benefits, by program
thresholds below which no incentives are earned, or by the inclusion of
programs whose cost-effectiveness may be low or indeterminate and
indirect program expenses, such as measurement and evaluation in the
overall package of programs eligible for incentives.

17 The existence of “lost revenues” is really just a manifestation of the failure by tradi-
tional regulation to account for fluctuating sales volumes whatever their cause.
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In this section, we attempt to assess these earnings trade-offs. Our
discussion begins by describing the non-traditional regulatory settings
from which the incentives arose because they provide important back-
ground information on the role of negotiations. Next, 1990 program
results are used to assess quantitatively the profitability and signifi-
cance of these utilities’ demand-side activities.

The Role of Collaborative Negotiations in the Designing of
Shared-Savings Incentives

The shared-savings incentives for the four utilities arose from *collab-
orative” negotiations that proceeded outside traditional regulatory for-
ums. These negotiations were responsible for both the acceptance of
the idea that it would be appropriate to reward utilities for their energy
efficiency activities and for the specific incentive designs reviewed in
the previous section. In particular, the informal setting of the collabo-
rative process allowed for explicit bargaining and trading-off among
various incentive design features. It is, therefore, misleading to evalu-
ate the program design features reviewed in the last section in isola-
tion. The combined effect of these features not only determines the
financial bottom line, it also attempts to balance the risks and rewards
inherent in the programs.

For example, all the incentives include minimum performance
thresholds below which no earnings (and, in California, penalties)
apply. This feature is designed partly to ensure a serious utility
response to the incentives being offered. Concerns were expressed
that, without these thresholds, no guarantees would ensure that utilities
would aggressively pursue energy efficiency opportunities. In other
words, the availability of financial incentives was predicated on a com-
mitment by the utility to obtain significant savings.

In California, thresholds were also specified on a program-by-
program basis to ensure that all customer groups would be able to partic-
ipate in utility-sponsored energy efficiency activities. This feature,
intended to limit utility cream-skimming in more lucrative energy effi-
ciency markets, is a contrast to the bottom-line orientation of the NE and
GSE shared-savings incentives whose thresholds are based on total pro-
gram savings. In effect, the commissions and utilities must balance
equity concerns against the need for flexibility with a relatively untested
incentive. It is difficult to argue that one approach is superior to the
other; in both cases, utility and commission staffing and priorities were
different. Indeed, to the extent that in the future the balance is deter-
mined along with a host of other utility DSM policy issues, with or with-
out a collaborative process, there may never be a conclusive answer.



Sharing the Savings to Promote Energy Efficiency — 117

Another example of the risk balancing reached through consensus
in the collaborative is the decision to base first-year program savings
per participant, including, in California, energy and peak demand sav-
ings, free-rider fractions, and persistence, on estimates that are now
assumed to remain unchanged for the lifetime of the measures installed
in the first-year programs. In effect, this decision transfers most of the
risks of demand-side measure performance to the ratepayer. In return
for protection from the performance risk of their demand-side activi-
ties, however, the utilities agreed to initiate large-scale evaluations of
their programs to measure these risks precisely.

The design of the shared-savings incentives was the result of col-
laborative negotiations amaong stakeholders. While one can argue that
the same results could have emerged from traditional regulatory for-
ums, it is doubtful they could have emerged as quickly as they
did in New England and California. In both cases, shared-savings
incentives were established within one year after the initiation of
discussions.

Initial Results from Utility Shared-Savings Incentive
Programs

Table 6-6 presents 1990 program results for PG&E, SDG&E, and
NEES. For the shared-savings portions of the utilities’ demand-side
activities, details are presented relevant to calculating the incentive,
including the expected avoided utility supply costs (life-cycle energy
and capacity savings times avoided costs), and the utility and customer
costs, which when subtracted from the avoided costs yield the net
resource value of the programs. The shared-savings and other incen-
tives where applicable are reported. In addition to information specific
to the utilities’ shared-savings programs, summary information on
aggregate demand-side activities and earnings is reported for PG&E,
SDG&E, and NEES.

To evaluate the relative impact of shared-savings (and other DSM)
incentives on utility operations, we use two crude ratios: (1) the per-
cent of total utility operating revenue accounted for by demand-side
programs in order to measure the role of demand-side activities in
overall utility operations; and (2) the earnings resulting from incen-
tives as a percent of utility demand-side program expenditures in order
to gauge the profitability of demand-side activities.

We also present an indicator that measures the cost premium asso-
ciated with shared-savings incentives by expressing the utility shared-
savings earnings as a percent of the utility and customer costs for the
program. This ratio measures the added cost to society and ratepayers
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Table 6-6. Comparison of Utility Shared-Savings and Overall DSM Program
Performance (1990 M$)

PG&E | SDG&E | g | GSE | NEES
SS' | Total* | SS* { Total* | SS* | SS* | Total®
Avoided utility supply costs 115.4 21.7 42.3| 44
Utility DSM program expenditures 20.6 {141.0 | 40| 16.7 [14.7] 1.7 | 71.2
Estimated customer contribution 17.9 4.5 1.8 0.2
Net resource value
Total resource cost test 13.1 2581 2.5
Utility cost test 94.8
Shared-savings incentive 14.2 1.8 1.6{ 0.2
Other incentives 1.6] 0.2 8.0 1.3} 0.2 5.0
Total incentive 142 | 15.8{ 2.0| 10.0 | 2.9| 0.4 8.3
DSM expenditures as a percent of 0.2 1.51 02y 0.8 0.6 0.1 3.8
utility revenues
Total incentive as a percent of 69 113 50 60 20 | 24 12
DSM program expenditures
Total incentive as a percent of 37 24 18 21
utility program cost and customer
contribution
Notes:

!SS =shared savings

2Total =Total DSM program, including components eligible for shared-savings incentives

SPG&E’s return of 11% on all 1990 DSM activities may be misleading because PG&E’s incentive earning
programs only began in the second half of 1990. A more proper measure, if data had been available,
would be to express the earnings ($15.8 million) as a fraction of PG&E's spending on DSM in the second
half of 1990, which was less than the $141.4 million spent over the entire year. In this case, the percentage
earnings would be significantly larger.

Sources: PG&E, 1991; SDG&E, 1991; Hutchinson, 1991.

represented by the incentives to the utility. In other words, this ratio
accounts for the way incentives, in effect, raise the cost of delivering
energy efficiency.

We also present aggregate information for the utilities’ entire
DSM program. These numbers, presented under the heading *“Total”
in Table 6-6, include the utility shared-savings programs. The reasons
for presenting aggregate results differ slightly for each utility.

Both PG&E and SDG&E sponsor demand-side activities that do
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not receive shared-savings incentives. Some of these activities, how-
ever, are eligible for other incentives. More important, the receipt of
shared-savings incentives for some demand-side activities is probably,
in some sense, conditional on the utility’s offering of these other, non-
shared-savings activities. In other words, for PG&E and SDG&E, the
shared-savings incentives must be viewed as one component of a util-
ity’s overall DSM activities.

Aggregate results for NEES are also appropriate because NEES
has centralized program operations. Centralized planning, operation,
and evaluation costs cannot be easily allocated to activities in individ-
ual service territories. For example, NEES’s major program evaluation
activities will take place in the Massachusetts Electric service territory.
The costs will be borne by NEES and will consequently not show up
on Massachusetts Electric’s budget or on NE’s or GSE’s, yet these
evaluation results will be used to determine savings and incentive
earnings from future programs for all three operating companies.

The shared-savings components of California utility DSM pro-
grams are modest, accounting for no more than a quarter of total utility
DSM activities.'®* However, for both PG&E and SDG&E, shared-
savings programs were only in operation during the last half of 1990.
They are approximately 50% of what they might have been if they had
been operating for the entire year. Total DSM activities for the entire
year, which include the shared-savings programs, account for measura-
ble percentages of PG&E, SDG&E, and NEES operating revenue (1.5,
0.8, and 3.8%, respectively). NEES’s DSM expenditures represent the
largest percentage of operating revenue among the three utilities.

Shared savings appear to be profitable for the utilities. The
shared-savings components of the utilities’ demand-side activities pro-
duce earnings of up to nearly 70% (PG&E) on expenditures for utility
DSM programs that are eligible for shared-savings incentives.!® In
general, both PG&E and SDG&E shared-savings incentives are more
profitable (69 and 50%, respectively) than those of NE or GSE (18 and

18 As previously noted, all NEES’s DSM programs are rewarded with incentives, so this
distinction cannot be made for NE, GSE, or NEES.

19 1t is tempting but not possible to compare these returns to authorized utility returns
on undepreciated rate base, which are typically 11-13%. First, return on rate base is earned
annually for the accounting life of the depreciating rate base; shared-savings incentives are
earned on an accelerated basis either entirely in the first year (NEES) or over the first three
years (PG&E and SDG&E) after the program has been established. Second, not all DSM
program expenditures would be eligible for inclusion in rate base; only capital expenses are
typically included in rate base. Third, and most important for PG&E and SDG&E, as men-
tioned previously, shared-savings program expenditures and incentives must be considered
jointly with all of these utilities’ DSM earnings.
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21%, respectively) from the standpoint of return on shared-savings
DSM program expenditures. Part of the reason is that NE only earns
incentives on program savings in excess of a 50% threshold. More
important, PG&E and SDG&E are engaged in many DSM activities
that are not eligible for shared-savings incentives, while all of NEES’s
DSM activities (except measurement and evaluation) are considered in
calculating incentive payments. Conversely, NEES’s DSM incentives
also include a maximizing incentive, which is not based on the shared-
savings concept. These additional incentive features complicate direct
comparison of the shared-savings components of the utility’s DSM
activities and highlight the appropriateness of examining all incentives
jointly in the context of the utility’s total DSM activities.

When shared-savings and other DSM incentive earnings are com-
pared to all DSM activities, the overall returns for PG&E and NEES
are more modest, 11 and 14%, respectively.?® On the other hand,
SDG&E’s overall DSM program earnings are quite remarkable.
SDG&E’s non-shared-savings incentives are so profitable that the
overall return on expenditures for their program (60%) is higher than
the return on the shared-savings DSM activities. In fact, the returns
were even higher initially, due to the absence of earnings caps on the
non-shared-savings portion of SDG&E’s programs.?! As a result of
this apparent oversight, SDG&E, in its filing to the CPUC for its
incentive, claimed $6.2 million less than it would have otherwise been
entitled to under the original terms of the non-shared-savings incen-
tive. Even with the reduced claim for incentive earning, SDG&E'’s
DSM programs are the most profitable of the three utilities.

Incentives represent an added cost to society for delivering energy
efficiency. The shared-savings incentives paid to PG&E raise the total
cost (customer costs plus utility program costs) of the shared-savings
incentive-eligible demand-side measures to society by nearly 40%. For
SDG&E, NE, and GSE, the cost premiums are more modest, ranging
from 18 to 24%.?* In part, these cost premiums reflect the high cost

20 PG&E’s return of 11% on all 1990 DSM activities may be misleading because
PG&E’s incentive earning programs only began in the second half of 1990. A better mea-
sure, if data had been available, would be to express the earnings ($15.8 million) as a frac-
tion of PG&E’s spending on DSM in second half of 1990, which was less than the $141.4
million spent over the entire year. In this case, the percentage earnings would be signifi-
cantly larger.

21 These programs were approved prior to the California Collaborative.

22 Recall that these cost premiums reflect only the added cost of measures eligible for
shared-savings incentives. For both PG&E and SDG&E, significant portions of the utilities’
DSM activities are not eligible for shared-savings incentives, although they may be eligible
for other, non-shared-savings incentives.
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effectiveness of the DSM activities; all the programs continue to pass
the total resource cost test with the inclusion of the incentives. More
importantly, they reflect the limited experience of both commissions
and utilities in determining what is the appropriate level of incentive
for utility delivery of customer energy efficiency programs. It is clear,
however, that the incentives paid to these utilities have added measur-
ably to the cost of delivering energy efficiency.

Summary

Shared savings can provide positive incentives to utilities for DSM. In
the examples we reviewed in California (PG&E and SDG&E), New
Hampshire (GSE), and Rhode Island (NE), the incentives are almost
always positive since they are accompanied by guarantees on program
cost recovery, and by pre-existing explicit or implicit decoupling
mechanisms that automatically remove the disincentives associated
with reduced sales. In California, however, sub-par program perfor-
mance, measured by program participation relative to a target value,
can lead to earnings penalties.

Shared savings are unique from other utility incentives for DSM
in that they make the link between the net resource value of demand-
side activities and utility earnings explicit. In this regard, shared sav-
ings reward utility performance in acquiring cost-effective demand-
side resources, rather than spending ratepayer dollars.

A potential disadvantage of basing utility incentives on net
resource value is the need to measure this value, in particular, the load
reductions resulting specifically from utility demand-side activities.
For each of the utility shared-savings incentives examined, estimates
of load reductions on a per-measure basis are being used in conjunc-
tion with actual program participation levels. In effect demand-side
measure performance risks have been largely transferred to the rate-
payer, while demand-side program participation risk remains with the
utility. At the same time, significant utility resources are being devoted
to measuring and evaluating programs to provide better estimates for
future demand-side measure performance. A consequence of agree-
ments to use measure performance estimates, as well as estimates of
future avoided costs, is that net resource benefits are largely agreed on
in advance and can be quickly recovered by the utilities.

As a result of these agreements, the shared-savings incentives for
PG&E, SDG&E, GSE, and NE are very clear and understandable: if
the utility can achieve pre-specified performance thresholds, then well-
defined incentives will be earned. With the exception of knowing
whether it will meet its program performance targets (specified as
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energy savings or program participation levels), the utility can predict
exactly how much it will earn. Accelerated recovery of the incentives
also simplifies administration by commissions and the utilities because
incentive recovery is completed within a few years’ time.

On the other hand, California’s shared-savings incentives feature
detailed program design elements that tend to complicate their admin-
istration. To address cream-skimming and to ensure utility participa-
tion in a variety of demand-side markets, California shared-savings
incentives include program-by-program performance (i.e., participa-
tion) thresholds, below which penalties apply.

The shared-savings incentive for PG&E is based solely on utility
costs, not utility and customer costs. While this tends to increase the
net resource benefit for which PG&E is eligible to earn a percentage,
it also provides a strong signal for the utility to minimize its own costs
(reducing rate impacts) although not necessarily the customer’s cost in
acquiring demand-side resources. For example, partly as a result of
this decision, PG&E rebates typically pay only a fraction of the incre-
mental costs of an energy efficiency measure. In contrast, the NEES
subsidiaries whose shared savings are based on total costs typically
pay almost 100% of the incremental cost of energy efficiency
measures.

The DSM incentives available to GSE, NE, PG&E, and SDG&E
also address broader policy considerations for demand-side resources.
GSE’s and NE’s incentives include a “maximizing” incentive that pro-
vides additional incentives for demand-side measures with smaller net
resource benefits, such as certain residential programs. PG&E’s and
SDG&E’s incentives address these concerns through program-specific
performance thresholds and penalties. They also distinguish between
classes of demand-side activities and provide separate, non-shared-
savings incentives for some of them.

Finally, the results from the utilities’ 1990 DSM activities confirm
the profitability of the incentives. As a percent of total DSM program
expenditures, the incentives are providing measurable returns (PG&E,
11%; SDG&E, 60%; NEES, 12%). At the same time, incentives to
utilities for their DSM activities also measurably increase society’s
cost of acquiring DSM.
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Chapter 7

Revenue Decoupling Plus
Incentives Mechanism

L. Mario DiValentino, Terry L. Dittrich, James E. Cuccaro, and
Alan M. Freedman

Introduction

It is becoming increasingly apparent that meeting customers’ needs
through supply-side options must be balanced by cost-effective
demand-side options. It is equally important that the use of demand-
side options must balance the needs of shareholders with those of
customers.

Recognizing this shift in the regulatory and social climate, the
New York Public Service Commission (Commission), in Opinion No.
88-20, issued July 26, 1988, investigated methods and ratemaking
procedures designed to meet the future energy needs of customers in
the most efficient, least costly manner. Acknowledging that a least-cost
planning process must consider alternatives to the traditional practice
“of constructing new generating facilities in response to load growth,
the Commission re-emphasized its commitment to demand-side man-
agement (DSM) while recognizing existing impediments to successful
DSM program implementation.

In its Opinion, the Commission recognized that:

* Energy conservation and DSM are principal means of satisfying
New York’s energy requirements; and

» Existing ratemaking practices penalize—rather than reward—cost-
effective DSM measures, because the lost sales and profitability from
successful conservation programs pits a utility’s shareholders’ inter-
ests against its customers’ interests.

The Commission, concluding that this conflict should be resolved
through revised ratemaking practices, ordered New York utilities to
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propose ratemaking innovations that would align the interests of utility
shareholders and customers. The Commission’s goal was to provide
customers with the benefits of least-cost planning and DSM using a
mechanism that would also be beneficial to utility shareholders.
Orange and Rockland Utilities, Inc. (O&R) shared the Commis-
sion’s concerns regarding the inadequacy of existing ratemaking prac-
tices to provide the appropriate incentives to promote least-cost
planning. The company was experiencing strong load growth coupled
with shrinking capacity reserves and was interested in acquiring capac-
ity at the lowest available cost. Adding cost-effective DSM to the more
traditional menu of capacity purchases and construction offered an
opportunity to meet service obligations to customers with limited risk
to shareholders. As a result, O&R began to investigate alternative rate-
making models that would align the interests of shareholders and cus-
tomers in achieving cost-effective energy conservation while providing
incentives to achieve DSM and other important regulatory objectives.

Alternative Ratemaking Models

The Commission noted that ratemaking procedures adopted in Califor-
nia, Maine, Washington and Wisconsin might be considered useful
examples for the ratemaking approach under consideration in New
York. O&R reviewed the procedures followed in these states and oth-
ers. While DSM was promoted in various ways, none of the
approaches appeared to balance cost-effective DSM and supply-side
options. Other notable observations included:

» DSM expenditures were often recovered through a surcharge or
reflected in rates through deferred accounting mechanisms;

» In some cases, utilities were allowed to recover revenues from the
“lost sales” that resulted from DSM, removing a powerful disincen-
tive for the successful introduction of energy conservation measures;
and

s Positive incentives were sometimes offered to utilities for success-
fully implementing the DSM option.

O & R was most interested in the last point regarding incentive
regulation. This concept not only promoted cost-effective DSM and
energy conservation, it also provided an opportunity for the utility to
deploy resources effectively and efficiently to meet other meaningful
regulatory objectives.

While the opportunity to earn a return for shareholders is a pow-
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erful stimulus for utilities to pursue a particular course, the type of
incentives in the ratemaking models of the other states seemed either
too weak or too misdirected. For example, several states provided for
including DSM expenditures in the rate base and offered a premium
return on these investments. This sort of incentive—or bonus—is tied
directly to the level of expenditures incurred, rather than to the suc-
cessful implementation of the programs. O&R believed that effective
incentive regulation should reward the achievement of results, not the
level of spending.

The plan receiving the most attention from Commission staff and
other interested parties was the Electric Revenue Adjustment Mecha-
nism (ERAM) used in California (see Chapter 3). Since ERAM decou-
ples a utility’s profitability from its sales volume, it has created an
environment where utilities are not penalized for implementing DSM
measures. Under ERAM, energy sales revenues are established in a
base rate case and actual sales revenues are then reconciled to this
level. All differences between the sales rate allowance and actual sales
are deferred for subsequent refund or surcharge to customers. This
decoupling procedure is based on the perception that there is a funda-
mental inconsistency between a utility’s corporate goal of maximizing
earnings by maximizing sales and the state’s energy policy goal of
achieving energy end-use efficiency.

O&R had serious reservations about ERAM’s practical applica-
tion in New York. While ERAM removes the financial disincentive to
promote energy conservation, its impact on promoting DSM is mar-
ginal at best and counterproductive at worst.

The mechanism does not differentiate among the source of the
sales variance (including weather-related sales), economic conditions,
growth in number of customers served, and energy conservation. The
use of such a broad-based reconciliation mechanism, which insulates
the utility from the financial impact of actions actually taken by its cus-
tomers, could potentially create a sense of indifference to customer
energy use by both the utility and its regulator. It seemed clear that
ERAM alone would do little to encourage effective DSM measures.
Indeed, if one assumes that utilities are interested solely in enhancing
earnings, it would be illogical to assume that they would make signifi-
cant expenditures for DSM programs when they are completely insu-
lated from their financial impact.

A thorough examination of the complete California ratemaking
system revealed that rather than promoting DSM, ERAM was a com-
ponent of a framework designed to provide rate stability. The other ele-
ments of the California ratemaking system are:
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* Energy Cost Adjustment Clause (ECAC), a recovery surcharge for
fuel and purchased power costs;

» Annual attrition adjustments for non-fuel operating and maintenance
expenses, financing costs and rate base; and

* Mandated three-year rate cases.

It is this last element—the mandated three-year rate case cycle—
that is the most critical in the California regulatory system. The diffi-
culty of accurately forecasting energy sales, operation and mainte-
nance (O&M) expenses, finance costs, and rate base for a three-year
period led the utilities and regulators to devise annual rate adjustment
procedures. These provide rate and earnings stability by reducing the
volatility caused by variances between actual and forecasted results.
O&R believed that despite its potential to make energy conservation
attractive, ERAM is a single element in a complex ratemaking frame-
work primarily designed to implement a three-year rate case cycle.
This conclusion did not rule out ERAM’s possible use in New York as
part of a least-cost planning approach, but it was clear that ERAM
alone would not stimulate New York utilities to change direction in
terms of DSM.

Development of the Revenue Decoupling
Mechanism (RDM)

O&R concluded that none of the ratemaking models used in other
states could effectively be used in New York. Therefore, the company
decided to propose a new plan—one grounded in traditional New York
ratemaking——but incorporating several concepts used elsewhere to
reform the existing system in order to stimulate least-cost planning and
DSM. O&R initially identified five goals, deciding that any new rate-
making system must:

» Facilitate, not hinder, least-cost planning;

* Promote rate stability, providing the opportunity for using resources
based on long-term objectives rather than on short-term financial
considerations;

» Maintain the regulatory compact, whereby utilities are provided the
opportunity to earn a fair rate of return on invested capital in return
for fulfilling their obligation to serve the energy needs of its
customers;

» Ensure a simple and understandable regulatory process; and
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» Maintain a rate structure to facilitate the achievement of economic
and social goals, e.g., avoiding rate design changes that might
adversely affect the economic and environmental health of
communities.

Despite serious reservations concerning the ERAM procedure,
O&R decided to incorporate an ERAM-like revenue decoupling mech-
anism (RDM) into its proposal. The company recognized that success-
ful implementation of a least-cost plan depended on eliminating the
existing disincentives in the ratemaking system. Having removed the
reward for maximizing energy sales, O&R had to devise other strate-
gies to maintain profitability. The following elements of the RDM pro-
posal attempt to provide the means of achieving the important
corporate goal of profitability:

» Revenue reconciliation is combined with O&M expense and rate
base attrition adjustment procedures, establishing productivity gains
and cost control as the new keys to profitability; and

* Meaningful performance-based incentives are established to focus
utility resources on achieving Commission-approved least-cost plan-
ning and customer service objectives.

Thus, the complete concept of RDM plus incentives (RDM Plus)
is to use an ERAM-type procedure to eliminate undesirable disincen-
tives in the current ratemaking system while establishing a new set of
incentives to redirect utility resources toward achieving the appropriate
regulatory objectives. As such, RDM Plus is a multi-year rate adjust-
ment process. As in a traditional rate case, a projected one-year reve-
nue requirement is established. At the conclusion of that year, O&R
adjusts its base rates to reflect changes in revenues, expenses, rate
base, and the cost of capital. The following sections summarize major
elements of this new approach to incentive ratemaking.

Treatment of Revenues

Net margin (revenues less fuel and revenue taxes) on actual sales is
reconciled to the level used to establish base rates. Differences are
deferred for subsequent refund or surcharge to ratepayers. This proce-
dure defers all differences, regardless of the source of deviation.
Notwithstanding the desirability of DSM, any ratemaking formula
must recognize that economic health and growth of the franchise area
is a fundamental goal of utility regulation. Consequently, it is impera-
tive that ratemaking not contain disincentives for utilities to meet the
demand for service from new customers. DSM should not be promoted
at the expense of the economic welfare of the community. To ensure
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that RDM Plus does not create a perverse incentive, revenue reconcil-
iation was modified to exclude 50% of the customer service charges
recovered from new customers added during a given period, thus
allowing the company to recover the incremental costs associated with
the additional customers.

Cost Attrition Adjustments

The establishment of RDM Plus is only a first step in revising the rate-
making system to support least-cost planning while providing the
opportunity to achieve the other important regulatory goal of maintain-
ing rate stability. In New York, multi-staged filings were well estab-
lished, whereby base rates are set and adjusted periodically to reflect
changes in specific costs and to provide for their recovery. The
increases are allowed on a pre-determined timetable after Commission
review. In addition to avoiding expensive, time-consuming base rate
filings, this procedure encouraged utilities to control costs and seek out
productivity gains in order to operate within the modest revenue
increases resulting from the staged filings.

Because the revenue deferral procedure—which decouples sales
and earnings—eliminates the contribution that sales growth makes to
covering cost increases, RDM Plus provides a mechanism similar to
the existing staged filings to recover the increased cost of providing
sservice. Absent timely cost recognition, the revenue adjustments
resulting from RDM Plus will inevitably produce a continuous cycle
of annual rate proceedings, diverting the Commission and the com-
pany from using their resources to improve service cost effectively.

Therefore, to preserve rate stability, RDM Plus expands the cost-
control incentives that exist in current New York ratemaking by incor-
porating a provision for annual rate adjustment to recover increases in
the cost of providing service. RDM Plus provides for three basic cost
attrition adjustments, which are each discussed below:

* O&M expenses;
= Rate base investment; and
» Cost of senior capital.

O&M Expenses. From the utility’s standpoint, one key to profit-
ability under RDM Plus is to control costs of providing service at or
below the levels provided by the attrition adjustments. The attrition
procedures for O&M expenses are designed to encourage cost control
and stimulate productivity.

The specific mechanism used reflects the various types of utility
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costs. Because no single method is appropriate for all types of
expenses, three basic methodologies are used:

* Inflation adjustments are used for categories of costs when the num-
ber of units (volume) is predictable and established in a base rate
case, but the unit price is subject to inflationary trends. The proce-
dure is to annually adjust the rate allowance for the projected infla-
tion rate. The inflation rate is not reconciled or adjusted for actual
results. The company is thereby forced to control its actual costs
within the expected general inflation rate. The majority of a utility’s
expenses are in this category.

* Volumetric reconciliations are used for costs when price is control-
lable but volume is not, such as purchased power costs and power
plant overhauls. An annual target price and cost level is established
and a subsequent adjustment (up or down) is made based on actual
volumes purchased.

» Full reconciliations are used for costs such as wage rates, property
taxes and medical, property and liability insurance. Annual adjust-
ments are made to reconcile the rate allowances for these costs to
actual expenditures, and are subject to Commission review for
reasonableness.

All these attrition mechanisms have been applied in New York at var-
ious times in traditional multi-stage rate proceedings. RDM Plus is
unique in that it combines these procedures into a single comprehen-
sive system.

Rate Base Investment. Changes in the amount of net utility plant
investment were also considered an element of cost attrition under the
revenue/earnings decoupling regime. The procedure included in RDM
Plus is straightforward and simple to administer. The revenue require-
ment allowance is updated annually to reflect forecast additions to net
utility plant investment and related increases in depreciation expense.
The forecast additions are prorated on the basis of the expected in-
service date of the facilities. No reconciliation to actual capital costs
and completion dates is performed to create an incentive for the com-
pany to meet its costs and schedule objectives. The forecast additions
are subject to annual Commission review and approval.

Cost of Senior Capital. In addition to operating expenses and rate
base investment, the cost of providing service is affected by changes in
the utility’s capital structure and cost of capital. Changes in the com-
pany’s capital structure and cost of debt and preferred stock are
updated annually. These changes are currently reviewed by the Com-
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mission outside of base rate cases through financing petitions and other
required filings. Again, RDM Plus takes advantage of existing regula-
tory procedures by incorporating them into a single system. The base
common equity return is established in the context of a base rate case
and is unchanged by RDM Plus. However, the total equity return
reflects the company’s ability to achieve predetermined incentive
goals.

Performance Incentives

In O&R’s view, meaningful incentives to encourage specific utility
actions are the essence of RDM Plus. The absence of such incentives
would merely make the utility indifferent from a financial perspective
to least-cost planning and DSM. Because utilities react to the eco-
nomic environment in which they operate, complete regulatory reform
can only be achieved by replacing embedded incentives for sales
growth and new plant construction with a new set of financial incen-
tives that make least-cost planning and DSM the most profitable course
of action. For incentive regulation to achieve the desired results, the
incentives must have three basic characteristics:

» The incentive must be meaningful and must have significant value to
the utility and its customers if it is to be useful in encouraging spe-
cific actions;

» The incentive must be designed to reward the achievement of spe-
cific results, rather than levels of expenditures or number of DSM
programs implemented; and

 Performance in achieving results must be measurable, and specific
measurement methods must be predetermined and agreed upon
before the incentive is implemented.

Offering incentives and penalties related to specific utility action
is not a new concept in New York. It has been applied for many years
to fuel cost recoveries, sales to other utilities and sales to gas-
interruptible customers. The difference with RDM Plus is that the
incentives have broad-based objectives, rather than limited quantita-
tive goals, for a particular type of transaction. The objectives underly-
ing RDM Plus are:

» Implementation of a least-cost plan with attention to achieving spe-
cific DSM goals; and

» Maintenance of the quality of service provided to ratepayers.
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Each incentive is an integral part of RDM Plus and each meets the
fundamental objectives of the ratemaking mechanism. These incen-
tives are now discussed in detail.

DSM Incentive

The DSM performance incentive ranges from a reward of up to 90
basis points (approximately $2.8 million at the 1991 revenue require-
ment level) in the authorized return on common equity to a penalty of
20 basis points (worth approximately $622,000). The amount of the
incentive/penalty awarded is scaled to levels at which the company
achieves its energy conservation and net resource savings targets.

Net resource savings are defined as the total benefits of avoided
energy use, including reduced environmental impacts, less DSM pro-
gram costs. The incentive formula is based on the amount of energy
saved and the cost of achieving the savings. Thus, the utility has a
strong stimulus for developing and implementing DSM programs that
maximize energy savings cost effectively.

DSM Goal Setting

The goals for the DSM performance incentive were based on the 1989
New York State Energy Plan, in which the state established an energy
efficiency goal of reducing electricity consumption by 10% compared
to expected load growth by 2000. This goal of a 10% efficiency gain
achieved over a ten-year period is equivalent to an incremental energy
use reduction of 1% per year.

The focus at O&R on least-cost planning signaled the beginning
of the company’s attention to energy, as compared to power, as the pri-
mary objective in its DSM efforts. Previously, O&R focused princi-
pally on peak load reduction. As a summer peaking utility with an
overall system load factor of approximately 50%, O&R was (and still
is) committed to promoting DSM programs to eliminate incremental
capacity purchases. The company’s peak shaving and load-shifting
objectives were the foundation of its old DSM plan. However, the new
emphasis on energy efficiency to avoid baseload plant construction and
to promote environmental quality found a place in the development of
O&R’s DSM performance goals.

To incorporate programs capable of achieving the targeted level of
energy savings, O&R introduced three new DSM programs addressing
efficiency improvements in small commercial and industrial facility
lighting, residential lighting, and residential water heating technolo-
gies. These measures were selected because they provided significant
energy savings to customer classes that previously did not participate
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Table 7-1. Orange and Rockland Utilities, Inc.—New York Peak Load
Reduction and Energy Efficiency Goals, 1990 and 1991 DSM Plans

Peak Load Reduction (MW)

Years 1990 Plan 1991 Plan Change % Change
1991 29 42 +13 45%
1992 35 53 +18 51%
1993 41 63 +22 54%
Energy Efficiency (MWH)
Years 1990 Plan 1991 Plan Change % Change
1991 16,257 32,000 + 15,743 97%
1992 22,042 67,000 +44,958 204%
1993 27,843 104,000 +76,157 274%

in DSM programs. A comparison of O&R’s DSM goals derived from
its 1990 and 1991 DSM plans (presented in Table 7-1) illustrates the
increased importance of energy efficiency savings in the company’s
resource acquisition strategy.

Structuring the DSM Incentive

O&R recognized at the outset that setting DSM goals would not be
enough to create a truly complete incentive formula. An incentive
based solely on the level of energy savings obtained suggests that
spending any amount to capture that energy savings would be accept-
able. However, the degree to which a utility achieves DSM savings
cost effectively must also be considered. The cost-effectiveness feature
was captured in the incentive formula through the creation of a two-
dimensional matrix, where both DSM savings and cost-effectiveness
are interrelated. This DSM performance matrix is illustrated in Table
7-2.

Each axis of the matrix represents the percentage of the two goals
achieved for that year. The cells of the matrix present the number of
basis points earned. Therefore, achieving 100% of the DSM goal does
not necessarily mean that the maximum possible incentive could be
earned. One hundred percent of the net resource savings goal would
also have to be achieved to obtain that outcome.

Cost effectiveness for O&R is determined through the net benefits
or net resource savings of a DSM program. Aggregate program costs
are subtracted from aggregate program benefits to get net benefits or
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Table 7-2. DSM Performance Matrix: Number of Basis Points Earned

Percent of Energy Efficiency Goal Achieved

110 100 90 80 70 60 S0 40 30 20 10 0

g‘;ce““’f 110 90 90 8 79 69 59 50 0 -5 —10 —15 —20
Resource  100| 90 90 81 72 63 54 45 0 -5 —10 —15 —20
Savings 9| 8 81 73 65 57 49 41 0 -5 -10 -15 -20
ggﬁileved 80| 79 72 65 58 50 43 36 0 -5 —10 —15 —20
70| 69 63 57 S0 44 38 32 0 -5 —10 —15 —20

60| 59 s4 49 43 38 32 27 0 -5 —-10 —15 -20

so| s0 45 41 36 32 27 23 0 -5 —-10 —15 -20

40| 40 36 32 29 25 22 18 0 -5 —10 —15 —-20

300 30 27 24 22 19 16 14 0 -5 —10 —15 —-20

202 18 16 14 13 11 9 0 -5 —10 —15 -20

0] 10 9 8 7 6 S 4 0 -5 —10 —15 -20

ol o 0 0 0 0 0 0 -5 —10 —15 —20

net resource savings. The calculation of projected net resource savings
in O&R’s approved DSM plan provides the net resource savings targets
expressed in the DSM performance matrix.

At this point, one additional step is necessary. O&R could poten-
tially be in a situation where more DSM opportunities might be avail-
able, but because the DSM budget has been spent, the company would
choose to forego the incremental energy savings to meet the cost-
effectiveness target. For example, having spent $100 to secure 100
units of energy efficiency, there would be no incentive to spend an
additional $50 to secure another 100 units, should that opportunity
arise.

To avoid potential lost opportunities, O&R will determine the per-
centage of the DSM goal achieved by each program and adjust accord-
ingly the projected costs of each program and its net resource savings
target. These adjustments will allow a comparison of actual net
resource savings to the amount which should have been obtained at a
given level of savings. Therefore, O&R will not be penalized for tak-
ing advantage of the opportunity of acquiring additional energy sav-
ings at approximately the same ‘““unit cost.”

Applying the incentive mechanism at the end of each year during
the three-year cycle means that DSM program impacts and costs must
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be determined to calculate the earned incentive. Incentives are then
rewarded the year after goals are met.

Determining DSM Program Impacts

Determining the success of DSM programs is extremely difficult. The
task of evaluating the impact of a DSM program is one of defining the
difference in the demand and energy consumption of a participating
customer as a result of the utility program as compared to what the cus-
tomer would have done in the absence of the program. Clearly, mea-
suring DSM savings is very different from measuring supply-side
alternatives. Meters cannot always capture what the participant’s
behavior would have been without utility incentives. Since impact
evaluation issues are so important and their methodologies are still
under development, it would probably be counterproductive to require
absolute perfection in the process of determining DSM savings.

To avoid having uncertainty paralyze the process, O&R proposed
and received approval to implement a savings determination strategy
using predetermined measurement criteria. These criteria are based on
algorithms that precisely state the methodology to be used to quantify
program impacts. These algorithms are derived from the most current
information on the parameters that influence the impact of DSM pro-
grams on electricity usage.

The O&R savings determination strategy also allows for periodic
updates to the measurement criteria as more information, knowledge
and experience are gained through program implementation and eval-
uation. The measurement criteria are updated annually, if necessary,
and used the following year. As a result, O&R staff is aware of the
measurement criteria applied to each DSM program and can allocate
the resources accordingly to implement programs efficiently and cost
effectively. In addition, the savings determination strategy is not stag-
nant but changes over time to accommodate the advances in DSM
measurement data and techniques.

Implications for DSM

The implementation of RDM Plus has successfully removed all of the
disincentives usually associated with DSM. RDM Plus provides for the
timely recovery of program costs, recovery of the lost revenues asso-
ciated with DSM success, and a stimulus for utility management to
aggressively pursue DSM savings for its customers. The substantial
increase in O&R’s commitment to pursue DSM to meet customers’
energy needs is a clear reflection of the power of performance
incentives.
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The strength of the DSM performance incentive is related to its
simplicity and pragmatism. The incentive is straightforward and well
defined, and its components are easily applied and measurable. All
these attributes enhance the mechanism’s ability to perform. Ulti-
mately, however, the mechanism will be evaluated based on the bene-
fits delivered to the electric system and the customers served by that
system.

While O&R’s DSM performance incentive mechanism is achiev-
ing its purpose, some modifications are possible. First, peak reduction
could be included as a goal in addition to energy efficiency. Secondly,
the incentive could include a means to reward the company for exceed-
ing established energy efficiency goals. Finally, while the mechanism
does have performance tests to determine program results, it could be
modified to encourage the pursuit of long-term energy efficiency
measures.

Customer Service Incentive

Another component of O&R’s incentive ratemaking approach is the
inclusion of a customer service incentive. This incentive is calculated
on the basis of the company’s performance in six categories and results
are measured monthly using a point system. With the achievement of
the maximum number of points, the company has the opportunity to
earn 16 additional basis points on common equity return (worth
approximately $498,000 at the 1991 revenue requirement level). Con-
versely, a corresponding penalty of a 16-basis-point reduction in com-
mon equity return would accompany a score of zero. The annual point
allocation is:

» Customer inquiry response (12 points);

« New construction service installations (12 points);

» Emergency response time and meter installations (12 points);
* Non-emergency repair time (12 points);

» Billing accuracy (12 points); and

» Number of Commission complaints (36 points).

Some have argued that the customer service incentive is unneces-
sary and is like rewarding the utility for doing what it should do rou-
tinely. However, with the adoption of the RDM Plus mechanism, one
of the company’s primary priorities will be to continue maximizing
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productivity and reducing costs. The customer service incentive
encourages the company to forgo short-run savings at the expense of
long-range benefits, thereby making it consistent with least-cost
planning.

Conclusion

RDM Plus was created through a cooperative effort involving O&R,
the Commission and other interested parties. The common goal was to
design a comprehensive incentive ratemaking mechanism that focuses
regulatory and utility resources on providing energy at the lowest pos-
sible cost and on stimulating meaningful DSM efforts. To date, the
company has achieved its DSM goals using its marketing department’s
delivery system and using energy service companies acquired through
competitive bidding. Further, the company has earned the entire return
on equity incentive for the first 12 months implementation of RDM
Plus.

The revenue decoupling mechanism does not represent a radical
departure from the current ratemaking in New York; many of its com-
ponents have previously been used by the Commission. RDM Plus
does represent an effort to combine the most desirable features of tra-
ditional ratemaking with a regulatory incentive system that produces a
single comprehensive mechanism to provide tangible benefits to utili-
ties and their customers.

The result of this effort is an innovative ratemaking mechanism
with benefits and applicability that extend well beyond its original
scope. In addition to revising ratemaking procedures to be more con-
sistent with DSM and least-cost planning, the implementation of RDM
Plus presents opportunities to:

» Provide rate stability;
= Key profitability to increased productivity and cost controls;
» Discourage ratemaking gamesmanship;

» Continue to hold utilities at risk for items over which they do exer-
cise direct control; and

» Establish incentive regulation as the principal means of ensuring
achievement of important regulatory objectives.
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O&R is convinced that in time these objectives will be fully met
and will demonstrate that RDM Plus’s value extends well beyond pro-
viding an incentive for DSM. As results are measured and as proce-
dures are refined, the revenue-decoupling-plus-incentives mechanism
will be an increasingly useful ratemaking tool to align the interests of
customers and shareholders.






Chapter 8

Bill Indexing

David Moskovitz and Richard Rosen

Introduction

This chapter describes some of the policies and the practical implica-
tions of using customer bills as a simple yardstick to measure a utility’s
overall success in implementing a least-cost plan generally and, more
specifically, using them to structure regulatory incentives to stimulate
least-cost planning. Bill indexes and their variations, their strengths
and weaknesses, and lessons learned from regulatory experience to
date are discussed.

What Is a Bill Index?

A bill index is a benchmark based on utility customer bills to which the
customer bills of a “target utility” can be compared. The appeal of bill
indexing is that comparing the changes in the avérage bills of its cus-
tomers to changes in the bill index, or benchmark, may be a relatively
simple means by which regulators can gauge a utility’s least-cost plan-
ning performance. This approach is particularly useful when taking a
long-term perspective. Bill indexing approaches are not intended to
measure the actual impact of specific DSM programs or supply-side
improvements. They are intended to provide a relative yardstick to
encourage and distinguish superior performance in least-cost plan-
ning.' Bill indexing is not an incentive mechanism, per se, but can be
an ingredient in several possible mechanisms, including shared sav-
ings, rate-of-return adjustments, or a bounty. Some examples of how
this can be done are discussed later in this chapter.

A bill index may be either “external” or “internal.” Within these

1" Lowering bills and revenue requirements, as distinguished from lowering prices.

141
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two general categories there are also other possible variations, each of
which has properties that are more or less suitable depending on juris-
dictions and circumstances.

External Bill Index

With an external bill index the benchmark is constructed using data
that are entirely exogenous to the target utility. There are at least two
ways to develop an external bill index:

Option 1: Utility Performance Relative to Other Utilities. This
methodology was first suggested in a paper presented at the National
Association of Regulatory Utility Commissioners’ (NARUC) First
Least-Cost Planning Conference (Moskovitz 1988). With this
approach, actual average customer bills of a target utility are computed
and compared to the average customer bills for a selected group of
comparable utilities.? Least-cost planning performance by the target
utility would be evaluated using changes in its average customer bills
compared to those of the comparable group of utilities.

It is important to select the benchmark group of utilities so the
aggregate, or average, operating environment for the group as a whole
is approximately equivalent to that of the target utility. This similarity
controls for factors for which the target utility is not held accountable.
For example, if in the aggregate the comparable group of utilities had
a fuel mix similar to that of the target utility, subsequent changes in
fuel prices would produce approximately the same effects on the aver-
age customer bills of both groups. Consequently, the target utility
would be insulated from changes in average bills due to changing fuel
prices.?

Likewise, the target utility would be protected from bill changes
caused by weather if both the comparable group and target utility had
similar weather conditions and similar levels of weather-sensitive
loads such as space-heat or air-conditioning. Variations in the level of
customer bills caused by weather would not result in a change in the
relative level of customer bills.

In contrast, bill impacts at the target utility resulting from more
aggressive cost-effective DSM, superior supply-side acquisitions, and
improved purchasing practices or plant operations (e.g., heat rate or

2 For example, the Niagara Mohawk Power Corporation uses a statistical technique

called “simulated annealing” to identify utilities with comparable cost and sales behavior
(Lowry et al. 1991).

3 Differences in other factors besides price, such as average heat rate, will still affect
relative index values between utilities.
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forced outage rate) will be reflected by a relative improvement in aver-
age customer bills compared to the control group.

Several variations of this indexing option have been examined in
research conducted in New York State on behalf of Niagara Mohawk
Power Corporation (NMPC) and in Maine for Central Maine Power
Company (CMP). Results of these analyses are discussed later in this
chapter.

Option 2: Customer Bills Compared to Econometric Forecasts of
Utility Bills. This method is a technically sophisticated extension of the
previous option. Using this approach, an econometric equation is used
to predict the average customer bills of a target utility. The target util-
ity’s performance in least-cost planning is measured by comparing
actual average customer bills for a target utility with the average bills
predicted by the econometric equation.

The econometric equation is developed by examining data for a
large group of utilities and identifying the impact that “key cost driv-
ers” (independent variables in the equation) have on the utilities’ aver-
age bills. The equation is then used to predict the average bill for the
target utility.

The construction of the econometric equation is critical. Exclu-
sion or inclusion of specific independent variables (“drivers”) will
determine whether the utility is or is not held accountable for effect
that these variables may have on customer bills.* Utilities are only held
accountable for changes in the dependent variable (bills) which are the
result of factors excluded from the econometric equation. Utility least-
cost planning performance as well as overall managerial efficiency are
presumably examples of such excluded variables.

For example, if regulators do not want to hold utilities accountable
for changes in average customer bills resulting from changes in fuel
prices, fuel prices would be included as one of the variables in the
econometric equation. The econometric equation would then use
actual fuel prices as one of the explanatory variables that determine
average bills for the target utility. In this way, changes in average bills
due to fuel price deviations would not expose the target utility to exces-
sive rewards or penalties.

Internal Bill Index

Under an internal bill index, a benchmark is constructed using infor-
mation pertaining solely to the target utility. No comparisons are made

* Efforts at Niagara Mohawk to forecast average residential bills incorporated six inde-
pendent variables: heating and cooling degree days, regional price index, personal income,
state income tax rate, and excess demand (Lowry, et al. 1991).
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to data or performance of other utilities. There are also at least two
ways to construct an internal bill index:

Option 3: Average Customer Bills Compared to Average Bills Pre-
dicted by an Approved Least-Cost Plan. Many states require utilities to
engage in least-cost planning and to submit periodic utility filings fol-
lowed by a formal plan approval process. Implicit in the approval of
plan is an estimate of future average customer bills that are expected to
result from plan implementation.

Under this option, a utility’s success in achieving least-cost goals
would be measured by comparing actual average customer bills with
the value of average bills forecasted in the least-cost planning exercise.

As is the case with the first two options, this approach can be
refined to limit the utility’s exposure to specific factors. For example,
any forecast of average customer bills derived from a least-cost plan
will, in part, be based on forecasted fuel prices and normal weather
conditions. To the extent that regulators do not intend to hold utilities
accountable for deviations between actual versus forecast average cus-
tomer bills due to fuel price or weather variability, the forecasted aver-
age bills should be recomputed based on actual fuel prices and
weather.

Option 4: Average Bills of the Customer Control Group Compared
‘to Average Bills of All Customers. With this approach a control group
of a utility’s customers is selected. Various criteria ensure that this
sample group will provide statistically sound comparisons with the
entire population of all ratepayers. These criteria are:

» The group should be representative of the overall population of the
utility’s customers in all regards, including usage characteristics,
customer size, and participation in prior utility energy efficiency pro-
grams; and

» The control group should be large enough to allow reliable detection
of relatively small differences between the average bills of the con-
trol group and those of the overall population of customers.

Given these criteria, average customer bills for the control
group at the beginning of the test period should equal bills for the over-
all customer population. Similarly, because rates charged to both
groups are equivalent, equal average bill means that the average kWh
use of the two groups is the same. During the test period, participation
in DSM programs by customers who are not in the control group will
produce a reduction in their bills compared to those in the control
group. The kWh savings of the utility’s DSM program during the spec-
ified period can be calculated as follows:
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kWh saved = (AkWh,, .~ AkWh,,.) * NC

control

where:
AkWh ..., = Average kWh use of customers in the control
group
AkWh, ... = Average kWh use of all customers
NC = Total number of customers.

The utility would be rewarded or penalized based on the computed
kWh savings compared to a target level of savings for the same period.
This indexing approach is the most limited of the four options
described because it only measures the energy savings performance of
the DSM components of least-cost planning. Neither DSM cost-
effectiveness nor supply-side resource performance is addressed.

Common Elements

Each of the four bill indexing options previously described provides a
relative measure of customer bill savings and LCP performance that
can be used to design specific incentive plans. The structure of an
incentive plan is flexible. Shared savings, rate-of-return adjustments,
or bounty plans can be designed using bill indexes as the yardstick of
performance. For example, under Option 1, the identified bill savings
can be expressed in total dollars, average bill savings times number of
customers, and shared among customers and shareholders using a rea-
sonable proportion. Similarly, the share of the utility’s savings can be
expressed in terms of a rate-of-return adjustment (“x” basis points for
each percentage point of bill savings) or a bounty (“y” dollars for each
percentage point of bill savings). Regardless of the structure, the level
of the incentive available to the utility must be limited by identified
reductions in utility revenue requirements.>

Is the Use of Customer Bills Compatible with
Least-Cost Planning Goals? 7
The goal of least-cost planning is to meet the energy service demands

of customers at the lowest possible cost and with the lowest long-term
revenue requirements. Given this objective, the use of average long-

3 The maximum utility incentive is further limited by regulators’ judgments regarding
reasonable limits on overall financial return. Experience to date suggests that whether an
incentive plan is structured as shared savings, bounty, or rate of return, an overall incentive
ceiling on the return on equity (perhaps 100 basis points) may be appropriate.
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run changes in customer bills may be a reasonable, although imper-
fect, measure of a utility’s least-cost planning performance.

In examining the efficacy of a bill index system we must also ask
to what extent minimizing the costs of energy services is consistent
with minimizing customer electricity bills. Least-cost planning tries to
minimize the cost for a given energy service demand over the long-
term. In some cases, the least costly manner of meeting an energy ser-
vice demand may mean increased, rather than decreased, use of elec-
tricity. In addition, least-cost planning evaluation incorporates other
“costs” that are not reflected in customer bills, such as customer, as
opposed to utility, contributions for installing DSM measures. With
these considerations in mind, what are the implications of relying
solely on a bill index to measure least-cost planning performance?

The relationship between customer bills and the cost-effectiveness
tests used in the least-cost planning process helps provide insight into
these questions.®

For example, in jurisdictions where the non-participant or rate
impact test is the primary test for cost-effectiveness, customer bill
yardsticks are unsuitable. To satisfy this test, utility actions must seek
to minimize electricity prices, not customer bills. If average prices
exceed marginal or avoided costs, higher sales will yield lower prices.
Assuming no change in the number of customers, however, higher
sales produce higher customer bills even when prices are reduced. If
the regulatory objective is to minimize prices, using a bill index to
reward the utility for lower customer bills will be counterproductive.

On the other hand, a bill indexing mechanism is completely con-
sistent when the utility cost test is applied and the planning goal is to
minimize utility revenue requirements. Because a utility’s average cus-
tomer bill equals its revenue requirement divided by the number of
customers, the objective of minimizing revenue requirements is equiv-
alent to minimizing customer bills.

In recent years neither the non-participant nor the utility cost test
has been widely used as the primary test of cost-effectiveness. Least-
cost planning jurisdictions typically employ the broader total resource
cost test (TRC); the regulatory objective in this setting is to minimize
the totality of all resource costs, including those borne by the customer
as well as those paid by the utility. Thus, the question in this context
becomes whether customer bills (or some other measure) are a reason-
able yardstick of total resource costs. Stated another way, what are the
implications of using utility costs as a proxy for total resource costs?

6 A useful description of these cost-effectiveness tests can be found in California Public
Utilities Commission and California Energy Commission 1987.
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Total Resource Cost

Since total resource costs (TRC) include DSM costs incurred directly
by customers, by definition these customer costs are not included in
customer electric bills. For example, if a utility rebates half the cost of
a DSM measure to a customer, the rebate expenditure alone is included
as a cost that is ultimately reflected in bills. If, on the other hand, the
utility routinely paid the entire cost of the DSM measure, the utility’s
incremental revenue requirement and the total resource cost would be
almost identical. In this case, the utility’s success in meeting the
energy service needs of its customers at the lowest total resource cost
will also minimize its revenue requirements and its average customer
bill. However, this last scenario is the exception. In most utility-
sponsored DSM programs, customers contribute a substantial propor-
tion of the costs of installed efficiency measures.

The exclusion of customer expenditures for energy services from
average customer bills makes bills a somewhat imperfect yardstick of
utility performance. For example, with a customer bill yardstick, the
utilities would have an incentive to pursue DSM programs that failed
the TRC test but whose customers paid enough of the cost of the mea-
sure to reduce electric bills. Of course, compared to the incentives
inherent in conventional regulation that must be overcome through reg-
ulatory oversight, the risk of utilities pursuing significant amounts of
non-cost-effective DSM with high customer contributions is not
serious.

This imperfect alignment between customer bills and total
resource cost may, surprisingly, also be a positive feature of a bill
indexing approach if other steps are taken to assure that only cost-
effective DSM programs are pursued. The greatest overall reduction of
average customer bills is achieved when utilities pursue all cost-
effective DSM and obtain the largest possible contribution from partic-
ipating customers. These dual and competing goals to maximize the
penetration of cost-effective DSM and get participating customers to
pay as much as possible, parallel the balance that regulators make
when relying on the total resource cost test as the primary least-cost
planning test, while remaining mindful of rate impacts resulting from
DSM and other least-cost planning activities.” Thus, a customer bill
yardstick, while less than a perfect measure of total resource costs,
may reconcile individual ratepayer interests with broader regulatory

7 Competing goals are common. For example, regulators and utilities have historically
balanced the desire for high system reliability against minimizing cost.
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Tabie 8-1. Price and Bill impacts

Assumptions:
Average price 7 cents/kWh

New DSM and supply additions equal 10% of existing annual sales (I million kWh),
reflecting 10% load growth net of DSM due to customer growth.

Full cost of DSM, lost revenues, and supply additions reflected in rates.

Revenue Price Bill
Action Requirement Impact Impact
Base case prior to 10% $70,000 —_ —_
customer growth
Implement DSM at cost of $73,000 4% —-5%
3 cents/kWh :
Add supply at cost of $73,000 —5% —5%
3 cents/KkWh
Implement DSM at cost of 5 $75,000 7% -3%
cents/kWh
Add supply at cost of $75,000 -3% ~3%
5 cents/kWh

Note: This table is based on examples where average prices exceed avoided (supply) costs. The general

conclusions do not change when prices are less than avoided cost.

policies and objectives more successfully than a theoretical measure

that was more consistent with the total resource test.

Table 8-1, based on hypothetical assumptions, examines the
impact of various supply and demand-side actions on average customer

bills and average prices.

Table 8-1 illustrates several points. First, revenue requirements

and average bills (revenue requirements divided by number of cus-
tomers) are unaffected by whether the chosen resource is demand-side
or supply-side. Second, average prices are influenced more by whether
the new resource is a supply- or demand-side resource. Third, as
resource costs decrease, both average bills and price impacts decrease.

Two additional attributes of customer bill measures are worth not-
ing. Under a system of bill indexing, customer bills will reflect actual
instead of estimated DSM savings. If DSM measures fail to produce
actual savings, the savings will not be reflected in average bills. Cus-
tomer bills of the target utility are easily measured and verified, and
only actual DSM impacts (both actual costs and actual energy savings)
and other changes in efficiency are reflected in bills. In a similar fash-
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ion, DSM programs that produce greater savings than anticipated are
automatically reflected in average customer bills.® If utility earnings
are linked to changes in average bills, this provides an obvious incen-
tive to implement effective DSM programs.

Customer bills also automatically reflect supply-side efficiency
improvements, such as better fuel procurement practices and improved
power plant performance as well as administrative cost savings.

Bill Indexing and Decoupling

Chapter 1 examines the importance of decoupling utility profits from
sales, and Chapters 3 and 4 describe two decoupling options.

The combination of a reward for lower bills and a penalty for
higher bills theoretically means an indexing-based incentive plan can
decouple profits from sales. If the incentive received by the utility due
to lower bills is larger than the loss of incremental profit associated
with the reduced level of sales, the index decouples. Likewise, the plan
decouples if the penalty for higher bills caused by a lack of effective
DSM programs or the existence of a sales promotion program is
greater than the profit earned on the higher sales.

Table 8-2, however, indicates that the financial incentive would
have to be very large to overcome the impact of lost revenues. It
may, therefore, be difficult to implement a bill-index-based incentive
plan with rewards and penalties large enough to remove existing
disincentives.

Although bill indexing is theoretically capable of decoupling util-
ity profits from sales, the design and implementation of a bill indexing
plan is simplified if bill indexing is combined with a separate decou-
pling approach. Removing the issue of lost revenues would leave the
different bill-indexing approaches with two primary functions: (1) to
motivate utility management to focus on customer bills, and (2) to
enable a utility’s incentive plan to directly promote the pursuit of least-
cost planning in general, and DSM in particular.

As a final note on the usefulness of a “stand alone” bill index,
research to date suggests that bill-indexing approaches are best suited
to long-term incentive planning and thus may match the long time-
frame inherent in LCP. In contrast, decoupling is a regulatory reform
aimed primarily at removing short-term disincentives. Combining the

8 Depending on which of the four options is used, customer bill savings may also be net
of the free riders (participating customers who would have invested in DSM measures
regardless of utility DSM) and free drivers (customers who invest in DSM measures on their
own but would not have done so but for utility programs).
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Table 8-2. Decoupling Example

Assumptions:

Retail rate 7¢/kWh

Avoided fuel cost 3¢/kWh

“Lost revenue” 4¢/kWh

DSM cost 2¢/kWh

Average annual bill before DSM @10,000 kWh/year $700
DSM annual savings 2,000 kWh

With Without

Bill Indexing Decoupling Decoupling
Average bill after DSM $680 $600
Lost revenue $0 $80
Resource savings $20 $20
Bill savings $20 $100
Stockholders’ total 10% 82%

incentive (percentage of
bill reduction)*

*This net value is comprised of 10% of resource savings (in this case, $2) plus lost revenue divided by the
reduction in the average bill after DSM.

two approaches may provide the most positive and powerful regulatory
environment.

Interpreting Results of the Four Bill-indexing
Approaches

Each indexing option compares the average customer bill of the target
utility to a different benchmark. Each option, therefore, yields a differ-
ent measured relative bill reduction, and each computation will have a
different meaning.

With the possible exception of Option 4, none of the bill-indexing
options is intended to measure actual DSM or supply-side savings.
Instead, bill indexing is a comparative yardstick for judging relative
performance. The use of bill indexing to evaluate utility performance
is similar in this respect to students being competitively graded or the
functioning of a competitive market that rewards companies for being
more efficient than their competitors.
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Table 8-3. General interpretation of Measured Bill Savings

Option 1 Measures the extent to which the target utility outperforms a group of other
utilities, whether or not they pursue LCP.

Option 2 Measures the extent to which the target utility outperforms predictions pro-
duced by econometric modeling.

Option 3 Measures the extent to which the target utility outperforms its own least-cost
plan.

Option 4 Measures the extent to which utility-sponsored DSM programs reduce aver-
age energy consumption.

Table 8-3 summarizes the general interpretation of the numerical
measure of bill reductions produced by the four options.

As an example, assume the bill-indexing plan described in Option
1 shows that the average customer bill for the target utility falls by 2%
relative to the average bill for the composite group of utilities and that
an average bill savings of this size equals a reduction of $100 million
per year in the target utility’s revenue requirement. Further assume that
$60 million of the $100 million savings was created by demand-side
efforts and $40 million by supply-side improvements.

In the context of an Option 1 bill-index approach, this result is
interpreted to mean that the utility produced $60 million more in DSM
savings than was achiéved by the composite group of utilities used as
the benchmark. If the average bill savings for the composite group’s
DSM efforts were equivalent to $50 million, the target utility would
have had to produce $110 million of savings to show a net improve-
ment of $60 million. ;

If the identical utility behavior that produced $100 million savings
as measured by an Option I-type bill index were measured using
Option 3, the measured savings could be entirely different. In this
case, if $100 million in savings had been specified by the least-cost
plan, an Option 3 bill index would measure zero change in customer
bills.

If the same utility actions were measured using Option 4, the sav-
ings would not show the $40 million of supply-side efficiencies.
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Attributes of Bill Index Alternatives

Are They Understandable, Predictable and Simple to
Administer?

Understandability. All four of the bill-indexing approaches seem
amenable to being understood by utilities, regulators, and the public.
Options 1, 3, and 4 are probably the most easily understood.

Option 2 (comparison to econometric forecast) may be the most
difficult of the bill-indexing approaches for the public to understand
because of the complex multi-termed equations that are used to predict
customers’ bills.

Predictability. Predictable rewards and penalties will motivate
utility managers more than uncertain rewards. For example, if each
compact fluorescent bulb installed increases utility earnings by five
cents, the plan produces predictable results.

If, on the other hand, the incentive plan rewards the utility for
actual energy savings instead of merely for installed measures, the risk
of energy savings performance is borne by the utility. Selecting the lat-
ter approach means that performance is being weighted more heavily
than predictability.

In general, bill-indexing approaches emphasize measured or
actual performance and are therefore less predictable than most other
incentive strategies.

Predictability is also sacrificed in indexing plans that rely on com-
parisons to other utilities. For example, utility managers who imple-
ment an aggressive DSM program may earn no incentive if utilities in
a benchmark group performed as well. Of course, if the utility man-
agers had not implemented a major DSM effort they would have com-
pared poorly to the benchmark and earned a penalty. While it may be
impossible to predict whether the overall, or net, incentive associated
with particular actions will be a reward or a penalty, the incremental
effect of incremental action is predictable.

Administrative Simplicity. Administering external bill-indexing
options could be relatively simple once the systems are established. At
the outset, however, Options 1 and 2, the comparable utilities and
econometric forecast approaches respectively, may be difficult to
establish, particularly if opposed by one or more major parties. The
level of difficulty of establishing an acceptable yardstick is similar to
the difficulty of creating other regulatory mechanisms, such as
performance-based fuel and purchased power clauses for electric com-
panies or price cap experiments for telephone companies.
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Once comparable utilities or econometric forecasting equations
are established, administering the incentive systems should be reason-
ably simple.

Both internal index approaches would be substantially easier to
establish than external approaches, and both internal bill approaches
should be easy to administer. Variations of Option 4 are already used
by some states and utilities for DSM program measurement.

Cost Control/Non-Participant Impacts/Cream-Skimming

With the partial exception of Option 4, bill indexing provides inherent
incentives to control costs and balances concerns of non-participants
and not encouraging cream-skimming.

Because DSM costs are reflected in customer bills, a utility will
have an incentive to minimize its DSM program cost. And, because
any DSM program that costs less than the utility’s avoided cost will
reduce customer bills, the utility will also have an incentive to pursue
cost-effective DSM. Even DSM opportunities that are barely cost-
effective and fully paid for by the utility will result in customer bill
savings.®

Assuming the utility’s ability to finance and deliver DSM pro-
grams is not constrained, there is no financial reason or incentive,
under a bill-index scheme, for a utility to limit its DSM programs to
the very lowest cost opportunities, i.e., to skim cream.

Long-Run Versus Short-Run Efficacy

The difficulty in detecting relatively small differences in average bills
from annual, as opposed to cumulative data, suggests that bill indexing
may be best suited as a long-run incentive plan. This conclusion is
reinforced by the existence, in the short run, of gaming opportunities
related to differences in the timing of utility cost recovery.

Table 8-4 shows the impacts on average customer bills of a typical
DSM effort (15% of electricity saved in the tenth year) using various
cost-recovery schemes.

Table 8-4 shows that the annual changes in average customer bills
resulting solely from DSM activities are relatively small (less than
2% per year) even with large DSM investment levels, and that the tim-
ing of bill reductions is somewhat influenced by DSM cost-recovery

9 If the societal cost test for DSM is used that includes externalities, this may not be
true unless the externalities are collected like a tax as part of revenue requirements. How-
ever, because in most cases customers will directly contribute to the costs of DSM pro-
grams, this is unlikely to be a problem.
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Table 8-4. Annual Bili Reductions

DSM Amortized
DSM Costs  Using Annual DSM Amortized
Year Expensed FCF* Using Real FCF
1 —-1.6% 0.1% 0.2%
5 1.3% 1.0% 1.1%
10 1.7% 0.7% 0.7%

*Annual FCF (fixed charge factors) indicates the use of depreciation practices with a ten-year lifetime.
Real FCF, on the other hand, indicates that DSM investment has been amortized using factors levelized in

real dollars.

Table 8-5. Cumulative Bill Reductions

DSM Amortized
DSM Costs  Using Annual DSM Amortized
Year Expensed FCF Using Real FCF
1 -1.6% 0.1% 0.2%
5 2.2% 3.2% 3.9%
10 9.8% 7.6% 8.5%

methods.'® The research thus far suggests that small year-to-year
changes in bills will be difficult to detect, particularly when comparing
a target utility to other utilities also pursuing LCP. For this reason
alone, using a bill index on an annual basis is unlikely to be useful in
properly rewarding strong versus weak DSM investment programs.

Table 8-5 is based on the same data as Table 8-4, but shows the
cumulative change in customer bills. As in Table 8-4, the cumulative
change in customer bills becomes much more significant over a period
of many years, and is also much less sensitive to the exact cost-
recovery mechanism.

This suggests that bill-indexing approaches may be most useful in
the context of long-turn regulatory reform plans that will remain in
place for an extended period of time. It further suggests that any incen-
tive formula should explicitly be a function of the cumulative value of
a bill index, not the annual value.

10 Bill reductions resulting from improved supply-side activities in response to regula-
tory reform are not included in Tables 8-4 or 8-5.
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Gaming. The difficulty of detecting small changes in bills from
one year to the next, as well as variations in the timing of cost recovery
for different resources, means that bill indexing based on annual values
creates gaming opportunities on both the demand- and supply-side.
These strategies discourage utilities from pursuing genuine least-cost
supply options in favor of options with lower costs in early years and
higher costs in later years.

Applies to Supply-Side?

Three of the four bill-indexing approaches have the benefit of measur-
ing the performance of both demand- and supply-side activities which
is a major benefit. Least-cost supply-side additions or efficiency
improvements (improved heat rate, lower forced outage rate, etc.)
reduce customer bills to the same extent as equally cost-effective
demand-side resources, and therefore should not be ignored in LCP.
As shown in Table 8-1, a new supply-side resource acquired at a cost
of 80% of the utility’s “avoided cost” will affect average bills to the
same extent as a demand-side resource acquired at the same cost.

Other Issues

Environmental Costs. By definition, customer bills exclude envi-
ronmental and other externalities. Thus, incurring costs solely to
reduce pollution beyond the legally required minimum environmental
standards would not be encouraged by bill indices.

Cost-Effective Use of Electricity. Bill indexing risks discouraging
utilities from pursuing opportunities that increase overall customer
energy services or increase electricity’s share of the energy service
market when these objectives are elements of a least-cost plan.'' Bill
indexing discourages these activities because in return for improved or
increased service, bills go up.

Summary

Table 8-6 summarizes the attributes of the four bill index options. The
column on the left lists the major performance criteria to evaluate alter-
natives. The notations H, M, and L. mean high, medium, and low. N
indicates that the criteria are not met.

111t has been suggested that decoupling also removes the incentive to encourage sales,
although in some cases increased sales reduce average prices when prices exceed avoided
cost. However, decoupling does not prevent utilities from actions that tend to increase elec-
tricity consumption. With decoupling, incremental revenues received as a consequence of
successful efforts to increase sales flow back to consumers in the form of decreased prices.
Decoupling makes utilities neutral towards increasing sales by keeping profits constant.
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Table 8-6. Summary of Bill Index Alternatives

Criteria
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Positive incentive

Decoupling®

Understandability

Predictability

Provision for supply-side resources
Cost minimization

Maximizes customer DSM contribution
Avoidance of cream-skimming®

Inclusion of externalities

. Cost-effective use of electricity®
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Simplicity
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Notes:
2 Tt is possible to design a bill-indexing plan that decouples profits from sales, but for reasons discussed
earlier it is not recommended.
b “Cream skimming” occurs when a utility limits its DSM activities to the easiest and most inexpensive
opportunities.
€ This refers to a possible drawback of bill-indexing options. In some situations there is the risk of deter-
ring utility activities to pursue opportunities that increase overall customer energy services or increase

electricity’s share of the energy service market when this is a valid objective of the least-cost plan.

Research Results to Date

Niagara Mohawk Power Corporation

Consultants working for NMPC in 1991 (Lowry et al. 1991) examined
three distinct variants to an external bill index. Two of these three
approaches are equivalent to options examined in this chapter.

Econometric Approach. Historical cost and sales data for a large
number of investor-owned utilities were taken from FERC reports and
used to develop and test alternative econometric equations that could
be used to predict NMPC’s average residential, commercial, and

industrial bills.!?

12 The researchers examined econometric equations for each customer class, but much
of the detailed work was limited to residential bills because of the quality of the FERC Form

1 data, and the problem of consistently defining average commercial and industrial bills.
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Potential independent variables were examined for each customer
class. For example, in the residential class six substantive variables
were ultimately selected in addition to one dummy variable for each
year of data, from 1975 to 1988: heating-degree days, cooling-degree
days, regional price index, personal income, state income tax rate, and
excess demand. Each of the variables selected was statistically
significant.

When placed in perspective the statistical performance of the
econometric equation for residential customer bills was remarkably
good. Overall, the residential bill equation had an R? of .53; six inde-
pendent variables explained 53% of the variation in Niagara Mohawk’s
average customer bills. The effect of the independent variables on each
of the two components of customer bills (price and quantity) was mea-
sured. The R? for price was .47 and the R? for quantity was .59; the
customer bill equation was statistically superior to an electricity price
equation.

The commercial customer class econometric equation was limited
to three substantive variables: input prices, cooling-degree days, and
state taxes. The customer bill equation had an R? of .51. The R? values
for commercial price and quantity were .50 and .22 respectively.

The industrial customer-class econometric equation was also lim-
ited to three substantive variables: input prices, industrial fraction of
sales, and state income taxes. The industrial customer bill equation
had an R? of .35. The R? values for industrial price and quantity were
.58 and .22 respectively.

NMPC’s study and data showed that using econometric predic-
tions as the foundation of a bill-indexing plan is feasible for the resi-
dential customer class and may be feasible for the commercial class.
More statistical analysis may be required to develop econometric equa-
tions that are better than the three independent-variable equations
developed by NMPC. However, the volatility in sales volumes within
the industrial customer class and the lack of readily available historical
data to improve the predictive power of the equation may make it too
difficult to use the econometric bill-indexing approach for the indus-
trial customer class.

Composite Group. The second approach was to identify a compos-
ite group of 20 utilities with which to compare Niagara Mohawk’s per-
formance. A statistical technique called “simulated annealing” was
used to identify this group of utilities with historical cost and sales
behavior that most closely matched Niagara Mohawk’s.

New York Group. The third approach, a simplified version of the
second approach, compared Niagara Mohawk’s historic customer bills
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Table 8-7. How Rate of Change in Average Residential Bills (% per year) at
NMPC Compared with Results from Three Performance Indexes (1983~

1988)
Index

New York
NMPC Comparable All- State

Year Actual Firm Econometric  Utilities
1983-1984 2.90 6.35 4.70 5.63
19841985 5.17 3.81 0.75 -0.80
1985-1986 6.75 4.15 1.32 —2.89
19861987 3.70 2.59 3.21 0.99
1987-1988 7.34 3.86 3.34 4.08
1983-1988 Average 5.17 4.15 2.66 1.40

to the historic customer bills of five other private New York electric
utilities.

Results. The weakness of the econometric approach is that it
explains or predicts bill changes only in response to changes in the six
identified statistically significant independent variables. The strength
of the econometric approach is that the independent variables are
directly experienced by the target utility.

The area of weakness of the econometric approach is an area of
strength for the composite group approach. The customer bills of the
composite group respond to all business conditions affecting customer
bills, not just the few statistically significant independent variables.
The main weakness of the approach is that the business conditions that
affect the composite group will not affect the target utility.

Table 8-7 shows the performance of the three approaches in
matching the historical changes in Niagara Mohawk’s average residen-
tial bills. For an index to be useful, a good but not perfect fit with his-
torical data is needed; the fit need not be perfect because variations in
management efficiency between the target and comparison utilities—
one of the factors measured by most indices—will cause year-to-year
variations in index values of both target and comparison utilities. As
Table 8-7 shows, the larger composite group approach fairly closely
matched the actual NMPC results. Table 8-7 also shows, however, that
NMPC’s actual bill increases exceeded values predicted by the econo-
metric approach, averaging almost 2.5 % per year too high. Bill pre-
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Table 8-8. Correlation of per Customer Non-Fuel Costs of Central Maine
Power Company and Two Groups of Other Utilities

Regression R?
CMP vs. large sample (entire period 1981-1988) .94
CMP vs. small sample (entire period 1981-1988) 91
CMP vs. large sample (year-to-year changes) .09
CMP vs. small sample (year-to-year changes) .03

dictions based on the New York State utilities produced the largest dis-
crepancies from actual bill changes at NMPC.

Central Maine Power Company

Central Maine Power Company also conducted statistical research that
led to a specific proposed incentive plan filed with the Maine Public
Utilities Commission in December 1990. CMP’s proposal had two
parts; one included an external indexing proposal.

The indexing proposal consisted of several components and was
based on a statistical analysis of eight years of non-fuel cost data for
CMP and two groups of utilities. One group of utilities, called the
“small group,” consisted of 41 utilities with service and size charac-
teristics similar to CMP. The second group, the “large group,”
included all investor-owned utilities over a specific size and consisted
of 126 utilities.

Table 8-8 shows how costs for the index groups were correlated to
CMP’s actual historical costs.

The data showed a reasonably strong correlation between the
index groups and CMP when viewed over the long run. From this per-
spective, a little more than 90% of the variation in CMP’s non-fuel
costs per customer can be correlated with changes in the non-fuel costs
per customer for the large and small samples.'* The annual cost
changes for the large group were correlated with only 9% of the histor-
ical changes in CMP’s non-fuel costs. The small group performed even
worse, with only a 3% correlation. .

The statistical correlations were adequate to form the basis of a
CMP proposed indexing plan. The specific CMP proposal was not

13 A causal relationship between the prices at CMP and those of the comparative groups
is not proposed. These results suggest that 90% of the change in bills at CMP may be
explained by factors that resulted in bill changes at the comparable utilities.
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adopted, but the analysis contributed to the revenue-per-customer
decoupling plan described in Chapter 4.

Bill Index Conclusions

In conclusion, customer bills are not a perfect yardstick of least-cost
planning performance. Bill indexing may, however, be better than the
current alternatives which often neglect supply-side options and only
involve incentives to foster DSM investments based on shared savings
approaches. We have also demonstrated that one of the limits, the
exclusion of customer contributions from customer bills, may improve
the overall incentive features of a bill-indexing approach by creating a
reasonable balance between the reduction of overall resource costs, on
the one hand, and the price impacts on non-participants in DSM pro-
grams on the other. In our analysis average customer bills are always
lower when utilities successfully pursue least-cost planning and the bill
impact is the same for equally cost-effective DSM or supply-side
resources.

Every system of regulation will create gaming opportunities and
potentially perverse incentives. Any regulatory approach inevitably
produces examples of inappropriate behavior that could enrich the util-
ity or produce other negative consequences. For example, under bill
indexing: utilities might seek to defer costs to a future period, prefer-
ring to see average bills lowered in the short-run at the expense of
long-run bill impacts; utilities might discourage customers from using
more electricity even when it may be cost-effective; or utilities may
encourage customers to invest in non-cost-effective DSM options,
thereby causing consumption and average customer bills to decrease.

Incentive plans are not intended to operate as a complete substi-
tute for least-cost planning. The “correct price signals” theoretically
existing in the unregulated competitive market are also not a substitute
for securities laws and enforcement. Least-cost planning will necessar-
ily include regulatory oversight and public review and participation in
the planning process. There simply is no perfect regulatory system,
nor are there perfect markets. There are only better systems and worse
systems.

We conclude our review of some of the features of various types
of bill indices by noting that:

» Using a bill index to provide incentives for least-cost planning does
not seem to present any serious internal inconsistencies or conflicts
with least-cost planning;
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» Using a bill index on an annual basis does not appear to be as effec-
tive or statistically sound as the use of a cumulative index approach
over an extended period of time; and

* External bill indexing offers the advantage of creating desirable
incentives for utilities to manage all factors affecting customer bills,
namely price and quantity. Despite some weaknesses, an economet-
rically based external bill index approach may be most equitable for
a broad range of utilities. Because it adjusts for key differences
among utilities, it may be easier to adapt to a wide range of circum-
stances than the composite approach.

* Internal bill indexing is generally more limited in scope, but may
pose fewer implementation problems than external bill indexing. The
simplest and most circumscribed approach uses statistical techniques
to measure the impact of DSM programs on average customer bills.
The need to adjust for factors such as weather makes the comparison
to a utility’s own least-cost plan slightly more complex.
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Chapter 9

Utility Energy Services

Charles J. Cicchetti and Ellen K. Moran

Introduction

Environmental consciousness has recently pushed electric utilities into
the conservation debate. Utilities are increasingly being asked to pur-
sue energy conservation and load management programs, under the
rubric of demand-side management (DSM), to reduce the wasteful use
of resources. However, the disincentives of DSM programs (among
which are disallowance of program costs, lost revenues resulting from
reduced sales, and erosion of rate base) are greater than the incentives
to many utilities. Investments in DSM can reduce a utility’s profitabil-
ity. As businesses that are accountable to shareholders, investor-owned
utilities are reluctant to undertake actions that have a negative effect on
their bottom line.The disincentives to utility-sponsored conservation,
however, can be overcome through an intelligent reworking of the tra-
ditional rate-of-return regulatory scheme. Based on the premise that an
appropriate goal of public policy is to maximize the amount of cost-
effective utility-sponsored conservation, coupled with the belief that
economic incentives are preferable to command-and-control regulation
to promote economic efficiency, utilities and state commissions have
developed incentive regulation plans for DSM programs. Although
these plans vary in scope, structure, and detail, they share the common
objective of transforming DSM into a potentially profitable activity for
utilities, by including some or all of the following components:

* Recovery of program costs;

» Compensation for lost revenue (more precisely, lost profits); and
-3

» A positive financial incentive for the utility.

The various disincentives and measures to overcome them and provide
inducements to utilities to undertake DSM programs have been pre-

163
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sented elsewhere in this book. This chapter focuses on an emerging
approach, the energy services concept or energy service charge
(ESC), and its prospects for encouraging utility investment in
conservation.

The Energy Services Concept

Much of the conceptual thinking about current energy services pro-
grams comes from “Including Unbundled Demand-Side Options in
Electric Utility Bidding Programs” (Cicchetti and Hogan 1989). The
Cicchetti-Hogan proposal was designed to facilitate including demand-
side programs in bidding systems. A utility would purchase conserved
kilowatt-hours (kWhs) from a customer/supplier in an all-source bid
program only if the cost per kWh of energy savings is less than the
marginal cost of new supply-side alternatives. Customers who deliver
conserved kWhs would then receive conservation services and would
continue to pay for all kWhs of conservation-related energy services as
part of the regular bill for utility service.

The energy services concept distinguishes between a utility’s sale
of energy commodities (Btus and kWhs) and its sale of energy ser-
vices. As applied to electric utilities, the concept is based on the idea
that the demand for kWhs is an indirect, as opposed to direct, demand.
Thus, the demand for kWhs is derived from the demand for the under-
lying services that they provide for consumers, such as heating, cool-
ing and lighting. Conservation can produce energy services in the
same way as kWh sales. For example, if a utility installs a conservation
measure at a customer’s premises that leaves the consumer as comfort-
able as before, or with the same end-use services, but at an annual sav-
ings of 100 kWhs, then the installed measure has produced energy
services equivalent to the 100 kWhs saved.

Energy services may be an amorphous concept that is difficult to
define and measure. Nonetheless, energy conservation programs nec-
essarily include some estimate of the kWhs the customer will save by
using a particular conservation technique. This engineering estimate
of savings may both define and quantify the energy service provided by
the utility. Under an energy services regulatory scheme, the customer
pays for this service as part of the regular bill for utility service. In the
simplest case, the estimated kWhs saved would be added to the actual
consumption of electricity. The customer would pay for the energy ser-
vice provided at a price up to the full retail value of the saved kWhs, as
well as for the electricity provided, priced at the standard retail rate for
kWhs.

Suppose, for example, that a conservation device that leaves the



Utility Energy Services — 165

Table 9-1. Utility Demand/Supply Options

Retail rate ($/kWh) .05
Incremental supply cost ($/kWh) .06
Conservation cost ($/kWh) .05
Initial load (kWh) 2,000
Incremental/saved load (kWh) 100
Demand
Demand Option
Traditional Option with
Supply Demand with Full Incentive
Before Option Option ESC ESC
Revenues 100 105 100 105 104
Costs 90 9 95 95 95
Profits 10 9 5 10 9

customer at the same level of comfort can be installed for 5¢/kWh or
less; incremental generation costs 6¢/kWh; and the retail energy rate is
5¢/kWh. If the utility installs the conservation measure charging the
customer 5¢/kWh saved, total system costs are lowered compared to
the supply alternative, the consumer is just as well off as before, and
the utility’s earnings have remained the same or increased. Unlike the
more traditional DSM approach, the kWhs of energy services will be
added to sales, but not to generation. This is the key differentiating
feature of the energy services concept. As in the traditional DSM
approach, the costs of conservation are added to the other fixed and
variable costs of the utility. Alternatively, the utility could offer the
customer an incentive of up to 1¢/kWh saved (a net energy service
charge of 4¢/kWh) and still remain as profitable as if it had elected the
supply option.

In general, if the cheapest resource addition is conservation (con-
sistent with the principles of least-cost planning) and if the one-for-one
exchange of electricity for conservation energy services leaves the cus-
tomer as well off as before, then utility profits will not suffer as they do
under the traditional approach to DSM accounting. As shown in Table
9-1, they may remain the same. Compared to the supply option, profits
will increase by the difference between the cost of conservation and the
cost of the best alternative resource, less any incentive payment to pro-
mote customer participation.
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The following sections present some detail about how the energy
services program treats participants and non-participants, how it could
be used in bidding programs and some other advantages.

Participants Versus Nonparticipants

Utility-financed energy efficiency programs are a paradox to utilities,
customers and regulators. Although energy efficiency measures may
be less expensive than supply-side resources, their successful imple-
mentation can cause electricity prices to increase. Utilities rely on cus-
tomer payments to meet the fixed expenses of existing generating
facilities, transmission lines, distribution facilities, and customer ser-
vices networks. If some customers, by taking advantage of utility-
sponsored DSM programs, reduce their purchases and their utility
bills, average prices must rise for all remaining sales to recover the
same amount of fixed costs and to cover the added DSM program
costs. Nonparticipants in the utility DSM program, including those
who have already invested in energy efficiency measures, can see their
rates rise without receiving any direct benefit.

The energy service charge has been proposed to respond to these
equity concerns. A conservation program with the energy service
charge collected from program participants protects nonparticipants
from rate increases resulting from conservation investments made by
utilities that benefit selected customers. Through the energy service
charge, participating customers pay for the investments made directly
on their behalf while still enjoying lower overall energy costs due to
kWh savings. Tables 9-2 and 9-3 present comparative analyses of var-
ious supply and demand options from the perspectives of the sponsor-
ing utility, the customer actively participating in the DSM program,
and the nonparticipant customer. In these tables the two conservation
strategies, the traditional utility-funded program and the energy ser-
vice charge approach, have deliberately been presented as lower cost
options than the supply scenario (and, therefore, superior from a soci-
etal perspective for meeting additional load), when utility marginal
costs are both above (Table 9-2) and below (Table 9-3) average prices.

Under most scenarios the participating customer is better off with
DSM than in either the initial state or the supply case. This may be so
even if the customer pays for the conserved kWhs. The opposite is true
for the nonparticipant who is at a distinct disadvantage under a tradi-
tional demand-side program when conserved kWhs are not paid for by
the direct beneficiaries. The cost burden of the program is shifted in
part to nonparticipants who enjoy none of the energy services provided
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Table 9-2. DSM Pricing Examples / Marginal Costs Above Average Price

Initial load (000 kWh) 100
Incremental/saved load (000 kWh) 10
Initial embedded cost ($/kWh) .06
Incremental supply cost ($/kWh) .09
DSM measure cost ($/kWh) .08
Demand
Traditional | Option
Initial | Supply | Demand | with Full
State | Option| Option ESC
Utility Perspective
Revenue requirement ($) 6,000 | 6,900 6,800 6,800
Generated electricity (000 kWh) 100 110 100 100
Units sold (000 kWh) 100 110 100 110
Average rate ($/kWh) .06 .063 .068 .062
Customer Perspective
Participant:
Conventional load (000 kWh) 12 12 10 10
Conservation savings (000 kWh) 0 0 2 2
Units purchased (000 kWh) 12 12 10 12
Total charge ($) 720 753 680 742
Nonparticipant:
Conventional load (000 kWh) 12 12 12 12
Conservation savings (000 kWh) 0 0 0 0
Units purchased (000 kWh) 12 12 12 12
Total charge ($) 720 753 816 742

by the conservation. Although conservation represents the least-cost
alternative, the nonparticipant bill under this scenario is driven higher
than both in the initial state and under the supply-side option. Those
participants who benefit from “free” conservation do so at the expense
of all ratepayers, especially those ratepayers who choose not to

participate.
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Table 9-3. DSM Pricing Examples / Marginal Costs Below Average Price

Initial load (000 kWh) 100
Incremental/saved load (000 kWh) 10
Initial embedded cost ($/kWh) .06
Incremental supply cost ($/kWh) .05
DSM measure cost ($/kWh) .04
Demand
Traditional | Option
Initial | Supply | Demand | with Full
State | Option | Option ESC
Utility Perspective
Revenue requirement ($) 6,000 | 6,500 6,400 6,400
Generated electricity (000 kWh) 100 110 100 100
Units sold (000 kWh) 100 110 100 110
Average rate ($/kWh) .06 .059 .064 .058
Customer Perspective
Participant:
Conventional load (000 kWh) 12 12 10 10
Conservation savings (000 kWh) 0 0 2 2
Units purchased (000 kWh) 12 12 10 12
Total charge ($) 720 709 640 698
Nonparticipant:
Conventional load (000 kWh) 12 12 12 12
Conservation savings (000 kWh) 0 0 0 0
Units purchased (000 kWh) 12 12 12 12
Total charge ($) 720 709 768 698

Under the energy services approach, there is a more equitable dis-
tribution of program costs and benefits between participants and non-
participants. When marginal costs are below average prices, the
energy service option leads to the lowest rates for all consumers. When
marginal costs are above average prices, only the initial state offers

lower rates to all ratepayers.
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Energy Services in Bidding Programs

An advantage of the energy services concept is that it provides the
proper signals for demand-side bidding and facilitates the inclusion of
demand-side options in all-source bidding programs. Admittedly, the
complexities of comparing options with different load shape impacts,
timing, and reliability make it difficult to construct scoring systems that
can accurately compare supply-side options to demand-side options.
But these are second-order technical problems compared to the issue of
price signals when a utility is comparing two seemingly similar offers:
a supply-side offer to deliver a kWh of electricity at a certain time and
place in exchange for a payment by the utility (Pg), and a demand-side
offer to save an identical kWh of electricity in exchange for a payment
by the utility (Pp). It would appear that the utility should award the bid
to the party offering kWhs at the lowest price, Ps or P, and that the util-
ity should be indifferent, ceteris paribus, whether the winning bidder
represents the supply-side or demand-side option.

However, this cost-effectiveness comparison is incomplete; such
partial analysis may lead the utility to purchase excessive quantities of
saved kWhs. This is because the amount Py, is not the only money that
changes hands if the utility accepts the demand-side bid. The demand-
side bidder (whether a third-party provider or host facility) receives the
direct payment P, from the utility. In addition, the metered customer
on whose premises the measures are installed gets to keep the money it
otherwise would have paid the utility for the kWh it no longer needs to
buy. The savings are an indirect payment (Pg) from the utility to the
demand-side bidder and represent lost revenues (associated with the
fixed cost portion of rates) from the utility perspective.The proper
comparison then becomes Py versus P, + Pr. But if the energy ser-
vices concept has already been put into place (effectively eliminating
or substantially reducing Pg), a demand-side bid could, under those
circumstances, be compared directly to a supply-side bid. Pursuant to
the energy services program, winning demand-side bidders would con-
tinue to pay the retail price for the kWhs they are saving (Pg). With the
energy service charge paid by the customer-as-consumer, the danger of
double payment (i.e., the bid price paid by the utility plus the benefit
of a reduced utility bill) to the customer-as-supplier is removed as is
the consequent overinvestment in conservation.

Other Advantages of Energy Services

While the energy services concept distributes benefits fairly, eliminates
cross-subsidization and alleviates upward rate pressure, it also offers a
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number of other, less critical advantages as a DSM approach. It mini-
mizes several forms of gaming behavior to which other mechanisms
may be susceptible. For example, failure on the part of customers to
follow through with the installation of committed measures can be
readily detected through the inspection process by the utility. Besides,
by having to pay for both kWhs consumed and those purportedly
saved, there is a real disincentive for nonperformance. At the same
time, the utility has an incentive to minimize costs (as opposed to max-
imizing dollars invested in DSM or kWh saved) and to install only
cost-effective measures since its opportunity to make money rests on
the difference between program costs and the energy service charge
collected.

Two utilities have moved beyond theory to practice in terms of
implementing a variation of the energy services concept. Following
are descriptions of these two programs (descriptions of PacifiCorp and
Bangor Hydro are based on September 1991 information).

PacifiCorp’s Energy Service Program

In 1989 PacifiCorp Electric Operations (PacifiCorp), the merged .sys-
tem of Pacific Power and Utah Power, had a load of 4,861 megawatts
(MWs). Under the first combined resource plan for the utility system,
this load was projected to grow to 6,557 MWs by 2008. Despite a sub-
stantial energy surplus for most of the 1980s, deficits are projected for
the forthcoming 20-year planning horizon. As part of its least-cost
planning process, the company has identified achievable conservation
potential system-wide of 400 to 600 MWs that would entail gross util-
ity investment over the planning horizon of $1.3 billion in 1989$
(Pacific Power and Utah Power 1989).

Utility customers often do not undertake investments for energy
improvements even when such investments can lower their total costs
over the lifetime of the investments. The barriers that customers face
include capital constraints, high implicit discount rates, short payback
requirements, uncertainties, relatively low utility bills in proportion to
total budgeted expenditures, lack of adequate information, or incon-
venience (Bhattacharjee, Cicchetti, and Rankin 1991). Traditionally,
PacifiCorp sought to overcome these impediments with programs that
offered generous financial incentives to customers. Throughout the
1980s they pioneered a number of programs that sought maximum
market penetration by paying customers the full cost of DSM mea-
sures. Through direct experience the utility has witnessed the upward
pressure on rates stemming from such traditional rebate programs and
the mismatch of costs and benefits between program participants and
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nonparticipants. The company is now adopting the energy service
approach to overcome the market barriers and redress imperfections in
its delivery system.

In Oregon PacifiCorp, doing business as-Pacific Power & Light
Company (PP&L), introduced the Energy Services Program which
was approved by the Oregon Public Utility Commission (OPUC) in
June 1990. It includes two components: the first is directed statewide
at new commercial building construction; the second is currently an
experimental program to upgrade energy efficiency in existing com-
mercial buildings in a single city. For new commercial buildings the
utility offers building owners an energy analysis of the proposed struc-
ture during the design phase to identify opportunities for improved
energy efficiency beyond the measures mandated by building codes.
Based on the audit, PP&L will pay for design assistance, materials,
and installation of cost-effective energy conservation measures in
exchange for the right to share in energy savings under an energy ser-
vices contract.

For this program, energy conservation measures are defined as
permanently installed structural improvements that can reduce overall
electric energy use (Pacific Power & Light Company 1990). The mea-
sures include a variety of heating, ventilating, air-conditioning, light-
ing, and control options, with more than half the potential savings
attributable to lighting applications. They offer greater comfort and
convenience, higher quality of lighting, better aesthetics, more con-
trol, and higher productivity and typically achieve 10% to 30% percent
more energy efficiency than can be attained through code compliance.
One of the chief purposes of this particular program is to capture what
would otherwise become lost opportunities. Installing energy-efficient
measures in new construction is far easier and more cost-effective than
retrofitting an existing structure with the same measures.

For each possible measure, there is a cost-effectiveness calcula-
tion or measure funding limit that is determined by multiplying the
measure’s estimated annual kWh savings (beyond mere adherence to
code) by 110% of PacifiCorp’s levelized avoided cost (levelized over
the expected life of the measure), derived from its most recent least-
cost plan. The 10% premium or “conservation adder” is intended to
give conservation measures a cost advantage vis-a-vis generation
resources and is dictated by the Pacific Northwest Electric Power Plan-
ning and Conservation Act of 1980.

The utility and building owner then enter into a contract, specify-
ing the measures to be installed and estimating the energy service
charge payable over the contract term in monthly installments. The
contract term is selected by the owner to be the lesser of the weighted
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average life of the installed energy conservation measures or 20 years.
The energy service charge is tied to market interest rates; the prime
rate for cost-effective measures and prime plus 3% for measures for
which costs exceed the measure funding limit but which are requested
by the owner. However, the charge is set in such a way that participants
are assured at least a 5% discount from applicable retail electric rates
(PacifiCorp Electric Operations 1991). The energy service charge is
structured like a loan payment for tax purposes. Unless treated as a
loan from the utility, the conservation payments made by the utility
(the design assistance, capital and installation costs) would be ruled as
taxable income for the participants.

When the energy conservation measures have been installed,
inspected and monitored, a one-time adjustment in favor of the cus-
tomer may be made. If the post-installation energy audit shows that the
energy savings actually achieved are less than projected, there is a
quantity reduction in the formula for the charge. On the other hand, if
the savings are greater than projected, the customer retains all of the
benefit.

Although the building owner enters into the contract with the util-
ity, it is the building occupant receiving metered electric service who
actually pays the energy service charge which appears as a separate
line item on the monthly utility bill. However, if the customer fails to
pay, the utility can charge the building owner. At the end of the con-
tract term, the charge is removed from the bill and the customer then
receives any remaining benefits at no additional cost. At any time dur-
ing the contract, the energy service charge can be eliminated from the
bill by a termination or buy-out payment made by either the owner or
the customer in an amount that is the remaining net present value of
the contract.

PacifiCorp is in the process of introducing similar programs aimed
at the new commercial construction sector in the other states (Califor-
nia, Idaho and Utah) where its operating divisions provide electricity
service. The company is also planning to introduce pilot energy ser-
vice programs to its industrial and residential customers.

What is the likely impact of the program on the utility and its cus-
tomers? In Table 9-4, the assumptions and middle column, “Hypothet-
ical Ideal Case,” describe a scenario presented by PacifiCorp in its
May 1990 concept paper on the energy services program (PacifiCorp
Electric Operations 1990). The case shows that there is a relatively
even sharing of program benefits between the utility and its custemers.
Two alternative scenarios are shown that confirm the program’s sensi-
tivity to variations in installed costs, the impact of the conservation
adder, and the level of discount or sharing available to participants. If
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the utility could install DSM measures more cheaply (as in Case I), it
could increase profits or it could afford to give prospective participants
a deeper discount below retail rates. On the other hand, if the customer
chooses a package of measures priced at the cost-effectiveness ceiling
or measure funding limit, the utility will face greater capital costs to
implement the program. In Case IlI, there is-only a small margin
between average retail price and marginal cost (part of which is eroded
by the mandated conservation adder), and the utility loses money by
proceeding. By reducing the customer discount (and incentive) for
energy services or by eliminating the conservation adder, the utility
can be made indifferent in economic terms.

The energy services concept represents a new approach to energy
conservation. Based on an early assessment of PP&L’s experience in
Oregon, the most attractive feature to building owners appears to be
the availability of 100% financing on flexible terms for capital
improvements that enhance asset value and improve operating costs.
The ability to confirm actual savings is important, as is the willingness
of PP&L to absorb risk on energy savings. The concept appears to be
producing reasonable savings at a low cost to the utility. Customers are
receptive to the program in its current form and it appears capable of
reaching high penetration rates (McDonald 1991).

Both PacifiCorp and the OPUC staff recognize the program’s nov-
elty and acknowledge that many of the assumptions regarding its eco-
nomics are unsubstantiated. As a result, the company has been
directed by the OPUC to comprehensively assess the program after its
first full year of operation. As part of the assessment, the company will
evaluate whether the program is capturing energy conservation oppor-
tunities that might otherwise be lost, whether the program maintains
revenue neutrality between supply- and demand-side alternatives, and
whether the program is achieving its goal of leaving all players (utility,
participating and nonparticipating customers) better off (Pacific Envi-
ronments 1990). To test some of the underlying assumptions, the com-
pany will examine the accuracy of estimated savings during the design
phase compared to adjusted savings estimates, the level of energy sav-
ings realized, the degree to which recommended measures are imple-
mented, the level of market penetration achieved, and overall cost-
effectiveness of the program. The company will also attempt to profile
characteristics of participants and nonparticipants and to survey trade
allies (architects, engineers, contractors) as to program awareness and
attitudes.
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Bangor Hydro’s Energy Service Program

Another DSM program based on the energy service concept is Bangor
Hydro-Electric Company’s (BHE) Payload Program. Under this pro-
gram, BHE would become an energy service company offering two
substitute goods, kWh service and DSM service, directly and through
a customer bidding program (Bangor Hydro-Electric Company
1989a).

Under the bid program, qualified applicants (either building own-
ers or energy service companies) would offer for sale kWs and/or
kWhs resulting in load shifting from the utility’s peak and/or improved
efficiency of existing end-uses. The company planned to evaluate bids
on the basis of price (which had to be less than the total avoided cost
per energy or demand unit conserved or shifted), feasibility and relia-
bility, expected life of the project, measurability of load impacts, eco-
nomic stability of the sponsor’s business over the life of the project
measures, and the bidder’s ability to actually construct and manage the
project. Upon approval of an application, BHE would pay the partici-
pant a lump sum equal to the amount bid for the project. In exchange,
the successful bidder would enter into a contract with BHE agreeing to
make periodic payments in an amount equal to the contracted energy
conserved or peak demand reduced, at a per-unit rate competitive with
the customer’s applicable billing rate over a period equal to the esti-
mated useful life of the installed measures (Bangor Hydro-Electric

Table 9-4. Energy Service Charge / Financial lllustration

ASSUMPTIONS
Average retail price ($/kWh) 0.050
Embedded and marginal cost ($k/Wh) 0.045
Discount rate—utility (nominal) 10.0%
Consumption before efficiency measures (kWh/year) 15,000
Expected kWh savings per year 4,000
Life of measures (years) 20
Utility’s cost of conservation ($) 1,2002
($/year, nominal levelized) 1412
($/kWh) .0352
Energy service charge @ 90% of retail ($/year) 180
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Table 9-4 (continued)
IMPACTS ($/year)
1
At
Average 11 I
Cost for Hypothetical At Cost-
Achievable Ideal Effectiveness
Savings* Case? Ceiling®
Customer Perspective
Without program:
Electric bill $750 $750 $750
With program:
Electric bill $550 $550 $550
Energy service charge $180 $180 $180
Total cost $730 $730 $730
Savings from program $20 $20 $20
Company Perspective
Without program:
Electricity sales
Revenue $750 $750 $750
Cost of power $675 $675 $675
Net revenue $75 $75 $75
With program:
Electricity sales
Revenue $550 $550 $550
Cost of power $495 $495 $495
Net revenue $55 $55 $55
Energy service charge impact
Energy service charge revenues $180 $180 $180
Cost of efficiency measures $120 $141 $198
Net energy service charge revenues $60 $39 ($18)
Total net revenue $115 $94 $37
Benefit from Program $40 $19 ($38)

1 Based on average cost per achievable kWh of savings for new commercial buildings, Pacific Division
(2.8¢/kWh in 1988$, adjusted for inflation), reported in Table 3, page 22, in the OPUC and ODOE
December 1989 report, “An Assessment of the Conservation Activities of Pacific Power & Light, Port-
land General Electric, and Idaho Power Company.”

2 jdeal case as presented by PacifiCorp Electric Operations in May 1990 report, “Concept Paper: Energy
Service Approach to Improving Customer Energy Efficiency.”

Maximum cost of conservation at assumed marginal cost plus 10% conservation adder, as per test of
cost effectiveness (.045 + .0045=.0495).




176 — Chapter Nine

Company 1989b). While this program has been proposed, an RFP
released, and bids received, to date no contracts have been executed
and recent developments suggest that the program may be shelved or
reconsidered.

BHE has been involved in extended proceedings with the Maine
Public Utilities Commission (MPUC) about its record in designing and
implementing DSM programs, the outcome of which has ramifications
for its energy service program. The parties hold divergent philosophi-
cal views on issues central to the whole DSM debate (Maine Public
Utilities Commission 1990a). For example, BHE has consistently
maintained that the appropriate test of cost-effectiveness for DSM is
one in which the utility pays no more than the difference between its
marginal cost and the average price for conservation programs. Given
that its marginal cost is well below its retail rates, the computed num-
ber is negative for BHE, leading its management to conclude that it
should not purchase conservation even if it is less costly than avoided
supply. The company’s stated goal in designing conservation programs
has been to minimize program costs to reduce the absolute effect on
rates and to minimize cross-subsidization of program costs by nonpar-
ticipants (Linnell 1991). The company also says that the consumer has
adequate incentives to directly invest in DSM due to savings in bills.
Consistent with this view, BHE has tried to design DSM programs that
induce customer participation by providing low-cost information and
educational materials, that arrange access to capital, and that ensure
that participating customers pay for benefits received through the pro-
gram (Linnell 1990).

The MPUC, on the other hand, has established that the appropri-
ate test of DSM cost-effectiveness is the “all ratepayers” or total
resource cost test. In Chapter 380 of the public utilities code, the
breakeven point for this test is defined as the conservation investment
in which program costs equal program benefits. Program costs include
the utility’s costs related to the DSM program (excluding revenue
losses) plus the total of all participants’ costs (the incremental costs
incurred to save electricity). In choosing among DSM programs, utili-
ties are encouraged to give priority to programs with the greatest net
present value under the total resource cost test. For high-priority pro-
grams that nonetheless adversely impact rates (causing average reve-
nue requirements per kWh to increase), a utility is instructed to give
priority to programs that are the most widely available and that distrib-
ute benefits to as many customer classes as possible.

Consequently, the Commission has recently adjusted BHE’s
authorized rate of return on equity downward by 50 basis points due to
the company’s inadequate performance in the areas of least-cost plan-
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ning and DSM (Maine Public Utilities Commission 1991). In so
doing, the Commission found that by applying a more restrictive test
of cost-effectiveness than that set out in Chapter 380, not only had
BHE failed to comply with the Commission’s rulings and the Maine
Energy Policy Act, but it had underinvested in DSM measures and
unduly delayed implementation of programs. The Commission went
on to state that “inefficiencies in the conservation and demand-side
management area hurt ratepayers both in terms of higher present
energy bills and in terms of lost opportunities for least-cost planning.”
In closing, the Commission concluded that the “company needs to
institute new policies, new standards, new procedures, new practices,
and new plans that would ensure that new goals can be achieved in the
most efficient way under a correct concept of what is cost-effective”
(Maine Public Utilities Commission 1991). In its new mood of com-
pliance, BHE is now re-examining all of its DSM programs, including
the energy service program which never really got off the ground.

The debate between BHE and MPUC has been presented at length
to illustrate one of the drawbacks of the energy services concept. In a
jurisdiction such as Maine that relies on the total resource cost test,
utilities and their regulators are unlikely to embrace the energy ser-
vices approach. The approach is best suited for jurisdictions where
passing the no-losers’ test remains an important component of the
overall test of cost-effectiveness. As with other approaches to DSM,
the appeal of the energy services concept largely depends on the stan-
dards by which it is evaluated.

Is There an Incentive?

While it is clear that the energy services approach removes many of the
disincentives to the achievement of energy efficiency, a question
remains as to whether the concept provides utilities with a positive
incentive to pursue DSM programs aggressively. The OPUC has
described the energy service program as a “pioneering approach to
energy conservation” that will “increase market penetration of new
energy efficiency technologies by giving PP&L a profit incentive”
(Oregon Public Utility Commission 1990). However, in recommend-
ing the program to the full Commission, the OPUC staff said that the
program’s philosophy was the recoupment of program costs, including
lost revenues, from program participants. No mention was made of an
incentive for the utility (Combs 1990). The OPUC staff also classified
the energy service program as a method of cost recovery, as opposed to
a method to recover lost profits or to provide a positive incentive (Hell-
man, Hagerman, and Busch 1990). This apparent confusion or diver-
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gence of opinions certainly gives cause to question what exactly is
being accomplished by the energy service charge. How much of a
financial incentive is there that contributes to the utility bottom line
and benefits shareholders? The aggregate energy service charge col-
lected from participating customers will be treated by PacifiCorp as an
offset against revenue requirements to minimize the rate impacts on
nonparticipating customers. Consistent with the view that DSM mea-
sures are capital-intensive investments made for future service (as an
alternative to supply-side investments), the utility is able to add con-
servation investments to its rate base. Pursuant to an OPUC order, all
eligible conservation program expenditures, including promotional
activities, concessions, acquisition costs and capital costs, are subject
to deferral and amortization from the date placed in service over the
useful life of the assets. The utility is thus able to receive its normal
rate of return on the unamortized portion of the conservation invest-
ment remaining in its rate base.

There are a few exceptions to this general accounting treatment for
conservation-related expenses. Conservation advertising costs are to
be expensed in the year incurred and kept separate from other advertis-
ing costs. Nonetheless, the Commission left the door open for possible
future deferral for DSM program advertising costs. The costs of cer-
tain legislatively mandated programs are also expensed, as are ongoing
operational costs, e.g., those for program reporting and tracking, as
with supply-side alternatives.

An analysis of the current ratemaking treatment granted PP&L for
its energy service program in Oregon leads to the conclusion that the
program does not offer an explicit financial incentive. By offsetting
‘energy service tariff receipts against revenue requirements, the mech-
anism provides only for cost recovery. There is no makeup of lost rev-
enues. The company recognizes that while the impact of annual lost
net revenues may be low in the near-term, the cumulative effects over
time could become substantial, without subsequent changes in rate-
making treatment. The OPUC staff has proposed treating net revenue
losses as an appropriate acquisition cost eligible for special accounting
treatment (Hellman, Hagerman, and Busch 1990; Electric Utility Week
1991b). While this step has not yet been taken on behalf of PacifiCorp,
Portland General Electric was recently permitted recovery of lost reve-
nues (Electric Utility Week 1991b). This action offers the prospect of
more rewarding ratemaking treatment for PacifiCorp’s energy service
program in the future.

Perhaps the removal of some disincentives is sufficient to promote
DSM. But not all risks have been fully eliminated. In collecting the
energy service charge over a period of up to twenty years, PacifiCorp
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still bears considerable risk of disallowance over time. The regulatory
risk increases proportionally with the length of time over which the
cost recovery is spread. Because the utility wants to avoid rate hikes,
this risk of disallowance is the price to be paid in the trade-off between
expensing and amortizing DSM costs. Despite the absence of positive
financial incentives, PacifiCorp is still a strong advocate of the energy
service concept because it makes good sense and is consistent with its
least-cost plan objective to stabilize rates.

However, in California where PacifiCorp operates in a few coun-
ties, it has been granted more favorable ratemaking treatment for its
energy service program. It is able to retain the first year’s energy ser-
vice revenues as an incentive for the account of shareholders. The Cal-
ifornia Public Utilities Commission (CPUC) discontinued the
company’s electric revenue adjustment mechanism (ERAM), at
PacifiCorp’s request, and replaced it with the energy service charge
(California Public Utilities Commission 1990).

As part of that decision, the CPUC approved three levels of
accounting treatment for DSM program expenditures. The first level is
for direct costs of energy-efficiency measures, which are amortized
over the energy service tariff term and receive the company’s allowed
rate of return on the unamortized portion. The second level is for
expenditures that lead to the purchase of conservation resources, such
as those for staff labor, field implementation, and program develop-
ment. These are recovered in revenues over a one-year period, carry a
5% incentive, and are also subject to a budget limit and spending ratio
of expenses to DSM assets. The third level is for all remaining costs
that are expensed. In addition to the explicit first-year incentive and
three-tiered cost recovery approach, the CPUC has also set minimum
performance targets for DSM programs. Failure to meet the minimum
standards, on a program-by-program basis, will result in an after-the-
fact 50% reduction in the rate of return on the 1991-1993 expenditures
for each deficient program and a corresponding reduction in earnings
on expenditures over the remaining life of the particular program. The
California approach, with its penalty and rewards, represents a bal-
anced and economically efficient solution to the challenge of incentive
ratemaking.

With respect to ratemaking treatment for BHE’s DSM activities,
the MPUC treats conservation costs in accordance with Chapter 37 of
the public utilities code (Maine Public Utilities Commission 1990a).
Briefly, Chapter 37 sets out rules for the recovery of costs of utility-
funded conservation programs and establishes an energy conservation
adjustment clause. Eligible costs include reasonable costs of purchase
of goods and services, financial subsidies for conservation loan pro-
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grams, and other market research, advertising, and promotional costs.
The MPUC may direct that costs of measures having a useful life of
five years or more be recovered over more than one year and may make
a reconciliation adjustment to the energy conservation adjustment for
such reasons as under- or overcollection and imprudent or unreasona-
ble energy conservation procurement practices. The Commission may
also grant an incentive adjustment, either positive or negative, up to
10% of the cost of each program during the current energy conserva-
tion adjustment period.

Referring back to the three elements of a reformed ratemaking
scheme to transform conservation into a rewarding business for utili-
ties (recovery of program costs, compensation for lost revenue, and a
positive financial incentive), Chapter 37 addresses the first of these
components, overlooks the second and offers the prospect of the third.
It is regrettable that the long-running adversarial proceeding, involv-
ing BHE’s recalcitrance and the MPUC’s resort to punishment, does
not create a climate conducive to reworking the traditional rate-of-
return regulatory environment in favor of motivational management.

Energy Service Program Complexities and
Disadvantages

The energy services program, like most DSM programs, does have its
share of disadvantages. One of the perceived drawbacks of the energy
service concept is that the customer receives no commodity of real
value. It appears that the customer is asked to pay for electricity that is
not consumed. If the customer were truly paying something for noth-
ing, energy services would be a hard policy to recommend or explain.
However, if the conservation improvements are real, then the customer
is truly providing an energy service. If the customer wishes to be paid
for providing that service, then it should also pay for the energy
retained. By using a combination of engineering estimates and post-
installation audits, the customer can be shown that the savings are not
phantom, but represent a reduction in energy consumption which will
provide a real benefit over time.

As with many DSM mechanisms, the energy service concept is
likely to be most effective when the difference between the cost of the
demand-side resource and the best available supply-side alternative is
large, since the maximum inducement that the utility can pay the par-
ticipant will vary directly with this difference. A problem may occur
when both conservation and generation costs are substantially below
the retail energy rate. Suppose that the marginal cost of conservation is
2¢/kWh, the marginal cost of generation is 3¢/kWh, and the retail
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energy rate is S¢/kWh. A customer who is unwilling to conserve on his
own for a net benefit of 3¢/kWh will be unlikely to accept the utility’s
offer to participate in its conservation program if the maximum incen-
tive payment is 1¢/kWh (the difference in the utility’s cost for the two
resource options). Utility customers who are not inclined to participate
in traditional DSM programs may be even less willing to do so under
an energy service concept that requires them to pay their own way.
Customers accustomed to offers of “free” conservation and “double
benefits” will find unattractive the obligation to pay for DSM improve-
ments in their utility bills over long periods of time. Only an intensive
consumer education effort regarding utility ratemaking and pricing
issues might overcome this obstacle.

PacifiCorp dealt with a number of program complexities that
became apparent in the process of implementing a new idea. A few
examples follow that are not necessarily unique to the energy services
concept.

The payments prescribed by the energy service tariff are the obli-
gation of the customer receiving electricity service during the term of
the energy services contract. At the same time, the utility has recourse
to the building owner for any energy service charges that the customer
fails to pay. A question arises when the property is sold. To protect its
long-term interests, PacifiCorp requires the seller to assign the energy
services contract to the buyer at the time of transfer of the property. To
further protect itself, the utility is permitted by the terms of the tariff to
record the contract as an encumbrance (but not a lien) against the
property.

Changes in the tenancy of a building over a twenty-year contract
term may lead new tenants to question the energy service charge on
their utility bill. It may be difficult to convince new occupants that they
benefit from prior installations with utility bills lower than what they
would otherwise be. While PacifiCorp has taken steps to ensure that
successor customers will be responsible for the energy service charge,
the utility sought additional protection in the form of state legislation
which was enacted in April 1991. The purpose of the legislation is to
clarify that the OPUC has the authority to require that successor cus-
tomers continue to pay the contracted charges (Griffith 1991). With the
adoption of the legislation, PacifiCorp may drop the assignment
requirement which can unduly complicate property sales and hinder
program acceptance. The enactment of this legislation was certainly
not a prerequisite to program implementation, but it will serve to
enhance program acceptance, particularly as PacifiCorp attempts to
extend energy service programs to its industrial and residential
customers.
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One way to compare DSM programs is in terms of their ease of
administration. The energy service program developed by PacifiCorp
would receive only a fair rating in this category. A package of DSM
measures tailored for each site and accompanied by an energy audit
following installation entails substantial front-end supervision and
transaction costs. Booking and tracking a portfolio of loans, each with
its specific payment terms (interest rate, monthly payment amount, and
term based on the useful life of the measures), will require significant
accounting systems and resources, as will monitoring changes in occu-
pancy and ownership. The cost per transaction may decline over time
as the program grows and as operating systems are developed.

Conclusion

The energy services concept is relatively untried, compared to the
other DSM incentive approaches described in this book. It is just now
emerging from concept to implementation. Indeed, the evolution of the
energy services program at PacifiCorp and the adaptations that the
company has made over the past year demonstrate the importance of
utility responsiveness to field experience and market research results.

While there still may be much to learn through full-scale imple-
mentation of the energy services program, it has a number of distinc-
tive features that set it apart from other DSM programs. First and
foremost is the process of “unbundling” energy services, which rec-
ognizes the value of conservation as a product marketed separately
from the sale of electricity. Introduction of an energy services program
puts a utility squarely in the mode of marketing and selling conserva-
tion to its customers. Through the energy service charge, the product
of energy efficiency stands out as a separate line item on the bill for the
customer to see and evaluate. The relationship between product, value
received, and price is clearly evident, which is not always the case for
other utility-sponsored conservation programs. Under traditional
approaches, individual participants may see a reduction in consump-
tion but they fail to recognize that the benefit is accompanied by a gen-
eral upward pressure on rates for all customers.

The energy services program requires that participants accept the
long-term benefit of substantial savings that are realized only after
measures have been paid for in full. This feature may prove to be the
program’s undoing if it hinders widespread acceptance by customers.
If that happens, utilities may be hesitant to adopt the approach for fear
that it will compromise their achievement of conservation targets
established with their regulators. Experience to date is limited; only
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time will tell how successful the energy services concept will actually
be.

Conservation programs that are funded through general rate
increases have been criticized as sources of cross-subsidization
between customer classes. Customers who are already energy-efficient
or who do not receive benefits from DSM programs have been critical
of these approaches. The energy services program responds to these
criticisms by more equitably allocating costs and benefits. Participants
receive a high-value energy service, lower electricity bills, verification
of the realized savings, and financing for the whole enterprise. Non-
participants enjoy lower and more stable future electricity prices
because participants implement DSM measures that postpone the need
for new generating resources. The utility receives revenue that offsets
the cost of the DSM investment and reduces the need for price
increases, while acquiring a cost-effective, long-lived electric
resource.

While the energy service charge does not provide an incentive
mechanism, it does recover program costs and makes up the contribu-
tion to fixed charges for the foregone electricity sales. Only as part of
an overall package of ratemaking mechanisms is the energy service
charge likely to provide an incentive to the sponsoring utility.

There are those who question why positive financial incentives are
needed to induce utility executives to aggressively pursue DSM pro-
grams, particularly if cost recovery and makeup of lost revenues are
assured. In response, perhaps we need to ask why utility decisionmak-
ers would expend the substantial level of effort required to embark
upon an unfamiliar and innovative marketing endeavor, with an uncer-
tain outcome, only to be no better off than they were before. The pros-
pect of a reward challenges utility management to apply their
entrepreneurial skills and creativity to identify and pursue DSM oppor-
tunities. A properly structured incentive based on program outputs or
value created, as opposed to program inputs, will further the policy
objective of maximizing cost-effective conservation. A well-structured
and significant incentive can mean the difference between success and
failure in a utility’s acquisition of demand-side management as a
meaningful electric resource.
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Chapter 10

Evaluation of DSM Programs
and Financial Incentives

Eric Hirst

Introduction

Will utility demand-side management (DSM) programs fulfill their
promise to provide large amounts of cost-effective and environmen-
tally benign energy and capacity resources? Ultilities and regulatory
commissions will consider DSM programs credible resources only if
their performance is measured accurately.

As the number, size, scope, cost, and effects of DSM programs
increase, evaluations will become increasingly important. New chal-
lenges will face evaluators in the 1990s; a key challenge is the role
evaluation will play in determining the amount of financial incentive a
utility earns for its DSM programs. Because of the importance of eval-
uations, state public utility commissions (PUCs) will pay close atten-
tion to evaluation methods and results.

Most regulatory incentives for DSM programs are tied to esti-
mates of the benefits these programs provide. Figure 10-1 shows a typ-
ical shared-savings mechanism. In this scheme, the total benefit of a
DSM program is based on the estimated reductions in electricity use
and demand (GWh and MW) multiplied by the appropriate avoided
costs (energy or capacity). The net benefit is the difference between
total benefit and program cost. PUCs typically award the utility a share
of this net benefit. :

However, the utility often must meet minimum performance
requirements before it receives any benefit (See Chapter 6). In the Fig-
ure 10-1 example, if the utility fails to achieve 40% of the target net
benefit, shareholders lose money. If it achieves from 40% to 60% of
the target, shareholders neither win nor lose. If the net benefit exceeds
60% of the target, the utility earns 38% of the net benefit over the 60%
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threshold. Thus, if the utility meets its target ($1.3 million in this
example), its incentive of $0.19 million is 15% of the total net benefit.

Evaluations determine the total benefits of DSM programs. This
chapter begins by explaining what evaluation is, why it is important
for electric utilities, and the key steps in evaluation. The next section
then discusses engineering analysis, a frequently used approach to esti-
mate program energy and load reductions. The fourth section presents
a hypothetical example of problems that might arise when evaluations
are subject to litigation, a likely occurrence when utility earnings
depend on evaluation results. A hypothetical, rather than real, illustra-
tion is used because shared-savings incentives are so new that none has
yet been tested with evaluation results in regulatory proceedings. The
next section suggests possible resolutions to the problems discussed in
the previous section. The sixth section mentions other issues related to
evaluations and financial incentives, and the final section presents
conclusions.

What Is Evaluation?

Evaluation, the systematic measurement of the operation and perfor-
mance of DSM programs (Hirst 1990)," relies on objective measure-
ments rather than anecdotal evidence or personal impressions.
Evaluations use social science research methods and technical data to
ensure valid results. Evaluations are intended to influence future deci-
sions about DSM programs; they are not academic exercises.
Evaluations provide information for program managers and staff
to improve program operations and for utility executives and regula-
tory agencies to assess these programs. For example, evaluations can:

* Document the energy savings, load reductions, and cost-
effectiveness of DSM programs;

» Show ways to improve programs by increasing participation rates,
raising energy savings, or cutting costs;

* Suggest ways to improve the design of future DSM programs;
* Support DSM budgets before the utility’s budget committee; and
* Provide data to strengthen the company’s load forecasts and resource

planning.

' See Energy Program Evaluation Conference (1991) and Keating and Hicks (1990) for
examples of evaluations of conservation and load-management programs. See Hirst and
Reed (1992) for discussions of the key issues when evaluating DSM programs.
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Figure 10-1. Utility Keeps Fraction of Net DSM Benefit in Shared-Savings
Approach

Schematic showing the mechanics of a shared-savings mechanism to reward
utility shareholders for implementing cost-effective DSM programs. In this
example the utility projects program costs at $1.6 million, the total benefits at
$2.9 million, and the net benefit at $1.3 million. Shareholders will earn $0.19
million if the utility achieves its net-benefit target of $1.3 million.

Utilities should measure DSM program performance using the
same competence and diligence used to monitor power plant perfor-
mance. Utilities have detailed information for each of their power
plants on construction costs and time; operations, maintenance, and
fuel costs; heat rate, availability factor, and capacity factor; the dura-
tion and causes of each outage; and fuel consumption, plant output,
and emissions. Unfortunately, comparable data do not exist for utility
energy-efficiency and load-management programs that describe pro-
gram participation rates, energy savings (GWh) and load reductions
(MW), and program costs.

There are two types of evaluations. Process evaluations examine
program operations to identify how well the program is implemented
and to suggest ways to improve it. These evaluations focus on program
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goals, history, and activities, and are based largely on interviews with
utility staff, managers, participants, and trade allies associated with the
program.

Impact evaluations examine the program’s effect, by providing
quantitative documentation of benefits and costs. Impact evaluations
measure participation, participant acceptance of the recommended
DSM measures and practices, performance of the DSM technologies
being promoted, energy and load reductions, and costs.

Impact evaluations compare what happened to program partici-
pants with what would have happened to them if the program had not
existed. These evaluations deal with two types of energy savings and
load reductions. Total savings represent the participants’ reductions in
annual electricity use and peak demand. Net savings represent that por-
tion of the total savings that can be directly attributed to the utility pro-
gram. Thus, net savings are the difference between total savings and
the savings that participants would have made if the program had not
existed. Nonprogram savings reflect customer responses to changes in
electricity and fossil-fuel prices, changes in economic activity or per-
sonal income, introduction of new electricity-using technologies, and
other nonprogram factors. Energy savings and load reductions are
determined primarily from analysis of monthly electricity bills and
load-research data; these electricity-use data are often supplemented
with data on weather, occupant and operating characteristics, and
facility characteristics. ‘

Careful evaluations can transform guesses, estimates, numbers,
and data into useful information on the costs, performance, and oper-
ations of DSM programs. Program evaluation is integral to responsible
management, and is as important for DSM programs as for power
plants. Evaluations are especially important—and likely to be contro-
versial—when money is transferred from utility customers to share-
holders on the basis of evaluation results. PUCs and other interested
groups (e.g., environmental and consumer organizations) must be con-
fident that the net benefits shared between customers and shareholders
truly exist! Utility planners also require credible information on the
performance of DSM programs to ensure system reliability and provi-
sion of low-cost electricity services to customers.

Use of Engineering Approaches to Estimate
Savings
The simplest, most widely used, and least expensive evaluation

method uses engineering estimates of energy savings and load reduc-
tions. For simple DSM measures, such as compact-fluorescent exit
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signs in commercial buildings, electricity savings and load reductions
are estimated using simple calculations. For more complicated mea-
sures, such as computerized control systems in commercial buildings,
the estimates are based on sophisticated heat-loss models that simulate
the energy flows into and throughout a building.

Unfortunately, current engineering estimates are often incorrect
and inappropriate, because actual savings are often less than the engi-
neering estimates (Hirst et al. 1985; Greely et al. 1990; Nadel and
Keating 1991). The engineering calculations often (though not
always):

» Use incorrect assumptions concerning operating and maintenance
practices (e.g., hours of use and temperature settings) and neglect
interactions among DSM measures (e.g., the effect of changes in
lighting loads on air-conditioning and heating loads);

 Ignore changes in occupant behavior induced by the DSM measures
installed (e.g., increases in indoor temperatures or decreases in
wood use for heating after retrofit); and

* Do not account for quality-control problems in selecting and install-
ing DSM measures.

Engineering estimates are inadequate alone because they gener-
ally do not reflect differences between net and total savings. This
occurs because the engineering calculations are usually applied only to
participant facilities.

Moskovitz (Chapter 1) notes that reliance on engineering esti-
mates gives perverse incentives to utilities for their DSM programs.
For example, if savings from a program are 700 MWh, as calculated
with engineering estimates, but actual energy savings are 800 MWh,
then the utility loses money because sales are 100 MWh lower than
expected. Conversely, if actual savings are only 600 MWh, then the
utility profits because sales are greater than expected. Furthermore, in
states that allow recovery of lost revenues caused by DSM programs,
the utility profits in two ways-—once on the revenues associated with
the extra 100 MWh of sales, and once on the recovery of lost revenues
based on an assumed 600 MWh savings even though not all of these
revenues were lost.

Thus, competent evaluations are important to determine the
amount of net lost revenue caused by the utility’s DSM programs and
to determine the amount of financial incentive to give utility sharehold-
ers. If the utility in this hypothetical example operates with a revenue
decoupling mechanism, such as the Electric Revenue Adjustment
Mechanism used in California, then the problems associated with inap-
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propriate recovery of net lost revenue do not exist (Chapter 3). How-
ever, the perverse incentive exists for shared-savings mechanisms.

Engineering estimates might be appropriate to use as the basis of
the utility incentive where program benefits are small and measure-
ment costs are high (e.g., water-heater wraps). In such cases, the engi-
neering estimates of electricity savings could be based on conservative
assumptions. Such low-cost programs are expected to be very cost-
effective; thus, use of conservative assumptions will still leave the pro-
gram cost-effective.

Bench testing the technologies promoted by the program and mea-
suring the number of installations, including the number of measures
removed and the number of participants who would have installed the
measures without the program, should still be done. Expensive end-
use metering would not be used in these cases because metering costs
could exceed program benefits. For example, Pacific Power & Light
(PP&L) conducted a small experiment on low-flow showerheads
(Delta T Inc. 1989). The one-month, $15,000 project included 553
phone calls to PP&L customers, of whom 11% agreed to have the com-
pany install a low-flow showerhead. Installers measured the flow rates
for the old and new showerheads. Customer satisfaction and shower-
head retention rates were measured with a post-installation telephone
survey. Results from this experiment, while not statistically valid, pro-
vide useful information for simple engineering calculations of energy
savings. ’

As utilities begin DSM programs, engineering estimates may be a
useful and noncontroversial way to design the initial stages of an incen-
tive system. The California Collaborative (1990), which included util-
ities, government agencies, and other groups, agreed to an incentive
system based on prior engineering estimates of savings for individual
DSM measures. These estimates will be revised on the basis of evalu-
ations, but only after the programs (and the associated incentives) have
been in place for three years.

As discussed later, utilities can overcome the limitations of engi-
neering analysis by combining engineering calculations with more rig-
orous evaluation methods and data in order to refine the assumptions
used in engineering estimates. Given time and experience, engineer-
ing estimates can be improved to provide inexpensive, rapid, and rea-
sonably accurate estimates of program performance.

Evaluation in Contested Hearings

More and more PUCs are providing financial incentives for utilities to
implement cost-effective DSM programs (Chapter 2). The most popu-
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lar incentives use shared-savings mechanisms, in which the utility
keeps part of the net benefit provided by its DSM programs (Figure 10-
1). Shared-savings mechanisms are popular because they encourage
the utility to minimize costs and to maximize the net benefit. The crit-
ical element in computing net benefits is estimating energy and
demand reductions, the province of program evaluators.

Consider a hypothetical commercial lighting program as an exam-
ple of the ambiguities in a carefully conducted evaluation. (I leave to
the reader’s imagination the controversies that might arise over a
poorly designed and run evaluation.) This program targets office build-
ings and includes general information and on-site lighting audits.
These activities identify suitable lighting measures and encourage the
customer to apply for the 50% rebate offered by the utility. The rebate
helps to defray the costs of purchasing and installing energy-efficient
lamps, ballasts, fixtures, and controls.

In this hypothetical example, the utility’s comprehensive evalua-
tion included three elements (see Violette at al. [1991] and Xenergy
[1990] for discussions of these and other evaluation approaches):

* Analysis of two years of electricity-billing data, one year before and
after participation, for samples of participants and eligible
nonparticipants;

* Thirty days of time-of-use metering, pre- and post-retrofit, of a sam-
ple of lighting circuits for a sample of participants only (no compar-
ison group); and

 Engineering analysis of the energy and load reductions caused by the
measures actually installed by participants (again, no comparison

group).

The utility used multiple methods to estimate program savings
because each method is imperfect. If the utility plan shows how the
results of these disparate methods will be used to determine program
effects, such triangulation can build confidence in the estimates ulti-
mately used. Not surprisingly, these approaches and their associated
analytical procedures produced different estimates of energy savings
(Table 10-1); for simplicity the load-reduction effects of the program
are ignored in this example.

Comparison of pre- and post-retrofit electricity use, based on
monthly billing data, for participants showed a reduction of 9,600
kWh/year. Nonparticipants showed an increase in electricity use over
the same two-year period, leading to a net savings of 12,800 kWh/
year. The local economy was growing during this period, which led to
higher occupancy levels and longer hours of operation for these build-
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ings. These changes in building use help explain the increase in elec-
tricity use for nonparticipants. The customers who received a lighting
audit but did not apply for the rebate (one-third of the customers that
received audits) also cut their consumption. Table 10-1 shows the
roughly 50% difference in estimated electricity savings based on
analysis of billing data. These differences depend on whether or not
rebate-participant savings are adjusted for nonparticipant changes in
electricity use and for the savings achieved by audit-only participants.

The data from short-term metering showed savings roughly com-
parable to those from analysis of the billing data for the participants
only. Complications arose in scaling up the metering results to a full
year. The metering covered roughly 60 days over a three-month
period, with the middle month devoted to installing new lighting mea-
sures. The amount of electricity used for lighting varies with season,
and is larger in the winter than in the summer. Conversely, the indirect
electricity savings associated with reduced air-conditioning loads are
greater in the summer than in the winter.

There were similar problems in estimating the savings with engi-
neering calculations. These calculations are based on the change in
connected load multiplied by the number of hours of use per year. The
assumed change in connected load did not, however, include the fact
that many of the new lamps replaced ones that were burned out. Thus,
the estimated reduction in load, and therefore in electricity use, was
too high.

The percentage differences in electricity savings among these
approaches are magnified when estimating net benefit (Table 10-1),
because net benefit is the difference between total benefit (directly pro-
portional to energy savings) and program cost. In this example, the
program cost (including the customer contribution to the cost of the
retrofit measures) averaged $1,630 per rebate participant. Table 10-1
shows estimates of net benefits, based on an avoided cost of 6¢/kWh
and a measure lifetime of four years. Program costs are thus roughly
half the total benefit. So, a 10% error in estimating total benefit leads
to a 20% error in net benefit.

As shown in Figure 10-1, the utility incentive is usually a share of
the net benefit, adjusted for a minimum threshold level. In this exam-
ple, the target net benefit was based on a planned savings of 12,000
kWh/participant, 1000 rebate customers, and a per-participant cost of
$1,630, which yields a net benefit of $1,250 per participant. If the
threshold is 60% of the target value, then the utility receives an incen-
tive only if the net benefit exceeds $750 per rebate participant. Again,
following Figure 10-1, the incentive gives the utility shareholders 15%
of the net benefit if the utility achieves its target net benefit; the incen-
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Table 10-1. Effects of Evaluation Results on Estimates of DSM-Program

Net Benefits and Utility Incentive

Resuits per Rebate Customer
Energy Gross Net Utility
Savings  Benefit* Benefit® Incentiver
Evaluation Method (kWh/year) )] ) )]
Bill analysis
Rebate participants only 9,600 2300 670 0
With comparison group 12,800 3070 1,440 260
+ audit only? 15,200 3650 2,020 480
Ad hoc metering 10,040 2410 780 10
Engineering analysis 14,400 3460 1,830 410

2 Gross benefit=energy savings x $0.24/kWh, where $0.24 is the value of $0.06/kWh avoided costs over

the four-year average life of the measures.

b Net benefit=gross benefit—$1,630, where $1,630 is the cost per rebate customer.
€ Utility incentive =0.38 x (net benefit-$753) if net benefit > $753; otherwise incentive=0. In this cal-

culation, $750=60% x$1,255 is the savings per customer target.
d Savings/rebate-participant=12,800+(0.5x4,800), where 0.5 derives from the 2:1 ratio of rebate recip-

ients to audit-only recipients, and 4,800 kWh is the net savings achieved by audit-only recipients.

tive fraction is 38% of the net benefit above the 60% threshold level
(Table 10-1). Thus, the structure of the incentive mechanism adds
more leveraging in going from net benefits to utility incentive (Figure
10-2).

The variations in estimates of program savings in this hypothetical
example are typical of those found in actual evaluations. Tonn and
White (1990) used monthly electricity billing data to estimate the
effects of the Model Conservation Standards in multifamily buildings
in Tacoma, Washington. Their estimates differed according to the
sophistication of the models used to explain household electricity use
and according to whether the analysis dealt with dwelling units (apart-
ments) or apartment buildings (Table 10-2).

Possible Resolutions

Which of the results in Table 10-1 is correct? Perhaps more important,
which estimate should the PUC use to determine the incentive paid to
the utility? Several approaches are possible that differ in who does the
evaluation and how it is planned and conducted.

The utility and PUC (and perhaps other parties, such as interven-
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Table 10-2. Estimates of Space-Heating Electricity Use and Savings (kWh/
ft>-year) in New Multifamily Buildings in Tacoma, Washington

Model 1983
Conservation Current
Standard Practice Difference

Dwelling-unit analysis

Simple means 8.3 7.1 —-1.2
One equation 7.5 9.8 2.3
Four equations 7.2 9.2 2.0
Seven equations 6.9 8.7 1.8

Building-level analysis
Simple means 4.1 5.5 1.4
One equation 4.7 5.5 0.8

Source: Tonn and White (1990).

ors) could agree before the program starts on the evaluation methods
to use, including sample frames and sizes, data-quality controls, and
analysis methods. Prior specification of evaluation methods may be
unworkable because programs evolve as they are implemented.
Indeed, one of the major strengths of DSM resources compared to sup-
ply resources is their small unit size and flexibility. Predetermining the
specifics of an evaluation would rob the program of important flexibil-
ity. Also evaluation is as much art as science; it is impossible to pre-
determine the appropriate actions to take and criteria to use throughout
the evaluation. However, by agreeing beforehand on the data sets and
methods to use in identifying net savings, some of the problems cited
in the preceding section could be avoided.

The utility and PUC could select an independent group to conduct
the evaluation. The evaluation contractor would conduct the evaluation
and recommend an estimate of program energy and load impacts to the
PUC. This approach is also problematic. First, evaluations should be
closely coupled to other customer-analysis activities within the utility.
Contracting out the evaluation prevents the utility from gaining valu-
able analytical experience and data on its customers, although contrac-
tors can be required to provide data to the utility. Such an approach
limits development of in-house utility staff and infrastructure. Finally,
using an independent contractor to conduct the evaluation does not, by
itself, eliminate controversy from the PUC hearing. The utility, PUC
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Figure 10-2. Shareholder incentive Leveraged by Evaluation Results
Approximate leveraging of evaluation results in going from estimates of total
benefits to net benefits and to utility incentive, for a hypothetical lighting
program.

staff, and intervenors are still free to suggest alternative interpretations
of the evaluation.

Using a collaborative process to design the evaluation and to
review its progress might reduce controversy. In this approach, the util-
ity conducts the evaluation, but shares the planning and oversight with
the PUC and other organizations. California and Massachusetts use
this approach. In California, the PUC Division of Ratepayer Advo-
cates hired a contractor to review utility evaluation plans, progress,
and results. In Massachusetts, the Conservation Law Foundation is
working with utilities throughout the evaluation process.

Finally, the commission could appoint an independent expert to
review the utility’s evaluation approach and results. Based on this
review, the expert would suggest to the commission estimates to use in
computing the benefits of the utility’s DSM programs. This situation




198 — Chapter Ten

occurred in Wisconsin, when the consultant suggested revisions to the
engineering estimates developed by the utility (Nichols et al. 1990).

Figure 10-3 illustrates another possible resolution of the dilemma
raised in the preceding section. This approach, similar to the one used
in California, employs both engineering estimates and evaluations
based on measured electricity use, and involves nonutility parties. In
this method, the utility incentive for each program year is based on
engineering estimates established before the start of that year. These
estimates, in turn, are based on competent evaluations of the program
during the previous year. The arrows from program to evaluation to
engineering estimates involve many judgments. Therefore utilities,
commission staff, and others should jointly interpret evaluation results
and develop the engineering estimates for the following year’s incen-
tive. This approach partly decouples the utility incentive from evalua-
tion results, but only one year at a time. This method reduces the risks
for utilities, because they know how their incentives will be paid for
the coming year. This iterative approach should yield engineering esti-
mates that rapidly converge to the estimates based on analysis of bill-
ing data, load-research data, and survey results.

To what extent are program evaluations along the lines discussed
here affecting PUC determination of financial incentives for utility
DSM programs? Unfortunately, it is too soon to know. For example,
New England Electric (1991) filed its first evaluation report with the
Massachusetts Department of Public Utilities in June 1991. In October
1991, the Department provisionally approved the results and the asso-
ciated incentive for the company. The incentive will be adjusted in late
1992 based on the company’s evaluation report filed in June 1992. In
New York and California, the Commissions are seeking to adjust the
engineering estimates developed by the utilities. Evaluations using
billing data or load-research data have not been an important part of a
utility’s application for financial incentives in either state.

Other Issues

This paper focuses primarily on the role of evaluations in determining
the energy savings and load reductions generated by utility DSM pro-
grams. Evaluations affect (and are affected by) the design and opera-
tion of DSM programs and their incentive mechanisms in other ways.
Determining the cost of a DSM program, although conceptually
more straightforward than determining energy savings, is also an
important function of evaluations. For incentive mechanisms that are
based on total resource costs, utilities must measure customer contri-
butions to the cost of installing measures promoted by the program.
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Figure 10-3. Use of Evaluations and Engineering Estimates to Compute
Financial Incentives

Suggested iterative approach for estimating energy and load reductions for
DSM programs. Subscripts refer to the year of program operation. (Evaluations
often require a year or more to complete; thus the link between evaluation
results and engineering estimates might take two years.)

Berry (1989) discusses the various costs associated with DSM
programs.

A more subtle issue concerns utility and PUC selection of pro-
grams that can be readily evaluated. Because it is extremely difficult to
measure the effects of information-only programs, these programs may
be dropped even if they are inexpensive. Similarly, programs targeted
at trade allies may not be conducted because of difficulties in their
evaluation. Consider, for example, a program that encourages appli-
ance dealers to stock and promote energy-efficient units by having util-
ity staff pose as potential purchasers for random visits to dealers. If the
dealer promotes energy-efficient units, a cash prize is awarded. Such a
program, while potentially cost-effective, is much harder to evaluate
than a program that offers rebates to customers who buy such appli-
ances. In California, this dilemma was resolved by paying incentives
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for such programs on the basis of utility expenditures rather than on the
basis of evaluation results.

These and other evaluation issues are not explored here for two
reasons. First, the primary role of evaluations, and the area in which
most controversy will likely occur, is estimating energy and load
impacts. Second, in some cases even less is known about these other
issues than about the energy and load effects.

Conclusions

Serious evaluation of utility DSM programs is a recent activity and the
use of evaluation results in determining utility earnings is just starting.
Therefore, the kinds of problems that might arise in PUC hearings and
possible resolutions are unknown. It is clear, however, that competent
evaluations of utility DSM programs will be increasingly important
(Weil 1990). For example, New England Electric has seven full-time
professionals plus an annual contract budget of almost $3 million for
evaluating of DSM programs (Destribats et al. 1991). Puget Power
(1991), after running ambitious DSM programs for more than a
decade, prepared its first evaluation plan, largely because of regulatory
reforms that remove disincentives and offer incentives for DSM
programs.

If incentives for DSM programs are to succeed, indeed, if DSM
programs are to become legitimate energy and capacity resources, then
evaluations will become much more important. The number and qual-
ity of evaluation staff, both in utilities and PUCs, will increase. Also,
program evaluation approaches will slowly become standardized. Util-
ities and commissions will not use engineering analysis as the primary
basis for awarding financial incentives. Integrated approaches to eval-
uation will evolve that rely primarily on electricity-use data (monthly
bills and load-research data) combined with analytical methods and the
judgments of utilities, commissions, and other interested parties.

The Maine Public Utilities Commission (1991), in its order on
incentive mechanisms:

includes a system for measuring the savings achieved by successful con-
servation and load management efforts . . . [which] . . . requires rig-
orous analysis of a sample of customer bills before and after the
installation of efficiency measures and a comparison of these changes
with a control group of customers who did not participate in the conser-
vation program.

This statement describes a model for other commissions and utilities to
use as they develop evaluation approaches for their financial incentive
mechanisms.
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Chapter 11

Spare the Stick and Spoil the
Carrot: Why DSM Incentives
for Utility Stockholders Aren’t
Necessary

Paul Newman, Steven Kihm, and David Schoengold

Introduction

All state regulatory commissions are not created equal, nor are all com-
missions necessarily interested in being equal. Each commission estab-
lishes procedures and philosophies to create its own identity, consistent
with the laws of each state. Because procedures and philosophies differ
from commission to commission, the need for incentives for demand-
side management (DSM), and the types of DSM incentives that may be
appropriate, will vary from commission to commission.

In this chapter we first look closely at how regulation is practiced
by the Wisconsin Public Service Commission (Wisconsin PSC). We
then examine several DSM incentive mechanisms that have been tried
by the Wisconsin PSC, before considering arguments for incentives in
light of financial theory and empirical data on returns to utility inves-
tors. Our analyses support the Wisconsin PSC’s conclusion that DSM
incentives for utility stockholders are unnecessary. In our view, if com-
missions elsewhere adopted Wisconsin’s regulatory practices and poli-
cies, stockholder incentives for DSM could be eliminated.

Wisconsin’s Regulatory Practices

Annual Rate Relief

Every major electric and gas utility in Wisconsin is required to file
annually for rate relief. This procedure was implemented in the early

203
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1980s primarily for administrative reasons; however, the implications
for DSM have been profound.

Annual rate review does not lead to extra work for the Wisconsin
PSC staff. In fact, it probably has led to more efficient staff use. Com-
plete hearings for the major utilities last two weeks at most, with some
ending in two or three days. The frequency of the cases allows for both
quick and thorough reviews. For example, with annual rate review,
auditors are more familiar with the utility and its current operations,
and therefore the audit can be completed faster. It is easier for staff to
find the key issues quickly as they are familiar with the recent cases
and already know the important issues in each case. Also, having
worked on several other rate cases each year, analysts can quickly
incorporate new issues discovered in one case into other cases when-
ever appropriate.

Another factor that makes the process work is that each utility’s
filing date is staggered to allow staff to move from case to case. For
example, Wisconsin Power and Light Company’s hearing is scheduled
for June each year, while Wisconsin Electric Power Company’s is
scheduled in October. So, at the beginning of the year everybody
knows how many rate cases there will be and when they will occur.
Some would question whether such procedures could be adopted in
states with many large utilities. In Wisconsin, this procedure is used
for the eight largest electric and gas utilities without major scheduling
problems.

Future Test Year

In each annual rate case, the Wisconsin PSC uses a future (i.e., fully
forecasted) test year. This prevents financial problems for a utility that
plans to significantly increase its demand-side spending, because rates
can be set in anticipation of the future DSM budget. In contrast, juris-
dictions that use a historic test year set rates on the basis of historic
DSM spending levels, which will be lower if spending is increasing;
the result is a disincentive to increase DSM spending.

The future test year, coupled with annual rate review, has made
recovery of lost revenues a minor or even non-existent issue in Wis-
consin. The effects of demand-side programs are considered when
forecasting test year sales levels. So, if demand-side programs meet
their targets, there will be no lost revenues. On the other hand, if the
utility promotes either more or less demand-side activity than was
projected when setting rates, the revenue shortfall or windfall will be
short-lived. In the next annual rate case, the actual results of the
demand-side programs will be considered when setting rates. While
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this process does not guarantee dollar-for-dollar recovery of lost rev-
enues, it has worked well enough to prevent any noticeable lost rev-
enue problems.

Accounting for DSM Expenditures

Two specific DSM accounting procedures are part of the Wisconsin
PSC’s standard ratemaking approach: escrow accounting for DSM
expenses and capitalization of certain DSM costs.

In many jurisdictions, utilities are concerned they will be unable
to recover all their DSM expenses. In Wisconsin, the opposite was
true—that is, the Commission was concerned that utilities would
recover more than they spent on DSM because the future test year
established an anticipated budget level and based rates on that level.
If the utility spent less than this amount, there would be no adjust-
ment. The utility would simply retain the difference between the
actual and budgeted amount as a contribution to earnings. As a result,
the Wisconsin PSC established the “conservation escrow account,”
sometimes called a balancing account. This mechanism entitles the
utility to collect approved DSM expenditures from its ratepayers on a
dollar-for-dollar basis. Therefore, if the utility underspends its DSM
budget during the year, in the next rate case a credit equal to the
amount of underspending is subtracted from the revenue requirement.
If, on the other hand, the utility spends more than it budgeted for
DSM, the under-recovered amount is included in the revenue require-
ment in the next rate case. This eliminates any incentive for the utility
to underspend on DSM and also prevents losses from overspending.
The utility recovers no more and no less than its actual DSM program
COsts.

The other accounting provision for DSM spending is capitaliza-
tion of relevant expenditures. Any DSM expenditures thought to pro-
duce long-term benefits to the utility system are capitalized rather
than receiving expense treatment. These expenditures are usually
investments in customer equipment, such as rebates, loans, or shared
savings contracts. The Wisconsin PSC has determined that the costs
of providing energy audits, informational brochures and administra-
tive services should be expensed, as it is much more difficult to attrib-
ute tangible benefits to such expenditures. Capitalization of DSM
expenditures provides no financial incentive per se for the utility to
invest in demand-side resources. To provide an incentive, the utility
would have to expect to earn more than its required return on those
investments.

Any investment that receives less than the required return
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decreases the market value of the company.' Any investment that
exactly earns the required return neither contributes to, nor detracts
from, market value. Only if DSM investments earn more than the
required return will the value of the company increase as DSM expen-
ditures are increased. In that case the utility would have an incentive to
increase DSM spending. The Wisconsin PSC’s generic procedure for
capitalizing DSM expenditures, however, does not call for a higher
return for demand-side investments than for supply-side investments.
The Wisconsin PSC has experimented with return on equity bonuses
in some cases, but those were the exceptions rather than the rule.

The Wisconsin PSC capitalizes DSM expenditures for equity or
fairness, not for financial reasons. If an asset produces system benefits
over several years, it is unfair to charge current ratepayers the entire
cost of the asset. This thinking is consistent with the treatment of
supply-side investments, i.e., a power plant is depreciated over its use-
ful life, thereby amortizing its cost over many years.

All these procedures—annual rate relief, future test years, and
appropriate accounting mechanisms—provide for comprehensive and
fair treatment of DSM expenditures and their impacts. For the most
part, all of these procedures could be adopted by other states to help
reduce some of the negative attitudes utilities may have about DSM.
But such procedures alone may not be sufficient to create a positive
environment for utility DSM spending. At least as important as the
procedures is a regulatory philosophy that encourages the utility to
invest in cost-effective demand-side resources.

Wisconsin’s Regulatory Policies

Financial Integrity

The Wisconsin PSC places a premium on maintaining utilities’ finan-
cial integrity. As a result, Wisconsin utilities have established strong
financial track records and low business and financial risk profiles. For
example, throughout most of the 1980s, the major Wisconsin electric
utilities had the highest bond ratings and among the lowest stock betas
of all the major U.S. electric utilities.”? These high financial marks

! Capitalization of assets increases the accounting or book value of a company. But,
according to financial theory, unless an asset earns its required return, capitalization will
decrease the true or market value of the company.

2 Beta is a measure of the systematic risk of a stock. The more a stock moves in tandem
with the general stock market, the higher the beta. A stock with a low beta tends to move
independently of the stock market in general. Low beta stocks can provide portfolio diver-
sification that is not available from high beta stocks.
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Figure 11-1. Average Rates Comparison: Wisconsin Versus Midwest
States

were achieved with relatively high returns on equity and especially
high common equity ratios.?

While some would claim that such financial prosperity comes at
ratepayers’ expense, the evidence does not support this claim. Wiscon-
sin electric bills and rates are relatively low according to national stan-
dards. In a recent survey, the average costs per kilowatt-hour of the
major Wisconsin electric utilities were among the lowest third of all
utilities in the nation. Figures 11-1 through 11-4 compare Wisconsin’s
average rates and relative rate increases to those of other midwestern
states and states with similar fuel mixes. These data confirm that Wis-
consin electric utilities have lower rates and that the rate of increase
since 1980 has been lower in Wisconsin than in any other state exam-
ined (Edison Electric Institute, 1980-1990).

3 In the early 1980s, the Wisconsin PSC’s allowed returns on equity were not high by
national standards. In the mid to late 1980s, however, Wisconsin’s allowed returns tended
to be high, especially considering the low risk of the Wisconsin utilities.
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In addition to relatively low rates, Wisconsin utilities offer cus-
tomers opportunities to participate in comprehensive programs that
allow them to further lower their bills by reducing their use of electric-
ity. Wisconsin ratepayers in general apparently have no cause to be
unhappy with the quality or cost of electric service.

The Wisconsin PSC believes that the financial integrity of the util-
ity is crucial to meeting ratepayer needs. The evidence suggests that,
over the long run, operational decisions (e.g., deciding whether or not
to build a power plant or promote DSM) are much more important in
determining utility bills and rates than are financial decisions (e.g.,
return on equity and capital structure). Keeping the utility financially
strong increases its flexibility to make appropriate operational changes
when necessary to meet changing circumstances (Kihm 1988).

While this focus on financial integrity may seem to be a boon to
the utility and its stockholders, it has some strings attached. If a utility
does not implement Wisconsin PSC policies in good faith, the finan-
cial decisions become less favorable. In some cases Wisconsin utilities




Spare the Stick and Spoil the Carrot — 209

1.7
1.6 —
8
& 1.5 -
]
» 1.4 —
[
T
£ 1.3 4
[}
2]
g 12
g
° 1.1 =
2
k= 17
1]
o
0'9 ) I T 1 T 1 1 1 1 T
80 81 82 83 84 85 8 87 88 89
Year
{1~ Wisconsin —& Ohio —- Indiana

——- U.S.Average -1 Michigan —E lllinois

Figure 11-3. Relative Rate Increase Comparison: Wisconsin Versus Mid-
west States

have received return on equity penalties for failing to carry out PSC
orders. Some have also received return on equity bonuses for good
performance in areas other than DSM.* More importantly, the gener-
ally positive financial environment means the loss of some control by
the utility. In Wisconsin, important operational decisions are often
made by the PSC, not the utility.

Strategic Decisions

In Wisconsin, the following decisions are made by the PSC: whether a
power plant should or should not be built, what type of power plant
should be built; how much money should be spent on DSM programs
annually; what transmission lines need to be upgraded; what the utili-

4 In an order for WEPCO, for example, the Wisconsin PSC added 10 basis points to
the utility’s authorized rate of return because the utility took advantage of higher-than-
expected revenues and invested in additional maintenance of its facilities, thus lowering
future costs to ratepayers.
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ty’s common equity ratio should be over the next few years; and what
dividend policy is appropriate given the utility’s circumstances. While
the PSC’s pro-active decision-making process requires substantial
input from the utilities, as well as from commission staff, environmen-
tal and consumer intervenors, and other state agencies, the PSC, not
the utility, makes the final decisions.

We believe that state commissions should make such public policy
decisions. Although many utilities do consider the needs of other
groups when making decisions, the utilities must heavily weigh the
impacts of any decision on their companies and their stockholders. To
expect the utility to integrate its needs with the views of other stake-
holders is poor public policy. On the other hand, both the Wisconsin
PSC and the utilities have a common goal: meeting customers’ needs
with the highest-quality utility services at reasonable cost.

Some major decisions have been vigorously opposed by the utili-
ties. For example, in the late 1970s, the Wisconsin PSC denied utili-
ties’ requests to build several large nuclear power plants, ordering
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them to build smaller coal-fired plants instead. While these decisions
turned out to greatly benefit stockholders and ratepayers, they were not
easy decisions for the Wisconsin PSC to make at the time.

Specifically with respect to strategic DSM-related decisions, the
Wisconsin PSC determines how demand-side resources should fit into
the utility’s integrated resource mix and the appropriate DSM spending
levels. In some cases, the PSC has suggested much higher spending
levels for DSM than those proposed by the utilities. The Wisconsin
PSC staff is also involved with the details of DSM programs. The staff
works with the utilities and interested intervenors to develop net-
benefits goals for each market sector, establishes qualitative factors to
be used along with the goals to judge utility performance, and
approves marketing approaches, efficiency levels and rebate levels.
While some state commissions might require additional staff to imple-
ment these activities, this type of regulation could certainly be repli-
cated in other states.

In sum, the regulatory climate in Wisconsin is much different
compared to regulation in many other states. The Wisconsin PSC is
actively involved in strategic decision making and it emphasizes utility
financial integrity. It has procedures that allow for full recovery of
DSM-related costs and recovery of most, if not all, of the lost revenues
from DSM programs. With this background on the Wisconsin environ-
ment, one could believe that Wisconsin would have no reason to adopt
a DSM incentive mechanism. On the contrary, the PSC has not ignored
the use of DSM incentive mechanisms. In fact, Wisconsin adopted
several different DSM incentive mechanisms prior to the current
national incentives movement.

Wisconsin’s Experience with DSM Incentives

The Wisconsin Electric Power Company Incentive

The first DSM incentive mechanism used in Wisconsin was developed
for Wisconsin Electric Power Company (WEPCO), which was ordered
by the Wisconsin PSC to develop a massive conservation effort begin-
ning in 1987 (Wisconsin PSC 1986). The order required all direct
investments in conservation to be capitalized and allowed to earn the
utility’s current return. The incentive authorized by the Wisconsin PSC
allowed WEPCO to earn an additional 1% return on its conservation
investments for each 125 megawatts of demand savings it could
achieve through its programs.

By April 1989, the utility reported that it had saved its first 125
megawatts and was entitled to begin receiving its performance incen-
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tive. The Wisconsin PSC accepted the utility’s claim, but required that
an audit be performed to review the utility’s justification for the
claimed savings. A consultant conducted an audit of the savings. This
review did not examine actual bill savings, because the incentive was
based on engineering calculations. Instead, the audit focused on the
reasonableness of the engineering calculations of savings and the pro-
cess used to implement the programs.

The audit indicated that a deduction of 16.6 megawatts from the
utility’s original estimate of 129.3 megawatts was warranted (Nichols
et al. 1990). WEPCO protested the results, noting that the PSC’s orig-
inal order specified that “savings which might otherwise have been
achieved without such programs (commonly referred to as windfall)
will not be considered in these calculations.” WEPCO claimed that to
make the adjustments suggested by the audit “would change the rules
of the game after the game has started.” In ruling on this issue, the
Wisconsin PSC agreed in part with WEPCO’s argument (Wisconsin
PSC 1990). The PSC did not make the suggested adjustments to
WEPCQO’s numbers for the first program year, but it adopted the
adjustments for subsequent years.

In dealing with the performance incentive issue, however, the
Wisconsin PSC staff also noted some potential problems with
WEPCQO’s program proposals. First, WEPCO proposed some pro-
grams that, if implemented, would have likely encouraged free rider-
ship. Since the incentive mechanism did not include a reduction of
savings to account for free-riders, the utility could profit from pro-
grams with high free-rider levels. These programs would install mea-
sures with no significant reductions in kilowatt-hour sales. Second,
WEPCO also proposed to increase the estimates of energy savings for
measures installed, based on new information from a revised residen-
tial end-use forecast. WEPCO intended to use these revised estimates
in future claims of achievement of performance incentive goals. Since
the savings levels were not fixed in advance, the incentive mechanism
also gave the utility the impetus to claim higher per-unit savings.
These examples highlight some of the problems associated with imple-
menting a performance incentive.

WEPCQO’s New Proposal for an Incentive Mechanism

In its 1991 test year rate case, WEPCO proposed a new incentive
mechanism that would allow shareholders to receive 10% of the net
benefits achieved by WEPCQO’s DSM programs in 1991. The utility
estimated the amount at slightly more than $5,000,000. WEPCO indi-
cated that the incentive was needed “to maintain high performance
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levels in the area of least-cost planning” (WEPCO 1990a). The Wis-
consin PSC staff opposed the utility’s proposed incentive, saying “the
desired behavior the performance incentive is supposed to encourage
will occur without the incentive” (Wisconsin PSC Staff 1990).

In its order, the Wisconsin PSC denied WEPCO’s proposed incen-
tive mechanism, but found:

In order to permit the company to accelerate the change in its corporate
culture to an integrated least-cost planned entity by committing all its
personnel to promote demand-side programs, it is reasonable to include
dollars in the test year escrow account for demand-side performance
incentives to employees. A reasonable amount for this purpose is
$500,000. Employees . . . who are instrumental in achieving demand-
side benefits which exceed the normal expectations should be eligible
for incentives, whether or not their normal duties include implementa-
tion of demand-side programs” (Wisconsin PSC 1991; emphasis
added).

Now, at least in WEPCO’s case, managers and employees will be
rewarded for reducing, rather than increasing, sales growth.

The Madison Gas and Electric Competition Incentive

In developing an incentive mechanism for Madison Gas and Electric
Company (MG&E), the Wisconsin PSC staff believed it was appropri-
ate to concentrate more on the psychological aspects of an incentive,
rather than its financial impact. The staff noted a significant preoccu-
pation on the part of Wisconsin utilities with competition, although
opportunities for true competition among utilities are extremely lim-
ited. The staff asked, If the perception of competition stimulated this
much activity and interest from the utilities, why not introduce com-
petition into the demand-side marketplace?

In June 1988, the Wisconsin PSC directed MG&E to participate
in a competition to provide demand-side services to its customers in
three market sectors: multi-family rental; small commercial and indus-
trial; and large commercial and industrial (Wisconsin PSC 1988).
Three contractors, one for each sector, were chosen to provide DSM
services to MG&E’s customers. At the same time, MG&E was
required to offer its own services to customers in all three sectors. Each
group was allocated the same amount of funding. The objective was to
see which organization could achieve the most savings with its avail-
able resources. While MG&E staff felt disadvantaged because the util-
ity had to compete in all three sectors, it also had the advantage of
being able to shift resources from one sector to another during the
competition.
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The complete details of the working of the competition pilot can
be found elsewhere (DeForest and Berkowitz 1990; Vine et al. 1990).
The “winners” and “losers” were determined by a scoring. To the
“winner” went a small financial incentive based on the margin of “vic-
tory.” The outcome of the competition was that the utility “won” in
two of the sectors and received an incentive of about $200,000. The
third sector was “won” by one of the competitors, which received
about $40,000.

Several important effects were observed. First, and most impor-
tant, the competition pilot did stimulate a significant increase in DSM
program activity. MG&E’s customers were offered substantially more
DSM services and realized significant savings on their utility bills.
Therefore, the customers were the true winners.

Second, as the competition progressed, it quickly became appar-
ent that the potential for monetary reward was not as powerful a moti-
vator as “winning” or “losing.” Third, each of the competitors, both
utility and non-utility, spent its available funds on cost-effective
demand-side measures and achieved significant savings. Finally, a
great deal of information was gathered to aid in future program devel-
opment and regulatory approaches to DSM.

A side benefit was that other Wisconsin utilities, recognizing that
they could be ordered into a similar competition, improved their pro-
grams without waiting for Commission action. Thus, the competition
pilot ultimately provided an incentive even for utilities that were not
involved.

Other Wisconsin Incentive Mechanisms

At the same time, the Wisconsin PSC also attempted to implement two
other incentive mechanisms for Wisconsin Power and Light Company
(WP&L) and Wisconsin Public Service Corporation (WPSC). The
details of these incentives have been discussed elsewhere (Newman
and Schoengold 1990). Briefly, WP&L was given an incentive as part
of its shared-savings program. Under this program, WP&L would
finance energy conservation measures for customers, who would repay
the cost through the electric bill savings. The financing period would
usually be four to five years, and the interest rate charged would nor-
mally be set at the utility’s authorized rate of return. WP&L’s incentive
was the opportunity to earn higher interest on each contract, provided
it could achieve a minimum of 10% bill savings. The greater the pro-
jected bill savings, the higher the interest it could charge.

WPSC’s mechanism involved a modest goal of saving 10 million
kilowatt-hours. The utility would earn an incentive for performance
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above the goal or be penalized for achievement below the goal. The
maximum incentive was limited, however, to a range of minus $30,000
to plus $190,000. The utility’s annual revenue requirement was $540
million.

The main difficulty with the WP&L and WPSC incentives was
that the dollar amounts were insufficient to stimulate any significant
action by the particular utility. They also suffered from emphasizing
only energy savings (in one case excluding gas savings), and measur-
ing savings was an issue, as it is with all performance incentives.
WP&L had problems getting customers to participate at any rate of
return. Adding an incentive for the utility just made the shared-savings
offer less attractive to an already reluctant customer. Both the WP&L
and WPSC incentive mechanisms failed miserably; the financial and
the psychological effects of these mechanisms were insufficient to
motivate the utilities to aggressively pursue DSM.

Policy Directions

Two of Wisconsin’s incentive experiments—those involving WEPCO
and MG&E—had some success, although the WEPCO program also
suggested certain weaknesses of the approach. The WP&L and WPSC
programs clearly failed, which led the PSC staff to ask whether any
incentives were really necessary, beyond those that existed under cur-
rent Wisconsin regulation.

Do Utility Stockholders Need Incentives?

Sales Growth and Stockholder Returns

It is commonly believed that since demand-side measures reduce util-
ity sales, promoting demand-side measures is harmful to utility stock-
holders (Moskovitz 1989). This assumption is based on the premise
that greater sales growth leads to higher stockholder returns. The Wis-
consin PSC has rejected this assumption (Kihm 1991).

According to finance theory, growth and stockholder wealth are
not necessarily related. Stockholder wealth is increased only if a proj-
ect can deliver positive net present value. To produce positive net pres-
ent value, a project must earn more than its required return. If an
investment, no matter how large, earns exactly the required return,
stockholder wealth is unchanged. If it earns less than the required
return, the greater the investment, the more stockholder wealth
declines.

Consider the likely impact of utility sales growth on investors. As
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Figure 11-5. Annual Sales Growth for Utilities in Moody’s Stock Indices

sales increase, the need for more plant capacity must eventually
increase. To build new plant, the utility invests capital into the firm.
Does this increase in capital investment increase stockholder wealth?
According to finance theory, the answer depends on whether the
earned return on investment is greater than the required return. But if
regulation works correctly, utilities should, over the long run, only
earn approximately the required return on their investments. Of
course, if the utility is able to earn returns in excess of its required
return, growth would increase the investor’s wealth. On the other
hand, if earned returns were less than the required return, growth
would decrease the investor’s wealth. Has growth led to greater returns
for utility investors?

The answer is no. If anything, growth has led to less wealth for
utility investors than a lack of growth. Figure 11-5 shows annual sales
growth rates from 1972 through 1988 for utilities in the Moody’s Gas
Distribution Utility and Electric Utility stock indices.® While electric

5 These are growth rates in sales as measured in kWhs and Btus, not dollars.
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Figure 11-6. Annual Returns to Stockholders of Moody’s Utilities

sales increased during this period, natural gas sales decreased.® If
growth is good for utility investors, electric utility stocks should have
outperformed gas distribution utility stocks during this period.

Figure 11-6, which graphs total return to stockholders during the
same period, shows that gas utility stocks, not electric utility stocks,
were better investments. In other words, investing in the shrinking nat-
ural gas industry was more profitable than investing in the growing
electric utility industry.

The strong relative performance of the gas distribution stocks was
not due to the poor performance of electric utility stocks. In fact, the
period from 1972 through 1988 produced extremely high real stock-
holder returns. Electric utility stocks outperformed the S&P 500 stock
index returns over the 16-year period. Yet, despite the strong showing

6 This is largely due to the fact that the real price of natural gas increased dramatically
over this period, while the real price of electricity was approximately the same from year to
year.
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Figure 11-7. Annual Sales Growth for Slow- and Fast-Growing Electric
Utilities

of the electric utility stocks, the shrinking gas distribution companies’
stocks produced even higher investor returns.

This high growth/low return relationship exists within utility
industries as well as between them. For example, Figure 11-7 shows
sales growth rates for fast-growing and slow-growing electric utilities.”
Again, if growth is good for the stockholder, investing in the fast-
growing group should have produced higher investor returns than
investing in the slow-growing group.

Figure 11-8 shows that the faster the sales growth rate, the lower
the investor return. The conclusion is clear. Simply because a utility
increases its sales growth does not mean that its investors benefit. In
fact, the investors are likely to be worse off in rapid-growth environ-
ments than in slow-growth or even negative-growth situations.

7 The fast-growing group is the upper quartile in terms of sales growth for the Moody's
Electric Utilities over the 1972-1989 period. The slow-growing group is the lower quartile
of companies.
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Figure 11-8. Annual Total Returns to Stockholders of Electric Utilities

Could the negative implications of growth be a recent anomaly,
one attributable to the overbuilding and nuclear construction programs
in the late 1970s and early 1980s? That does not appear to be true. Fig-
ure 11-9 shows that even in the 1950s and 1960s, high-construction
environments harmed utility investors, while low-construction condi-
tions were prosperous for investors.

Wall Street’s Perspective on Growth

The evidence presented in the preceding section is not new to the finan-
cial community. It is easy to find statements from Wall Street analysts
suggesting that growth is not necessarily good for utility investors.
Three examples are especially relevant.

First, a Goldman Sachs portfolio manager writing in Financial
Analysts Journal found that from 1967 through 1987,

. outperforming utilities [utility stocks with high investor returns]
have had lower historical growth rates than their underperforming coun-
terparts [utility stocks with low investor returns] . . . (Jones 1990).
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Another example of the “growth isn’t good” position appears in Value
Line Investment Survey’s recent comments on Delmarva Power’s stock:

. . . the stock has less interest as a total return vehicle. As shown in the
operating statistics . . . last year’s peak load was about 89% of Delmar-
va’s generating capacity. That ratio is on the high side; most utilities
strive for a ratio of 80% or less to ensure adequate supplies at peak
periods. At the same time, load growth has been expanding at a good
clip, reflecting the economic health of the service area. That means that
capital outlays will have to remain high to finance the needed capacity
increases. A fair amount of this capital will have to be obtained from
public debt and equity offerings. The cost of this new capital may put a
damper on share earnings and dividend growth at least through the
1993-95 period (Schlien 1990).

Finally, a leading credit analyst takes a similarly negative view of util-
ity growth:

Although above-average growth is viewed positively in an industrial
company, it may be viewed negatively with respect to an electric utility.
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An electric utility with above-average growth must necessarily have a
high construction budget (Howe 1991).

These quotes are consistent with our findings: growth is not viewed as
a positive indicator by utility investors. If reducing sales growth would
not hurt utility investors, and probably would help, why then do we
find utility managers demanding stockholder incentives for promoting
demand-side measures? Do they perceive DSM as more risky than cur-
tailing growth that occurs for other reasons?

Utility Managers’ Aversion to Demand-Side Management:
Perceived Risk and Corporate Culture

DSM and Risk. There is a perception among utility managers that
demand-side management is more risky than supply-side investments;
however, there is strong opposition to this view. For example, Hirst
says that demand-side management offers considerable risk-reducing
and flexibility benefits compared to even the lowest-risk supply-side
measures (Hirst 1990). The Vermont Public Service Board has found
that demand-side resources offer “comparative risk and flexibility
advantages” compared to supply-side resources (Vermont PSB 1990).
The Wisconsin PSC concluded that demand-side programs produce
less financial uncertainty and less business risk (Wisconsin PSC
1989). Utilities that have aggressively promoted demand-side mea-
sures have found that demand-side measures are less risky than supply-
side investments (NEES 1989). Demand-side investment is also polit-
ically more acceptable because customers receive direct benefits from
reductions in their bills and there is less “rate shock” because DSM is
added gradually. Finally, implementing DSM measures before con-
structing expensive generating facilities may lessen the potential
“death spiral” of higher costs, higher rates, and ever-diminishing sales
over which to spread fixed costs. Implementing DSM before supply-
side measures can eliminate some of the elastic demand that might
contribute to a “death spiral.”

Many utility managers confuse “unfamiliar” with “risky.” While
it is true that aggressively promoting demand-side management with
rebates and other marketing approaches is a new strategy for utilities,
that does not mean it is a more risky strategy. Demand-side manage-
ment offers a risk-reducing portfolio approach to meeting energy ser-
vice needs and should be a welcome complement to total reliance on
traditional supply-side resources.

Corporate Culture and DSM. We have seen that reducing growth
need not decrease investor returns nor increase risk. Yet, it is difficult
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to find a utility corporate culture that supports reducing sales growth.
Promoting sales growth has long been an objective for energy utilities.

American culture worships growth as an end in itself. For exam-
ple, a major utility executive said that asking utilities to shrink their
business opportunities is “un-American” (Rowe 1990). Economists
have noted that psychological factors, namely power and prestige, are
more closely correlated with sales volume than with profits or rates of
return (Scherer 1980), with the result that utility managers tend to feel
better when their company is growing.

Growth not only makes utility managers feel better, it makes them
wealthier. While stockholder wealth is not related to company size and
sales growth, managers’ salaries tend to be (Marder 1990). But linking
pay to size or growth is a poor way to motivate executives in any indus-
try. According to an executive compensation expert,

The relatively high association between firm size and executive com-
pensation can only further fuel managements’ natural inclination to
grow businesses as fast as possible. There is no economic virtue in
growth per se. “Bigger” does not automatically lead to “better” (Rap-
paport 1983).

Unfortunately, because of current compensation schemes, “bigger”
does lead to more wealth for utility executives.

If sales growth is positively related to managerial salaries, but not
positively related to investment returns, utility managers’ pay must not
be related to stockholder wealth accumulation. In fact, according to a
recent study, electric utilities have the worst relationship between man-
agerial pay and stockholder returns of any industry in this country
(Jensen and Murphy 1990). The reason is that electric utility managers
in America are not paid to increase stockholder wealth; they are paid
to increase sales.

The Science of Positive Reinforcement

Before leaping into using stockholder incentives, state regulatory com-
missions should consider why many people think financial incentives
will be successful in promoting DSM. Commissions should also exam-
ine whether incentives actually work the way people think they do.
Why are rate-of-return bonuses or shared-savings mechanisms
believed to be necessary to get utilities to invest in DSM? One theory
is that utilities do not make money from DSM, but only from invest-
ments in supply options. This view is commonly held since utility
earnings are a function of the size of the rate base. Properly regulated
utilities, however, are simply allowed to recover their costs plus a rea-
sonable return on investment. Utilities do not make more money by
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increasing their investment in supply options; the cost of supplying
energy simply goes up. On the other hand, in those jurisdictions where
the commission does not allow a reasonable rate of return for utility
investments, utilities will be reluctant to invest in either supply-side or
demand-side options.

Another theory is that under traditional regulatory precepts utili-
ties need to grow to satisfy investors. So, to get utilities to adopt poli-
cies that limit growth, it is necessary to provide bonuses for investors
to make up for the loss of the benefits of unrestrained growth. But
again, as we have previously shown, investors are not rewarded by
growth. In fact, they are more likely to be rewarded by slow growth
than rapid growth.

A third theory is that between rate cases, utility investors benefit
from the increased revenues from sales greater than forecast and are
hurt by reduced sales. While this would be true if there were no need
to add new system capacity to meet increased loads, this is rarely the
situation. As we have previously suggested, investors recognize the
connection between sales growth and the need for system expansion
and increased capital outlays. Through their actions in the stock mar-
ket, investors have indicated that, given the choice, they would rather
not have unrestrained growth along with the need for new capital
investment. Financial analysts and investment advisors have shown the
same preferences through their high ratings for low-growth utilities
and low ratings for high-growth utilities. While the situation might be
different for utilities that have substantial excess capacity and are expe-
riencing no or negative growth, such utilities are rare. Policies should
not be adopted based on these exceptions to the rule.

We have shown that the conventional reasons to justify the need
for financial incentives do not hold up. Are there reasons that hold up?
As discussed in the previous section, the managerial incentive to pro-
mote growth is strong, since managers tend to be rewarded for running
larger companies, a fact that cannot be ignored. Financial incentives
can help counter the managerial incentives against DSM, since man-
agers like to report financial bonuses in annual reports to stockholders.
It must be recognized, however, that stockholder incentives work not
because they directly reward investors, but because they enable man-
agers to feel good about operating successful DSM programs.

One could argue that if the result is successful, it is unimportant
why stockholder incentives work; however, ignoring the actual work-
ings of incentives can be counterproductive.

Utility investors are generally looking for safe investments that
provide steady, reliable returns. They do not tend to look for spectacu-
lar but speculative returns. Utility investors analyze the expected
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returns from stocks and adjust the price they are w1111ng to pay for a
reasonable return for low risk. If the regulatory commission regularly
allows rate-of-return bonuses, investors will simply adjust their expec-
tations to take the bonuses into account and adjust the price accord-
ingly. Then the regulatory commission will be stuck. Investors will
view the removal or reduction of bonuses as the loss of an expected
return and will complain and avoid the investment.

This is similar to a well-known effect in behavioral psychology:
positive reinforcement for a particular behavior pattern can lead
quickly to learning the rewarded behavior. It has also been demon-
strated that when behavior is learned as a result of regular reinforce-
ment (with rewards being given for every correct performance), such
behavior is not learned very strongly. All it takes is a small number of
withholdings of the reward for the learned behavior to be unlearned
(Gleitman 1986).

Supporters of DSM incentives need to recognize they may be cre-
ating a situation in which utilities will implement DSM only if they get
a bonus, and will drop DSM if the bonus is reduced or eliminated. If
there is no other way to get utilities to implement DSM, perhaps we
can accept the idea of paying higher returns (bribes) to get them to do
it. But at the same time, we should ask why regulated, franchised,
public utilities have to be bribed to do their jobs. If they are unwilling
to do what society (as represented by regulatory agencies) expects of
them for a “fair” rate of return, maybe someone else should be
brought in to do the job. There are surely independent DSM operators
who would be happy to develop and run DSM programs funded with
ratepayer money, as the Madison Gas & Electric competition pilot viv~
idly demonstrated.

Higher returns—bribes—are not necessary on a long-term basis
to get utilities to implement DSM programs. Incentives can be useful
as a start-up tool to get the attention of utility managers and induce a
change in the corporate culture to promote efficiency rather than
growth. Occasional financial rewards in recognition of particularly
good performance can help to keep managers’ attention on the goals of
DSM.

Advantages of Wisconsin’s Regulatory
Approach

Wisconsin’s regulatory approach permits the commission to closely
control the energy resource future. We believe this approach, which is
grounded in traditional regulatory principles, is good. One reason reg-
ulation developed in the first place was because society viewed the pro-
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vision of utility services as too important to leave to the vagaries of the
“free” market. We believe this is still true.

Making the traditional approach work for DSM requires certain
conditions and a mindset in the regulatory commission and among its
staff. Without these conditions and mindset, it will be difficult to
induce utilities to expand DSM. We believe, however, it is possible for
other states to adopt many of the procedures used in Wisconsin, if not
the regulatory philosophy as well.

An important condition is a regulatory framework under which the
commission has (or can create) the responsibility to authorize utility
supply- and demand-side actions and marketing programs. While this
authority is fairly common to commissions, it is not universal. If a
commission does not have the right of prior authorization, but can only
accept or reject utility actions after the fact, it may be difficult to insti-
tute some of the regulatory approaches we advocate. Further, under an
after-the-fact regulatory scheme, it will be difficult for the commission
to have any significant impact on DSM, no matter what incentive
scheme is used.

It is useful, though not necessary, for the regulatory commission
to use a future test year in rate cases. With a future test year, the com-
mission can include the impacts of projected DSM programs in the
sales forecast and revenue requirements. Future test years minimize
the need for lost-revenue adjustments, either before or after the fact.
The revenues from “lost sales” will be factored into the test year pro-
jections and so will not be lost.

Rate cases with reasonable frequency are also useful. If opportu-
nities to adjust the sales forecast are infrequent, a revenue adjustment
may be necessary.

For utilities to move strongly forward with DSM programs, assur-
ance of full recovery of reasonable DSM expenditures is absolutely
necessary. Programs should be reviewed ahead of time by the commis-
sion or its staff to determine reasonableness. This means that, on occa-
sion, the commission may allow recovery of DSM costs that ultimately
are found to exceed the benefits of their corresponding DSM savings.
The alternative is a utility that will refuse to innovate and will use only
the most proven and overly conservative approaches-—resulting in
underinvestment in DSM.

The Wisconsin PSC’s approach uses the commission staff to
review utility plans and advise the commissioners. It assumes a great
deal of proactive involvement by the commission and its staff in plan-
ning and implementing DSM programs. If a state’s regulatory frame-
work does not allow the staff to work closely with the commission,
implementing this approach might be difficult.
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An alleged benefit of DSM incentives is that they minimize the
work for the regulatory commission and its staff: a well-designed
incentive scheme is established that reduces the need for further com-
mission encouragement and oversight of DSM. We believe that to
make an incentive approach work requires as much effort as the more
traditional approach we are recommending. With incentives, large
sums of money may be riding on the success of the DSM programs;
consequently, the utilities will use whatever means they can to make
the results look good. The commission will need to devise ways to
monitor program results to verify the utilities’ claims of program suc-
cess. This will require extensive monitoring by staff or consultants. If
outside consultants are chosen, staff effort will still be needed to ensure
the accuracy of the consultants’ conclusions. Only through extensive
review can the commission be assured that utility programs are making
reasonable progress and that releasing incentive payments is justified.

Conclusion

Regulation of DSM programs should be accomplished much as regu-
lation of other facets of the utility industry. As explained by George
Sterzinger of the Vermont Department of Public Service (1990):

Conservation programs must be developed within the context of exist-
ing regulatory policies, and must rely upon those checks and balances
to assure that the programs are efficiently and fairly developed. This
interest is not motivated by a fondness for the present regulatory struc-
ture in the abstract. Rather, it is motivated by a belief that any program
which goes forward while ignoring the balances that are the essence of
regulatory policy will produce consequences which will undermine
broad public acceptance of conservation programs.

Wisconsin’s experience suggests that before state commissions jump
into the morass of providing utility stockholders with financial incen-
tives for aggressive DSM programs, they would be wise to consider
what can be accomplished through existing regulatory procedures and
authority. Adopting exotic ratemaking mechanisms may do more harm
than good toward achieving long-term DSM savings.

Procedures that should be adopted instead of DSM stockholder
incentives include: full cost recovery for DSM expenditures; annual
rate reviews with forward-looking test years; strong regulatory policies
to ensure financial integrity of utilities; use of employee incentives for
DSM and competition-type mechanisms to encourage good perfor-
mance; and proactive commission involvement in key strategic deci-
sions to ensure that ratepayers’ interests are protected.
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Chapter 12

Does the Rat Smell the
Cheese? A Preliminary
Evaluation of Financial
Incentives Provided to
Utilities

Steven M. Nadel and Jennifer A. Jordan

Introduction

In the late 1980s, the concept of providing financial incentives to util-
ities to pursue demand-side management (DSM) programs took the
utility industry by storm. As of November 1991, incentive mecha-
nisms were approved by utility commissions in 21 states (Chapter 2).
These approvals were primarily based on the assumption that since
utilities are private, profit-maximizing companies, if DSM is made
more profitable, utilities will increase program activity levels. While
this presumption makes intuitive sense, there has been no objective
analysis on whether utilities do respond this way. This chapter attempts
to fill this void by objectively and subjectively analyzing how utilities
have responded to DSM incentives.

However, in undertaking such an analysis, considerable caution
must be used. Incentives have been used only a few years; many have
been in place less than a year. The data on post-incentive experience
are limited and may change. Thus, our analysis is a preliminary eval-
uation—a complete evaluation cannot occur without additional data
including more information about present incentive mechanisms as
well as experience with mechanisms likely to be implemented in the
next few years.
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Approach

For this study we examined the DSM activity of 17 utilities with some
DSM incentive mechanism approved as of January 1991. The 17 utili-
ties include only those that receive positive financial incentives for
DSM. Table 12-1 lists these utilities, and includes basic descriptive
information about each utility and its incentive mechanism. However,
incentives are not the only financial mechanism that affects utility
interest in DSM; other important mechanisms include cost recovery for
DSM expenses, recovery of lost revenues, decoupling of profits from
sales (discussed in Chapters 3 and 4), ratebasing of DSM investments
(discussed in Chapter 5), and utilities operating as an energy service
company (discussed in Chapter 9). Since these other mechanisms do
not provide a positive incentive to pursue DSM, they are not included
in this analysis. However, many utilities that receive incentives also
benefit from these other mechanisms, as shown in Table 12-1.

The 17 utilities in Table 12-1 represent utilities that began earning
incentives from December 1986 to January 1991. Utilities in the state
of Washington that receive a small bonus return on DSM investments
since 1980 are not included (see Chapter 2), because, after 11 years, it
is difficult to get appropriate data for the period immediately before
and after incentive approval. However, a previous appraisal of these
incentives found only modest impacts (Blackmon 1991).

In addition to examining data for the 17 utilities with DSM incen-
tives, we examined data for 14 other utilities that do not receive incen-
tives, but which border utilities that do. The latter group, which is
listed in Table 12-2, was the control group for the analysis. Wherever
possible, the control group utilities are in the same states, and regu-
lated by the same commissions as utilities receiving incentives. How-
ever, in New York State and California, all investor-owned utilities
receive incentives. In these cases, we used the neighboring states of
New Jersey, Pennsylvania, Nevada, and Oregon for control utilities.
While these utilities do not receive incentives, they do have cost recov-
ery for DSM expenses, and one receives lost-revenue recovery (see
Table 12-2).

In order to measure the impact of incentives on DSM activity, a
three-pronged approach was used. First, we examined annual DSM
savings (kWh and peak kW) and DSM expenditures for the years
before and after incentives were approved. Second, we examined long-
range DSM plans for the 1991-2000 period (or the nearest available
dates), comparing the plans prepared immediately before and after
incentives were approved. Third, we interviewed staff at each utility,
each utility commission, and active intervenor groups.
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Table 12-2. Control Group Utilities

Neighboring Lost-
Utilities Cost Revenue

Utility State with Incentives Recovery Decoupling Recovery
Boston Edison MA NEES yes no no
Commonwealth MA NEES yes no no
Electric
Connecticut Light & CT UI, WMECo, yes no no
Power NEES
Eastern Utilities MA/RI NEES yes no no
Associates
Jersey Central Power | NJ Con Ed, O&R yes no no
& Light
Metropolitan Edison | PA yes no no
Pennsylvania Power & | PA NYSEG, O&R yes no no
Light
Public Service NIJ Con Ed, O&R yes no no
Electric & Gas
Nevada Power NV So. Cal. Ed. yes no no
Pacific Power & Light | CA/OR PG&E, PGE yes no no
Sierra Pacific NV PG&E, So. Cal. Ed. yes no no
Detroit Edison MI Consumers Power yes no no
CENTEL Electric cO PS of Colorado yes no no
Wisconsin Power & Wl WEPCo yes no yes
Light

For the analyses of recent and planned DSM activity, a series of
ratios were calculated based on the level of post-incentive activity to
pre-incentive activity for each utility. One set of ratios was based on
the ratio of kWh savings, peak kW savings, and DSM expenditures in
the first year following approval of incentives to the analogous value in
the year preceding approval of incentives.! Another set of ratios was

1 All calculations are based on calendar years. If the incentive was approved in January

or February, the year of approval is taken as the post-incentive year. If the incentive was
approved in November or December, the year of approval is taken as the pre-incentive year.
If the incentive was approved in any other month, the preceding year is the pre-incentive
year and the following year is the post-incentive year. Several utilities have used different
incentive mechanisms at different times. For these utilities, the pre-incentive year precedes
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based on the level of kWh savings, peak kW savings, and DSM expen-
ditures included in each utility’s post-incentive long-range plan to the
analogous values in the utility’s pre-incentive long-range plan. Long-
range values were for the 1991-2000 period, or the closest approxi-
mation for which data could be obtained. In total, six ratios were cal-
culated for each utility; three ratios based on data for recent years and
three based on long-range plans. For each set of three ratios, one is
based on kWh savings, one on peak kW savings, and one on DSM
expenditures.

In calculating these ratios for each utility, several guidelines were
used. First, we tried to ensure that data for each utility were calculated
consistently, so that the numerator and denominator for each ratio are
based on equivalent data. After allowing for this constraint, we stan-
dardized the definitions for each type of data as much as possible. Data
on kWh and kW savings are generally net savings at the customer
level, and are based on engineering estimates (see Chapter 10 for a dis-
cussion on these terms). Net savings were usually calculated by esti-
mating the total savings achieved by program participants and then
subtracting savings attributable to free riders. Savings figures are for
the measures installed during the year for which credit is taken and are
annualized. For load management programs, kW savings generally
only include customers who first sign up in the year when credit is
taken—re-enrollments of previous participants are usually not
included. Demand (kW) savings generally coincide with each utility’s
peak demand. DSM expenditures are in 1990 dollars.

Resuits

This discussion of results is divided into two parts. First, the results of
the data analysis for all the utilities examined are discussed. The
emphasis in this section is on overall trends in the analysis, and not on
results for specific utilities. Second, results for individual utilities are
discussed, based on both the data analysis and the interviews. This dis-
cussion is grouped by region, beginning with New England and con-
tinuing through New York, the West Coast, Wisconsin, Colorado, and
Michigan. Since some of the interviews were “off the record,” we do
not attribute comments to individuals, but refer to the general perspec-
tive of the commenter, such as utility or regulatory personnel.

all incentives, and the post-incentive year follows all incentives. For control utilities, the
pre- and post-years used to calculate the ratios are based on the pre-incentive and post-
incentive year of neighboring utilities. In some cases the post-incentive year was 1991. In
these cases we generally combined data on actual results for the first part of the year with
data on estimated results for the remaining part of the year.
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Overall Analysis

Table 12-3 describes six different ratios of DSM activity for each util-
ity. Utilities receiving incentives are listed at the top of the table; utili-
ties without incentives (control utilities) are listed below. The number
of observations varies from ratio to ratio depending on the amount of
data obtained from each utility.

For each ratio and each group of utilities—those with and without
incentives—the median ratio is reported. We chose median values
because a few high values produce distorted average values, particu-
larly for analyses such as this one with small sample sizes. Overall, for
each ratio, and each group, the median utility reports substantially
higher levels of actual and planned DSM activity in the post-incentive
period than in the pre-incentive period. For the utilities with incen-
tives, the median increase ranges from a 115% increase in planned
MW savings from 1991 to 2000 to a 250% increase in kWh savings in
the first year after incentive approval. For the utilities without incen-
tives, the median increase ranges from 0 to 70%.

For all six ratios, the median increase in DSM activity among util-
ities with incentives is greater than the median increase among utilities
without incentives. The median increase for the with-incentives group
exceeds the median increase for the without-incentives group by 169%
for recent-year kWh savings; 120% for recent-year kW savings; 43%
for recent-year expenditures; 75% for planned GWh savings; 43% for
planned MW savings; and 29% for planned expenditures. The impact
of incentives on recent-year activity is apparently greater than the
impact on long-range plans. The reason for this finding is unclear; util-
ities may be waiting to see if incentives are permanent or to see if
DSM programs are truly a viable replacement for supply-side
resources before fully committing to DSM.

To see if these differences are statistically significant, we con-
ducted a statistical analysis using the rank-sum statistical test, which
compared the ratios for the with-incentives and without-incentives
groups. The rank-sum test is a nonparametric statistical test designed
for samples, such as small samples, which do not necessarily follow
the normal distribution (Hoel 1971). Results of this analysis are sum-
marized at the bottom of Table 12-3. These results are reported in
terms of significance levels, where the significance level is the proba-
bility that the difference between two groups is due to random chance,
and not to some intrinsic difference between the two groups. Thus, a
significance level of .05 represents a 5% probability that random
chance would account for observed differences between two groups.
Statisticians usually look for a significance level below .05 or .1 before
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considering a result statistically significant. Using this criteria, differ-
ences between the two groups in annual kWh and MW savings are sig-
nificant at the .05 level, and the differences in annual expenditures and
planned GWh savings are significant at the .1 level. Differences in
planned expenditures and MW savings do not pass the .1 significance
criteria—these differences were only significant at the .24 and .16 lev-
els respectively.

According to these findings, there are statistically significant dif-
ferences in DSM activity between the with-incentives and without-
incentives groups that could be due to the incentives, or they could be
due to other factors linked with the availability of incentives. The issue
of causality is explored later in this paper.

While the average utility with incentives increased DSM activity
more than the average utility without incentives, there are several
exceptions. For example, Detroit Edison, Eastern Utilities, and Sierra
Pacific, all utilities without incentives, often had ratios higher than the
median of the without-incentives group. Likewise, Consumers Power,
New England Electric, Portland General Electric, Public Service of
Colorado, and United Illuminating, all utilities with incentives, often
had ratios lower than the median of the without-incentives group. Rea-
sons for these outliers are explored later in this chapter.

In addition to comparing the with-incentives and without-
incentives groups to determine if incentives, regardless of type, have
an impact, we also compared ratios among the with-incentives group
to see if patterns emerged. We wondered if specific incentive mecha-
nisms produced higher or lower ratios, and if more generous incentives
(higher earnings to the utility) resulted in higher ratios.

Comparing different incentive mechanisms produced no clear
results, primarily because most of the incentives were shared savings,
and sample sizes for the other mechanisms were too small to justify
making conclusions.

For the analysis on the effect of incentive amount on levels of
DSM activity, we compared the annual ratio for GWh savings with the
incentive amount as a percent of gross revenues. This analysis, illus-
trated in Figure 12-1, also found no relationship.

Regional Analysis

New England. In New England, three utilities with incentives are
included in the analysis—New England Electric, Western Massachu-
setts Electric, and United Illuminating. When comparing DSM activ-
ity to neighboring utilities without incentives, there is apparently no
relationship between incentives and increased DSM activity. Figure
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Figure 12-1. Relationship Between Level of DSM Activity and Amount of
Incentive

12-2 plots recent annual GWh savings as a percent of GWh sales for
New England utilities with and without incentives. The utilities with-
out incentives are saving as much, or more, than the utilities with
incentives.?

This appears to be true for several reasons. First, all the utilities
included in the analysis have been involved in collaborative program
design processes in which the Conservation Law Foundation and other
interested non-utility parties worked with each utility to develop DSM
programs. These efforts primarily took place during 1988 and 1989,

2 The results illustrated in Figure 12-2 must be interpreted with extreme caution
because different utilities use different techniques to calculate energy savings. For example,
the Commonwealth Electric and Eastern Utilities numbers (both utilities without incentives)
are based entirely on engineering estimates and include savings achieved by free-riders.
The numbers for New England Electric exclude savings by free-riders and are based in part
on impact evaluation studies (differences between engineering estimates and impact evalu-
ation results are discussed in Chapter 10).
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Figure 12-2, New England Utilities

and resulted in substantially increased DSM activity in all cases (Raab
and Schweitzer 1992).

Second, the utility commissions in the states served by these util-
ities have been fairly aggressive in encouraging utilities to pursue
DSM programs. For example, the Massachusetts commission in 1986
reduced Boston Edison’s rate of return due to lack of progress on DSM
(essentially a negative incentive), and in 1989, as part of a settlement
associated with a nuclear plant outage, required Boston Edison stock-
holders to invest $75 million in DSM programs over a three-year
period. Similarly, the Connecticut commission ordered Connecticut
Light and Power to participate in the nation’s first collaborative pro-
gram design process.

Third, environmental issues in the densely populated regions
served by these utilities make it difficult to site and license new power
plants and transmission lines. Faced with power shortages in the late
1980s, New England utilities found that DSM was the least expensive,
most politically expedient resource available.

Fourth, the desire to provide good customer service has led many
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of these utilities to offer extensive DSM programs, particularly at
Commonwealth Electric. The Massachusetts commission ordered
Commonwealth to raise rates to electric heat customers, producing
enormous customer protests. Among the strategies Commonwealth
used to address this dissatisfaction was expanded DSM programs to
help consumers reduce electric bills.

Fifth, in the case of United Illuminating (UI), the incentive is
rather small. UI calculates that it will be eight years before the utility
profits from its incentive, and even then, the profit will be small.

Sixth, in the case of New England Electric and United Illuminat-
ing, demand-side management efforts before the incentive were among
the more extensive in the nation, leaving less room for further growth.?

Seventh, savings estimates for two of the without-incentives utili-
ties, Commonwealth Electric and Eastern Utilities Associates, may be
inflated because these two utilities include free-riders in their savings
estimates.

In this climate, the impact of incentives cannot generally be dis-
cerned from the data. However, discussions with the individual utili-
ties and regulators involved indicate that incentives are having some
impact. Perhaps the largest impact was at Western Massachusetts Elec-
tric (WMECo) where utility staff, regulators, and intervenors report an
improved attitude towards DSM by senior management following
award of the incentive. According to one observer, the attitude towards
DSM at WMECo is much more positive than the attitude at Connecti-
cut Light & Power, a sister-company that does not receive an incen-
tive. Likewise, at New England Electric and United Illuminating,
inside and outside observers report that incentive has reinforced man-
agement commitment to DSM. In particular, observers report that the
incentives have quieted DSM skeptics in each utility.

Incentives have been in place in New England for more than a
year, and utilities and regulators are beginning to make observations
about the relative advantages and disadvantages of different incentive
mechanisms. For example, New England Electric, which receives a
bounty incentive ($/kW and kWh saved) in Massachusetts and a com-
bination shared-savings and share-of-gross-benefits incentive in
Rhode Island and New Hampshire (described in Chapter 6), reports
that the bounty is simpler to administer. However, regulators claim that
with the bounty, there is little incentive to control DSM costs, except
to keep the program cost-effective. Regulators, intervenors and the
utility agree that the shared-savings mechanism tends to encourage

3 For example, of the 31 utilities included in this study, in 1989, NEES and UI had the
third- and fourth-highest kWh savings from DSM programs as a percent of kWh sales.
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programs for commercial and industrial customers, where net benefits
of programs (value of savings minus program costs) are generally
high, and to discourage residential programs where net benefits are
generally low.

Incentives in Massachusetts are based on measured-savings
results; therefore, extensive program evaluation activities are now
underway. In its first evaluation report, Massachusetts Electric, a sub-
sidiary of New England Electric, found that measured savings were
often less than prior engineering estimates (Massachusetts Electric
1991), and as a result, the incentive is likely to be somewhat smaller
than hoped for. Consequently, Massachusetts utilities are considering
program modifications that may increase the actual savings.

New York State. In New York State, incentives have been approved
for all seven investor-owned utilities. Most incentives were approved
in 1990, although Long Island Lighting and Orange & Rockland’s ini-
tial incentives were approved in 1989. Compared to utilities in the
neighboring states of New Jersey and Pennsylvania, DSM activity in
New York State has dramatically increased in the past two years (see
Figure 12-3).* Based on discussions with New York utilities, regula-
tors, and intervenors, a number of reasons account for this dramatic
increase in DSM activity.

Perhaps the most important reason for the increase in activity,
according to several utility respondents, is that the N.Y. Public Service
Commission has ordered the utilities to increase DSM activity. How-
ever, according to many of the utilities, the availability of incentives
and lost-revenue recovery mechanisms also influenced DSM activity.
For example, one intervenor noted that in some cases the amount the
utility received using the lost-revenue recovery mechanism was greater
than the amount received using the incentive mechanism. Several util-
ities noted that the incentive attracted senior management attention,
and therefore, DSM ascended the list of utility priorities. One utility
noted that the incentive has helped some DSM skeptics recognize the
benefits of DSM.

Other factors that contributed to the increased levels of DSM
activity included a desire to improve customer service, particularly by
utilities with high rates; the need to address environmental concerns,

4 DSM activity has actually declined from mid-1980s levels at several New Jersey and
Pennsylvania utilities. The primary reason for the decline is apparently the gradual phase-
out of DSM programs that were begun following the accident at the Three Mile Island
power plant. These programs were established to help defray rate increases necessitated by
the high cost of replacement power. According to many of the New Jersey and Pennsylvania
utilities, this trend will reverse in 1992.
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Figure 12-3. New York/New Jersey/Pennsylvania Utilities

including avoiding emissions and siting new facilities; and the fact that
DSM was the least-cost resource. For example, one utility conducted a
comprehensive study and was surprised to find that DSM was the most
cost-effective resource. In addition, NYSEG credited its recently com-
pleted collaborative program-design process involving environmental-
ists and others.

In New York State, a number of different incentive mechanisms
have been or are being used, including bonus payments linked with
lost-revenue recovery, shared savings, and rate-of-return adders based
on achieving specific goals. Since experience with each of these mech-
anisms is limited, no definitive conclusions can be made. However,
several people noted that the shared-savings mechanisms tended to
encourage commercial sector programs where the net benefits of DSM
tend to be greatest. The mechanisms based on achieving specified kW
and kWh goals were reported to result in increased emphasis on
achieving these short-term goals—Long Island Lighting, with a kW
goal in its initial incentive, emphasized kW savings, while Orange &
Rockland, with a kWh goal in its second incentive, emphasized kWh
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savings. According to one intervenor organization, the lost-revenue
recovery bonus in Long Island Lighting’s first incentive, under which
it could recover 120% of lost revenues, provided an incentive to
increase, and perhaps even exaggerate, lost revenues.

In New York State there have been incentives for two years, crys-
tallizing a number of issues. For example, three of the incentive mech-
anisms include penalties if DSM performance is below par. For several
utilities this is troubling, but others think it will be relatively easy to
achieve enough savings to avoid penalties. Commission staff and inter-
venors generally favored penalties, particularly for utilities with less
than exemplary previous DSM efforts.

Most incentives have a cap on the maximum incentive that can be
earned. A few utilities have reached their cap, noting that when the cap
is reached they have little incentive to pursue additional DSM. Many
utilities argued to either eliminate or raise the caps. Commission staff
indicated that the optimum incentive level has not been resolved and
will be revisited in the future.

Four of the incentives are paid only after an end-of-the-year rec-
onciliation when the utility submits its estimates of energy and net
resource savings to the Commission for approval. Several utilities indi-
cated that they would like to receive at least a portion of the incentive
earlier. A number of utilities, particularly those with shared-savings
incentives, found the calculation process complicated.

Finally, many issues have arisen related to the specific shared-
savings formulas used by the different utilities. These issues are dis-
cussed by Gallagher (1991) and will not be considered here.

West Coast. California’s three largest investor-owned electric util-
ities receive incentives. Of the major private California utilities, only
Pacific Power and Light does not receive an incentive.>

In Oregon, Portland General Electric receives an incentive, but
Pacific Power and Light does not; however Pacific is allowed to rate-
base its DSM investments. None of the Nevada utilities presently
receives incentives.

The level of DSM activity at these utilities produces some inter-
esting patterns. In the late 1980s, activity levels in California and
Nevada were similar, but activity was more limited in Oregon (see Fig-
ure 12-4). In the early 1990s, activity increased enormously among the

5 Pacific ratebases DSM investments. In addition, it is allowed to earn a return on
investments in energy services, as described in Chapter 9. However, staff at the utility and
intervenor organizations do not consider these to be much of an incentive.
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Figure 12-4. California/Nevada/Oregon Utilities

three large California utilities, with more modest increases among the
other West Coast utilities.®

Utility, utility commission and intervenor staff interviewed in Cal-
ifornia attribute much of the increase in DSM activity to the incen-
tives. All utilities noted that the incentives were important in
coalescing support for DSM. Other factors also played a significant
role, but the incentives were the catalyst that brought these different
factors to management’s attention.

The impact of these other factors cannot be minimized, including
a statewide collaborative DSM planning process that developed the
incentives as well as DSM program designs; regulator interest in DSM
(regulators virtually ordered the utilities to participate in the collabo-
rative process is an effort to jump-start utility DSM efforts); environ-

6 An exception to this pattern is Sierra Pacific, where DSM activity increased substan-
tially in 1990—91, primarily due to the Nevada Public Service Commission’s decision to not
approve the DSM portion of Sierra Pacific’s 1989 resource plan. The revised plan, submit-
ted in mid-1990, increased DSM staff threefold and spending fivefold.
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mental concerns (public relations programs of major California
utilities often emphasize an environmental theme); and customer ser-
vice concerns (some customers wanted more DSM programs similar to
those offered in the early to mid-1980s and then disbanded). In addi-
tion, some utilities realized that new capacity would be needed and
that DSM was the most attractive option. Finally, in the case of San
Diego Gas & Electric, concerns about high rates that had caused the
utility to underspend its DSM budget were fading, and it again became
acceptable to spend money on DSM.

In Oregon, the impact of the Portland General Electric incentive is
apparently less dramatic, although it is too early to be sure. The
amount of incentive available to the utility is fairly small (see Table 12-
1), which could explain this finding. According to utility staff, a cor-
porate commitment to delay new generating facilities had increased
reliance on DSM as a resource. Still, the incentive reportedly has
helped to accelerate and sustain this commitment. In addition, the
incentive has helped to energize employees who work on DSM
programs.

In California, there are two major issues: the level of incentive,
and the role of evaluation in incentive determination.

Staff at the utility commission and several intervenors question if
incentive levels are too high. These concerns particularly affect San
Diego Gas and Electric which in 1990 was eligible for $16 million in
incentives based on $17 million in DSM spending. Most of the San
Diego incentive was based on a mechanism adopted in 1989 under
which most of the DSM benefits accrue to the utility after meeting
specified targets. This mechanism was developed when San Diego Gas
& Electric was disinterested in DSM. The mechanism developed to
deal with this included a penalty for poor DSM performance. Neither
the utility nor the commission expected the utility to earn a bonus. For
this reason, not much attention was given the bonus, with the result
that it proved to be extremely generous. In fact, after intervenors and
commission staff protested that the incentive was too high, in 1991 the
Commission and the utility agreed to retroactively impose a cap on the
incentive which cut the 1990 incentive by 42%.

Incentive levels are also a concern with Pacific Gas and Electric
(PG&E). One observer felt that PG&E was trying to maximize its
incentive in the short-term through cream-skimming, expecting that
incentive levels would be scaled back in a few years.

Measurement of energy savings is also a significant issue in Cali-
fornia where shared-savings incentives are based on engineering cal-
culations made during program planning. During the first three years
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of program operations, each utility must measure the actual savings,
and the results are used as the basis for engineering estimates made in
future years. However, the measured savings are not used to adjust
incentives earned for prior DSM programs. This lack of retroactive
adjustments is popular with the California utilities since it assures that
a given level of DSM activity will produce a specified incentive
amount. Several observers consider the initial engineering estimates to
be overly generous, but preparation of impact evaluations is proceed-
ing slowly and thus no results were available to adjust the engineering
estimates used for 1992 programs.

Conversely, the Oregon incentive is based on measured savings,
and the Oregon commission is concerned about accurate evaluations.
Utility staff worry about spending too much time and effort to develop
overly precise numbers, diverting attention from more important DSM
concerns.

In both California and Oregon, another important issue is whether
shared-savings incentives should be based on utility costs or total
resource costs (utility plus customer costs). The PG&E incentive is
based only on utility costs, so the utility reportedly gives limited atten-
tion to customer costs. Conversely, the San Diego shared-savings
incentive is based on total resource costs without regard to how much
is paid by each party, with the result, according to observers, that the
basic shared-savings incentive does not encourage the utility to control
its costs.” Both the Portland General incentive and a new Southern Cal-
ifornia Edison shared-savings incentive approved in December 1991
give weight to both utility and total resource costs in their net-benefit
formulas.

Finally, two other attributes of the San Diego and Portland incen-
tives are worth noting. In San Diego, management instituted a system
where a portion of the incentive the utility earns beyond a target is
passed on to DSM employees. According to utility and commission
staff, this arrangement inspired DSM employees, although utility and
commission management wonder if employees are too interested in
maximizing their personal gain. In Portland, in calculating the value of
DSM benefits, a higher avoided cost value is used for the residential
sector ($0.06/kWh) than for the commercial and industrial sectors
($0.05 and $0.04/kWh respectively) because residential loads are

7 However, to address this problem, another aspect of the incentive mechanism rewards
the utility for savings in program costs per unit of energy saved relative to budgeted
amounts, and penalizes the utility for exceeding these targets. Observers disagree on the
effectiveness of this cost control mechanism.
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more closely aligned with the system peak. This arrangement provides
a greater incentive to pursue residential sector programs than if the
same avoided cost was used for all sectors.

Wisconsin. In late 1986, the Wisconsin Public Service Commis-
sion established an incentive mechanism for Wisconsin Electric Power
Company (WEPCo) as part of an effort to replace a planned power
plant with DSM. At the same time, the Commission began experi-
menting with different methods to promote DSM activity at other Wis-
consin utilities, including a utility energy services program at
Wisconsin Power & Light (WP&L) and a competition between Madi-
son Gas & Electric (MG&E) and private DSM providers. Each of these
efforts are described in Chapter 11.

Of these efforts, only the WEPCo program included a significant
financial incentive, so it is the only Wisconsin program covered by the
data analysis. Unfortunately, the data to analyze this four-year old
incentive were not readily available. Based on limited data, DSM
activity at WEPCo increased substantially after the incentive, while
activity increased only modestly at WP&L at the same time.

In interviews with people involved in Wisconsin DSM efforts, it
was generally agreed that the incentive was a significant contributor to
the increased DSM efforts by WEPCo, although other factors were
also involved, including long-range planning processes undertaken by
both WEPCo and the state of Wisconsin, and a close working relation-
ship between the Wisconsin Commission and the utilities it regulates
(this relationship is described in Chapter 11). By 1991, according to
Commission staff, the level of DSM activity is similar across all major
Wisconsin utilities, although as a result of the incentive, WEPCo’s
efforts geared up quicker and sooner.

The WEPCo incentive was scheduled to last four years; hence it
ended in December 1990. As of 1991, DSM efforts at WEPCo are
going strong. WEPCo proposed a new incentive mechanism in 1990,
but this was denied by the Commission, partly due to concerns about
the specifics but also because the Commission believes that incentives
should be intermittent, so that utilities and shareholders do not come
to expect them. In lieu of an incentive mechanism for shareholders, in
1991 the Wisconsin Commission ordered WEPCo to establish a
$500,000 pool to provide bonuses to WEPCo employees who help the
utility achieve its DSM goals. This mechanism is described in Chapter
11.

Several lessons were learned from WEPCo’s experience with
incentives. First, the incentive was based on gross MW savings calcu-
lated using engineering estimates. The incentive did not promote kWh
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savings, or efforts to minimize program costs, limit free-riders, or
maximize the amount of actual savings. WEPCO was somewhat con-
cerned about these issues; however, its concern was not caused by the
incentive. Second, accounting for savings proved to be time consum-
ing for both the utility and the Commission, and caused a number of
disputes. According to the utility, data are critical to determine the
amount and cost of the DSM resource, and thus, even without the
incentive, they continue to compile this information. Third, according
to a Commission staff member, in the early years of the incentive, in
an effort to achieve the MW savings threshold needed to trigger the
incentive, WEPCo engaged in some “cream-skimming.” However,
after the “cream was skimmed” WEPCo concentrated on achieving
more in-depth savings. WEPCo denies engaging in cream-skimming.

Colorado. In Colorado, Public Service of Colorado (PSCO)
receives incentives for a few DSM programs, approved on a program-
by-program basis. Currently some programs, particularly a third-party
bidding program, are eligible for incentives, while others are not. Rel-
ative to CENTEL, a Colorado utility that does not receive incentives,
DSM activity and targets at PSCO are substantially greater.

According to PSCO staff, the incentive has caught the eye of
senior management, and DSM targets were increased. However,
PSCO thinks the incentive is fairly small. Echoing this view, one out-
side observer noted that PSCO has yet to embrace DSM, and is still in
the pilot program stage. PSCO responds that if it is to pursue addi-
tional DSM, it wants to be rewarded either with incentives or lost-
revenue recovery. PSCO also notes that the Commission can order
DSM programs, but it cannot order enthusiasm for them. Incentives,
they claim, can help generate this enthusiasm.

Michigan. In 1990, a settlement agreement between Consumers
Power and the Michigan Public Service Commission set forth nine
DSM programs that Consumers would operate, and provided a small
bounty-type incentive for four of the nine programs. These four pro-
grams accounted for approximately 75% of DSM expenditures.
According to both Commission and utility staff, the incentive caught
the utility’s attention, and in combination with the Commission’s
desire for increased DSM activity, started a shift in attitude at the util-
ity. In particular, according to Commission staff, design and imple-
mentation of targeted DSM programs improved.

However, this initial incentive was limited in amount, and the util-
ity will not receive its full incentive until 1993. Also, the utility is not
reimbursed for base revenues lost due to DSM programs. According to
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utility and Commission staff, the increase in DSM activity from the
1990 settlement and incentive, while significant, was modest.

In 1991 however, the Commission ordered Consumers to dramat-
ically increase DSM activity, and instituted a new and much larger
incentive/penalty mechanism. This new mechanism is an adjustment
of the utility’s overall rate of return—up to a 1% increase or a 2%
decrease, depending on performance. As a result of this development,
the utility sees DSM as a priority activity. However, this impact may
be due to the potential penalty, not the potential reward since the
potential penalty is twice the size of the potential reward. Also, the
incentive rewards spending and cost-effectiveness up to a set expendi-
ture level. When this spending requirement is met, there is no incen-
tive for additional spending beyond what the Commission ordered.

Conclusions

Results from the data analysis and series of interviews indicate that
providing utilities with financial incentives does, on average, have a
positive and statistically significant impact on levels of utility DSM
activity. Incentives attract senior management attention and help to
quiet DSM skeptics within the utility.

However, many factors affect levels of DSM activity, including
least-cost planning, environmental, customer-service, and regulatory-
relations issues. Some utilities without incentives have substantially
increased their levels of DSM activity, while other utilities with incen-
tives have only marginally changed their DSM activity levels. Thus,
the availability of incentives does not guarantee a strong DSM program
and, in some cases, a strong DSM program can be developed without
incentives. Incentives should be viewed as one element that can con-
tribute to increased levels of DSM activity.

Experience with incentives is too limited to generate conclusions
as to the relative merit of different approaches, the optimal amount of
incentive, and whether incentives should be continuous or intermit-
tent. The people interviewed for this study indicated that shared-
savings incentives tend to promote commercial and industrial DSM
programs more than residential programs, and said that data tracking
for shared-savings programs is complex. According to the interview-
ees, bounty- and expenditure-based incentives are often simpler to
administer than shared savings, but may send inappropriate signals.
For example, bounty programs alone do not encourage efforts to
improve program cost-effectiveness, and a kW-based bounty does not
encourage kWh savings. Likewise expenditure-based incentives often
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do not encourage efforts to improve cost-effectiveness or savings. Even
within the context of a shared-savings incentive, particular elements
within the shared-savings formula can send signals that favor one type
of DSM activity over another. For example, according to Gallagher
(1991), incentive formulas based on -savings achieved in the current
year only tend to encourage short-term savings, while incentive for-
mulas based on cumulative savings over a measure’s lifetime tend to
encourage long-term savings.

The number of utilities earning incentives is increasing dramati-
cally each year. Our research indicates that incentives tend to work,
and hence this trend should be encouraged. However, an evaluation of
this type needs to be repeated in a few years when more data are avail-
able, including additional data about existing programs, and data on
new incentives programs. Follow-up analyses should be based on sta-
tistical analyses of metered electricity consumption before and after
each program, not the engineering estimates employed in this analysis,
because incentive effectiveness should be based on actual savings.
Such an analysis can verify or refute our preliminary conclusions and
provide insight about the relative merits of different incentive
approaches, the impact of different incentive levels, and how best to
link incentives to actual savings.
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Chapter 13

DSM Incentive Mechanisms:
Comparative Assessment
and Future Directions

David R. Weolcott and Steven M. Nadel

Introduction

In this concluding chapter, we examine the strengths and weaknesses
of each of the demand-side management (DSM) incentive mechanisms
presented in the book. We compare and summarize the incentive
mechanisms in terms of their abilities to address the different design
criteria introduced in Chapter 1. We conclude with a look into the
future regarding the issues that will most likely shape the continuing
evolution of regulatory incentives for DSM.

Comparison of DSM Incentive Mechanisms

We must sound a note of caution regarding any attempt to rank order
the DSM incentive mechanisms. Such a simplistic approach would not
be very useful in understanding the subtle differences between the
mechanisms and how they interrelate. The development and use of
DSM incentive mechanisms depend on the specific goals of regulators
and motivations of utilities involved in the process. Therefore, we will
not try to define the “best” mechanism, which in most cases will prob-
ably be a combination of mechanisms.

For the sake of clarity in this comparative analysis, we use some
shorthand to identify the DSM incentive mechanisms treated in this
book as follows:

* The Revenue Decoupling Mechanisms (RDM) such as:
» Electric Rate Adjustment Mechanism (ERAM) (Chapter 3)

255
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» Revenue per Customer (RPC) (Chapter 4)
» Ratebasing (Chapter 5)
» Adders such as the Boeunty and Markup (mentioned in Chapter 2)
= Shared Savings (Chapter 6)
* Return on Equity (ROE) Adjustment (Chapter 7)
Bill Indexing (Chapter 8)
» Energy Services (Chapter 9)

The criteria for designing DSM incentive mechanisms were intro-
duced in Chapter 1 and then touched upon in each of the chapters on
the different mechanisms. The following assessment of the strengths
and weaknesses of DSM incentive mechanisms is presented in terms
of these criteria. We caution the reader not to view each criterion as
equally important; nor will any one incentive mechanism address all
criteria. A combination of mechanisms may be required to meet partic-
ular regulatory and utility goals.

Recovery of DSM Program Costs

All participants in the integrated resource planning (IRP) process
agree that recovery of DSM program costs is required in order to
obtain the enthusiastic support of utility management to aggressively
pursue IRP goals. This view holds that utilities should be able to
recover all allowable direct costs to design, implement, and evaluate
DSM programs. These costs include the incentives paid to customers
(such as rebates) to motivate their participation in the programs, pay-
ments to vendors (such bids by energy service companies) to compen-
sate them for implementing programs, and other program-related
expenses such as advertising, labor and administration.

States that have adopted incentive mechanisms typically allow for
the recovery of DSM program costs. In most cases the cost recovery is
not inherent in the incentive mechanism but is provided through
another complementary process for this purpose, such as a surcharge
or a deferral mechanism. The exceptions in which DSM program cost
recovery is inherent to the mechanism include Energy Services, Rate-
basing, and Markup.

Recovery of Lost Revenues

A major disincentive to DSM is the lost revenue (associated with
unavoidable fixed costs) from foregone sales of electricity that cus-
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tomers don’t buy because of conservation. Absent decoupling of reve-
nues from sales (see the following point), utilities should be able to
recover the lost revenue on fixed costs. Variable costs (primarily for
fuel) are not incurred and are therefore not “lost.”

The RDMs inherently provide for the removal of the disincentive
represented by lost revenues from DSM. In all other cases in which lost
revenues are accounted for and recovered, it is through the explicit rec-
ognition of them as allowable costs.

Decoupling Revenues from Sales

Decoupling the direct relationship between a utility’s revenues and its
sales volume removes the utility’s short-run incentive to sell additional
electricity. While decoupling should eliminate the issue of the recovery
of lost revenues from DSM, it also has a much broader impact on util-
ity operations.

The RDMs by definition explicitly provide for the decoupling of
revenues from sales. Bill Indexing can be described as an indirect
decoupling mechanism. While there may be every intention to decou-
ple, there is no guarantee of that outcome. The other mechanisms do
not decouple, although they can be combined with a decoupling mech-
anism as part of a comprehensive regulatory reform package.

Some DSM advocates and regulators believe that decoupling is a
fundamental fix to the deficiencies of traditional regulation. However,
other DSM advocates do not necessarily see decoupling itself as a pan-
acea because it does not provide a positive incentive to promote DSM
(see the following point). Furthermore, since decoupling shifts risk
from utilities to ratepayers, it can have the side effect of making utili-
ties indifferent to issues that could raise rates (e.g., cogeneration
bypass) or degrade customer service. Utilities are less quick to
embrace decoupling because it removes a potential avenue to
profitability.

Provision of Positive Incentives

A positive incentive may be required to motivate utility management
to overcome the perceived risk of implementing DSM programs. Reg-
ulators increasingly agree that utilities should earn increased profits, at
least initially, for successfully accomplishing their goals in IRP (e.g.,
implementing a resource plan with the lowest societal costs) and DSM
(e.g., acquiring all cost-effective DSM resources).

Five of the mechanisms presented in this book provide positive
incentives. Each mechanism provides a bonus in a different way.
The RDMs do not provide a positive incentive; however, most
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recent implementations of ERAM and RPC include a complementary
performance-based bonus.

Among the five positive incentive mechanisms, there are no inher-
ent differences in the amount of bonus provided. Instead, the value of
the incentive depends on several other factors that can be built into any
mechanism.

The primary factor is the magnitude of the incentive that regula-
tors allow. Regardless of the mechanism, regulators generally decide
what an appropriate incentive amount is for an expected level of utility
performance. Once this amount is determined, it can be earned on a
Shared Savings, Bounty, Markup, Ratebasing, or ROE Adjust-
ment basis.

A second factor is whether thresholds are established that must be
exceeded before incentives are earned. Some states allow incentives to
be earned on the first kWh saved while other states require that a
threshold amount of savings must be achieved before an incentive
begins to accrue (other states even provide penalties if savings are par-
ticularly low).

A third factor is whether caps are established to limit the maxi-
mum incentive that can be earned. Caps can keep incentives from
becoming excessive, but once the cap is reached a utility has little
incentive to continue pursuing the desired behavior.

A final factor is the amount of time over which a bonus is earned.
A bonus today is better than a bonus tomorrow, considering both the
time value of money and the uncertainties of regulatory continuity.

Performance-Based and Measurable

Incentive mechanisms can reward and/or penalize the utility’s perfor-
mance in accomplishing IRP and DSM goals. A direct linkage
between an incentive mechanism and a utility’s performance in suc-
cessfully acquiring cost-effective DSM resources provides the clearest
possible signal to DSM managers. Incentives should increase as actual
energy savings increase and vice versa. Such linkage is generally con-
sidered to be necessary to motivate specific utility behavior that is
closely associated with IRP goals.

The Shared Savings and Bounty mechanisms inherently reward
utility performance in accomplishing DSM. So does ROE Adjust-
ment, provided the adjustment is tied to DSM performance. Shared
Savings and Orange & Rockland’s ROE Adjustment reward cost-
effective DSM performance, while the Bounty simply rewards energy
savings without attention to program cost, which could compromise
cost-effectiveness. Depending on how it is structured, Energy Ser-



DSM Incentive Mechanisms — 259

vices can also reward performance by allowing the utility to keep its
share of the savings achieved. The other incentive mechanisms pre-
sented in this book are not performance-based.

One benefit of performance-based incentive mechanisms is that
DSM program performance lends itself to measurement techniques.
However, there are tradeoffs to the extent that the determination of
energy savings may require expensive monitoring and impact evalua-
tion. As discussed in Chapter 10, impact evaluation brings both credi-
bility and knowledge about making programs more effective, but at a
cost. Performance must be objectively determined without excessive
expenditures of time and money. Otherwise, marginal DSM programs
may not pass cost-effectiveness tests.

The criteria of “performance-based and measurable” are not
inherently linked, as illustrated by the Markup, which is very measur-
able but not performance-based. Also, there can be differences in what
is being measured. For example, the Bounty measures savings,
Energy Services measures savings and utility costs, and Shared Sav-
ings measures savings, utility costs, and customer costs (in some
cases).

Understandable, Administrable, Predictable

DSM incentive mechanisms must be readily understood by all stake-
holders (e.g., utilities, regulators, intervenors, ratepayers) in the reg-
ulatory process and should not be overly complex or difficult to
administer. It is also useful to know in advance that certain utility
behavior will produce a particular effect.

An incentive mechanism is understandable if utility implementors
and other participants in the regulatory process can easily grasp its
mechanics and implications. In this context, the best mechanism is one
that is readily understood by ratepayers. Three mechanisms are all
fairly straightforward in this regard: Bounty depends on energy sav-
ings, Markup depends on program expenditures, and Shared Savings
depends on the difference between savings and expenditures. Each of
these concepts are easy to understand. On the other end of the spec-
trum, the concepts of attrition and balance accounts under ERAM can
be difficult for ratepayers to understand.

An incentive mechanism is most easily administrable if the utility
and regulators face a tractable process of data collection and presenta-
tion within the context of normal regulatory proceedings. Mechanisms
such as Ratebasing, Bounty and Markup are inherently administra-
ble in that they fit easily into the existing regulatory process. While
Shared Savings is easy to understand, it can be more difficult to
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administer because of the complex measurements and calculations that
are required, particularly when customer costs are included in the
shared-savings formula. It remains to be seen if Bill Indexing and
Energy Services are easy to administer or not, although they probably
have more in common with Shared Savings than with other
mechanisms.

Predictability refers to the extent to which certain utility actions
result in expected incentives. This is not the same issue as whether
DSM savings are predictable given certain utility programs. Bounty
and Markup are the most predictable because they provide a fixed
incentive for savings or program expenditures, respectively, without
recourse to another variable. Alternatively, the Shared Savings incen-
tive is earned as a percentage of total resource savings that are based
on both DSM savings and program expenditures. Ratebasing is rela-
tively predictable. Although there is some risk to the utility of under-
recovery of costs in rate cases, that risk is probably low. Bill Indexing
is perhaps the least predictable mechanism because the incentive
earned depends on the behavior of the target utility relative to other
utilities.

Evaluation methods can have an interesting effect on how predict-
able an incentive can be. As discussed in Chapter 9, the use of engi-
neering estimates to determine ex ante levels of program savings gives
a utility a great deal of control over the incentive payment it will
receive. Alternatively, ex post levels of program savings determined by
impact evaluations are much less certain and will result in less predict-
able incentives. Nonetheless, the predictability benefits of engineering
estimates must be balanced against the greater certainty of DSM sav-
ings provided by impact evaluation. Such certainty applied to load and
resource forecasts is important in the IRP process.

Ability to Influence Other Outcomes

DSM incentive mechanisms that motivate utility pursuit of IRP goals
can have collateral consequences, both positive and negative. A desir-
able outcome might be that a mechanism minimizes the costs of DSM
to society and program nonparticipants. Undesirable outcomes might
include situations in which utilities can indulge in gaming techniques
or solely pursue cream-skimming DSM measures. Naturally, the ideal
DSM incentive mechanism provides clear signals to motivate utilities
to pursue DSM while maximizing other desirable outcomes and mini-
mizing unintended negative consequences.

In terms of minimizing DSM costs to society and non-
participants, the Shared Savings mechanism minimizes utility or soci-
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etal costs depending on the formula that is used. Orange & Rockland’s
ROE Adjustment tends to minimize program costs. For ERAM and
Bill Indexing, this benefit can be blunted somewhat if the utility cuts
back on customer services to achieve cost savings. Bill Indexing min-
imizes average customer bills while Energy Services minimizes costs
to nonparticipants. The other mechanisms don’t provide any inherent
process of minimizing costs to ratepayers. Ratebasing and the
Markup may encourage DSM program cost maximization or
“goldplating.”

Gaming refers to a situation in which participants exploit oppor-
tunities in the regulatory process to achieve unintended consequences.
The classic example of gaming is where a utility underestimates load
growth in a rate case so that it can work hard to exceed sales estimates
before the next rate case to achieve additional profits. The RDMs tend
to avoid gaming since decoupling removes the opportunity to exploit
the difference between forecasted and actual costs between rate cases.
RPC could be an exception to the extent that a utility could game the
customer count. Alternatively, lost revenue recovery mechanisms are
generally susceptible to gaming as discussed in Chapter 1. All the
other mechanisms rely on traditional regulation (i.e., rate cases) for
their implementation and therefore neither especially invite nor dis-
courage gaming.

Cream-skimming is the practice of implementing only those DSM
measures that have the shortest payback times—e.g., efficient light-
ing. The Markup discourages cream-skimming because promotion of
high-cost, long payback measures will generally increase the amount
of incentive earned. With the Bounty and Shared Savings incentives,
cream-skimming can be a problem in the short-term because the incen-
tive earned per dollar invested is maximized by promoting measures
with rapid paybacks. However, because incentives can be earned on
any cost-effective measure, there is a positive incentive to pursue
longer payback measures, although many of these measures may only
be pursued in the long-term after the more lucrative measures have
been tapped.

Strengths and Weaknesses of DSM Incentive
Mechanisms

We draw from the preceding discussion to present the strengths and
weaknesses of each DSM incentive mechanism in Table 13-1. We rec-
ognize the risk of creating a “scorecard” that could be used to rate
each incentive mechanism by design criterion to come up with winners
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Table 13-1. Summary of Different Incentive Mechanisms

Rate- Shared ROE  Bill Energy

ERAM RPC basing Bounty Markup Savings Adj. Indexing Services
Cost recovery N N Y N Y N N N Y
Lost revenue Y Y N N N N N N N
recovery
Decoupling Y Y N N N N N N N
Positive N N M Y Y Y Y Y Y
incentives
Performance- N N N Y N Y M M M
based
Measurable NA NA Y Y Y P P P P
Understandable M M Y Y Y Y Y M Y
Administrable P P Y Y Y P P M M
Predictable Y Y Y Y Y P P N P
Minimizes N N N N N M M M N
societal
cost
Minimizes non- NA  NA N N N N N M Y
participant cost
Discourages Y Y M M M M M M M
gaming
Discourages N N N M Y M M N M
cream-
skimming
Key:

Y =yes; P=probably; M=maybe; N=no; NA =not applicable.

and losers. Once again, we caution the reader to avoid such a side-by-
side comparison of mechanisms without reflecting upon the regulatory
goals and utility motivations of a particular situation. An additional
caveat is that the following summary of each incentive mechanism is
abbreviated and certainly not exhaustive. The reader should consult the

chapters on each mechanism for a fuller treatment of these issues.

Electric Rate Adjustment Mechanism (ERAM): inherently
removes the disincentive of lost revenues; explicitly provides direct
decoupling of revenues from sales; can include a complementary
performance-based bonus; can be difficult for ratepayers to understand;
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can make utilities indifferent to issues that could raise rates or degrade
customer service; and reduces gaming since decoupling removes the
opportunity to exploit the difference between forecasted and actual
costs between rate cases.

Revenue Per Customer (RPC): inherently removes the disincen-
tive of lost revenues; explicitly provides direct decoupling of revenues
from sales; can include a complementary performance-based bonus; is
probably easier to administer than ERAM; and avoids gaming since
decoupling removes the opportunity to exploit the difference between
forecasted and actual costs between rate cases, although could invite
gaming the customer count.

Ratebasing: inherently allows for DSM program cost recovery;
can provide a positive incentive since the adder allows a utility to earn
a bonus return as a percent of DSM program expenditures; is inher-
ently administrable in that it fits easily into the existing regulatory pro-
cess; is relatively predictable, but may encourage goldplating.

Bounty: provides a positive incentive that is performance-based
as a function of the amount of DSM savings; is understandable and
easy to administer; is predictable since the incentive is based on sav-
ings; does not encourage cost-effectiveness; and can present a cream-
skimming problem in the short-term.

Markup: inherently allows for DSM program cost recovery; pro-
vides a positive incentive as a percentage adder on program costs; is
measurable although not performance-based; is understandable, easy
to administer and predictable; may encourage goldplating; and dis-
courages cream-skimming because promotion of high-cost, long pay-
back measures will generally increase the amount of incentive earned.

Shared Savings: provides a positive incentive based on the
amount of DSM delivered by the utility; is performance-based as it
inherently rewards utility performance in accomplishing DSM; is
understandable; may be difficult to administer because of the complex
measurements and calculations that are required (particularly when
customer costs are included in the shared savings formula); is some-
what predictable especially when engineering estimates are used; min-
imizes utility or societal costs (depending on the formula which is
used); and can present a cream-skimming problem in the short-term.

ROE Adjustment: inherently provides a positive incentive by
applying a percentage bonus from the entire rate base; can be
performance-based by tying the incentive to the amount of DSM
saved; and tends to minimize program costs if the incentive is tied to
net resource savings.

Bill Indexing: provides indirect decoupling of revenues from
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sales; may be difficult to administer; is unpredictable; and minimizes
average customer bills, although utility may cut back on customer ser-
vices to achieve cost savings.

Energy Services: inherently allows for DSM program cost recov-
ery; can be performance-based if the utility is allowed to keep its share -
of the savings achieved; is measurable; may be difficult to administer;
and minimizes costs to nonparticipants.

Future Issues in DSM Incentive Design

We conclude with a discussion of emerging issues in DSM incentive
regulation as they may play out in the future. Considering all of the
recent developments in regulatory incentives, the following issues
appear likely to figure prominently in the implementation of DSM pro-
grams during the next few years.

Importance of Evaluation

As DSM assumes a larger role in many utilities’ resource portfolios,
greater emphasis is being given to careful planning and execution of
evaluation studies. Impact evaluations, which examine DSM pro-
grams’ true benefits and costs, become doubly important when the
results serve as input to the determination of a utility’s DSM bonus (or
penalty).

In several instances, provision of DSM incentives has been con-
tingent on a utility commitment to a detailed plan to evaluate its pro-
grams. The California collaborative established a precedent in this area
with publication of evaluation protocols in proposing DSM incentives
(California Collaborative 1990). The quality of utilities’ evaluation
efforts is likely to receive much greater scrutiny in regulatory proceed-
ings, both when new incentive mechanisms are proposed and when
bonuses are awarded based on claimed performance.

Treatment of Externalities

The environmental effects of energy production and consumption are
increasingly being considered in utility resource planning decisions.
By 1990, seventeen state public utility commissions were considering
environmental externalities (benefits and costs not directly reflected in
prices or rates) in utility regulation, although very few are doing so
quantitatively (Cohen et al. 1990). Socioeconomic externalities are
also being considered in some jurisdictions. For example, Nevada has
adopted IRP rules that give consideration to employment and other
regional economic impacts of resource decisions (Wiel 1991). In gen-
eral, treatment of environmental externalities in planning favors DSM
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resources because they substitute for emissions-producing combustion
processes for generation and thus are considered environmentally
benign.

DSM incentives can be a vehicle for incorporating externalities
since a utility’s bonus or penalty can be related, in part, to the environ-
mental consequences of its actions. This approach has been adopted in
New York where an environmental externality value of $.014 per kWh
is added to the benefits of DSM in the calculation of incentives (Gal-
lagher 1991). Therefore, a New York utility earning a 10% Shared
Savings bonus would receive an additional $.0014 per kWh. Incentive
regulations in New Jersey operate similarly (New Jersey Board of Reg-
ulatory Commissioners 1991).

Federal Interest in DSM Incentives

Although regulation of retail utilities is largely the province of the
states, Congress has expressed interest in DSM incentives and encour-
aged their use in legislation. The Clean Air Act Amendments of 1990
authorized the award of certain bonus emissions allowances (begin-
ning in 1992) to utilities that invest in DSM and renewable resources
before emissions caps take effect. For a utility to be eligible for such
bonuses its public utility commission must have adopted reforms to
ensure that the utility’s net income is not reduced by DSM—i.e., a
decoupling and/or DSM incentive mechanism must be in effect (Mar-
key and Moorhead 1991).

Several energy and utility policy bills introduced in Congress in
1991 would go further, amending the Public Utility Regulatory Poli-
cies Act (PURPA) to add DSM incentives to a number of regulatory
policies that states should consider. If enacted, such legislation would
probably accelerate the adoption of DSM incentives.

Incentives for Publicly Owned Utilities

Regulatory incentives have thus far been limited to investor-owned
utilities because the impact of DSM on company profitability is of
major concern to these companies. However, 23% percent of electric-
ity sales to end-users in the U.S. are by publicly owned utilities, and
these utilities are also often concerned about the impact of DSM pro-
grams on revenues and rates. For example, some municipalities seek to
make a “profit” on electricity sales to help fund municipal services,
thereby keeping taxes down. Furthermore, publicly owned utilities
(being part of a political system) are concerned about consumer reac-
tion to rate increases, even if they are to pay for DSM programs that
on average decrease utility bills. In addition, just as private-sector util-
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ity managers may be motivated in part by the desire to increase com-
pany size (as measured by sales or revenues), so too are some public-
sector utility managers. Mechanisms to recover DSM program costs
and avoid lost base revenues (through forward-looking sales and reve-
nue planning and/or some type of annual true-up process) could
address these concerns. In addition, other mechanisms, such as incen-
tives for utility managers (similar to the Wisconsin Electric incentive
described in Chapter 11) may be appropriate. This issue merits further
research and perhaps some creative solutions.

Incentives for Other Least-Cost Resources

If regulation should be reformed to truly make a utility’s least-cost plan
its most profitable resource plan, then it is appropriate to examine the
economic incentives and disincentives affecting the selection of all
resources (both demand and supply) that could be part of the least-cost
mix. Conceptually, there is a small gap between incentives for DSM
and incentives for other resources that entail unfamiliar risks or do not
ordinarily contribute to utility profitability.

Virtually all of the recent incentive activity, however, has been
focused exclusively on DSM. One exception was a 1990 proposal by
Central Maine Power (CMP) to receive a Shared Savings incentive not
just on DSM but also on purchased power contracts, the costs of which
are ordinarily passed through to ratepayers with no return to sharehold-
ers. CMP argued that the current system does not encourage aggres-
sive actions to seek out the least costly purchase options (Central
Maine Power 1990). Its proposal was eventually withdrawn in favor of
a collaboratively developed proposal for DSM incentives, so the issue
was never formally considered by the Maine public utility commis-
sion. However, CMP’s proposal could anticipate the day that incen-
tives for the acquisition of independent power, perhaps including
renewable energy resources, will appear on the regulatory agenda.
Incentives may also be applied to other operating efficiencies that util-
ities can pursue beyond the selection of new resources, such as repow-
ering decisions and improvements in the operation of the transmission
and distribution system.

How Much Incentive Is Needed?

After a utility commission decides to offer incentives, one of the next
major decisions it faces is how large to make the incentive. On the one
hand, the incentive should be large enough to motivate utility manage-
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ment to pursue the desired objectives. On the other hand, the incentive
should not be so large to provide excess profits to utilities at ratepayer
expense. While most parties to these discussions agree on these gen-
eral guidelines, a consensus has yet to emerge on how much is
“enough” without being “excessive.”

At one extreme in this debate is the view presented in Chapter 11
that no incentive is needed to promote DSM because the current sys-
tem provides sufficient incentive. This view is grounded in historical
data suggesting that on balance, shareholders of fast-growing utilities
have fared worse than shareholders of slow-growing utilities. The
authors claim that investors recognize this phenomenon and therefore
do not expect incentives for DSM that can curb fast growth and the
attendant financial problems.

However, the view that no incentives are needed is predicated on
a regulatory environment similar to the one in Wisconsin which
includes such features as a forward-looking test year, annual rate
cases, proactive commission involvement in strategic decisions, and
the use of employee incentives for DSM and competition-like mecha-
nisms that reward good performance. Where these features are not
adopted, even the authors of Chapter 11 would probably agree that
decoupling and incentive mechanisms may be necessary.

At the other extreme of this debate is the argument being discussed
within some utilities that incentive amounts should be pegged to the
“opportunity cost” of choosing DSM in lieu of generation investments.
By choosing DSM, the utility may be foregoing an opportunity to add
to its rate base and thus increase earnings. Even if the DSM is rate-
based, the size of the DSM investment would be less than the foregone
supply-side investment, so DSM’s potential contribution to earnings
would be less. For example, if we roughly estimate that the average
DSM measure costs half as much as its supply-side equivalent, accord-
ing to the oppottunity cost argument, the return on the DSM investment
would have to be double the return on the supply-side investment for the
utility to be financially indifferent to the two choices.

Most parties to this debate espouse a view between these two
extremes, which still allows for a large range of positions. An illustra-
tion of the range that is now being debated is provided in Table 12-1
(Chapter 12) which shows that annual incentives now being earned by
utilities range from a low of 0.03% to a high of 0.94% of gross reve-
nues. In coming years, utility commissions are likely to devote
increasing attention to the question of “how much is enough?” Exten-
sive debate and research are likely on this issue before a consensus
begins to emerge.
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Rate Impacts

In some states, large industrial customers have expressed concerns
about how DSM programs affect electric rates (ELCON 1990). Rates
can increase because DSM program costs must be recouped and
because DSM programs reduce sales, leaving fewer revenues from
which fixed costs can be recovered. On the other hand, DSM programs
generally reduce customer bills because consumption decreases by
more than rates increase. However, for customers who do not partici-
pate in DSM programs, consumption does not change and rate
increases mean bill increases. Rate increases due to DSM are modest,
in the range of 0.5% to 3.0% (Hirst 1991). But if a large industrial
customer does not participate in DSM programs, such rate increases
can raise annual bills by hundreds of thousands of dollars.

DSM incentives enter into the picture in two ways. First, incen-
tives raise DSM costs and hence increase rate impacts. These effects
are likely to be modest. For example, if a utility’s DSM programs raise
rates by 2% and an incentive equal to 10% of program costs is earned,
rates will increase by only an additional 0.2%. Secondly and more
importantly, incentives can encourage utilities to increase DSM spend-
ing, which in turn adds to rate impacts. Thus, if a utility doubles DSM
expenditures, rates will tend to increase proportionately. Alternatively,
increased spending will often result in increased customer participa-
tion in DSM programs, leaving fewer nonparticipants who will see
their bills increase.To the extent that large industrial customers have
opposed DSM programs on rate impact grounds, the debate has spilled
over into proceedings on regulatory incentives. In order to contain the
problem, it may be necessary for utilities to provide expanded DSM
program offerings targeted specifically at the needs of industrial cus-
tomers and to experiment with DSM programs in which participating
customers pay the full cost of the programs (as described in Chapter
9).

The Effectiveness of DSM Incentives

The final and perhaps most important issue is a simple one: do DSM
incentives work and which approaches work best in which situations?
Given the multitude of factors affecting utility behavior and perfor-
mance, isolating the effects of incentives is extremely difficult. Several
years’ worth of data may be needed before clear conclusions can be
drawn. In the meantime, debates on the merits of incentives will
undoubtedly continue. Questions that will be asked include:
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* How large must incentives be to motivate aggressive DSM perfor-
mance? How much is enough?

» Should incentives reward average levels of DSM performance or
only exceptional performance?

e If incentives work now, will they continue to be effective, or will
they lose their power as the novelty wears off?

» Should bonuses be phased out as utilities become more familiar with

- DSM? After incentives have “jump-started” utility DSM programs,
should they be removed because utilities should be carrying out these
programs as part of their obligation to serve, without the need for
“bribes?” Should some aspects of incentive mechanisms, such as
decoupling or lost revenue recovery, become permanent features of
regulation?

The development of regulatory incentives for demand-side man-
agement is in its infancy as a concept that appears to have caught the
attention of the public utility commissions of the United States. Even
though we have had almost a decade of experience with ERAM in Cal-
ifornia, it is only in the last two to three years that we have witnessed
the shared-savings and bonus mechanisms that have captured the
hearts and minds of utility executives and regulators nationwide. No
doubt the information provided in this book will need revising in a few
years by virtue of the many surprises ahead as we all learn from the
practical implementation of what heretofore has been abstract theory.

There is, however, one fact that is impossible to deny: the world
of utility regulation has fundamentally changed, and there is no going
back. For years government exhorted and cajoled utilities to undertake
measures to increase energy efficiency in their customers’ facilities
with only limited success. Now utilities are designing and implement-
ing programs that are enthusiastic, aggressive and imaginative efforts
to accomplish that very goal. Clearly, the regulatory incentives that
allow utilities to recover their costs and earn a profit through DSM
have had an impact.
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Maryland, recent DSM incentive
developments (table), 33
Massachusetts
collaborative evaluation approach,
197
commission’s DSM program
encouragement, 240
DSM ratebasing decision, 83
NEES DSM program, 27-28
recent DSM incentive develop-
ments (table), 33
See also Boston Edison; Com-
monwealth Electric; Eastern
Utilities Associates; Massa-
chusetts Electric; Western
Massachusetts Electric
Company
Massachusetts Electric (ME), 101n
measured savings shortfalls, 242



recent DSM developments, 33
summary information on DSM
incentives (table), 231
maximizing incentives, including in
shared-savings programs,
102, 104, 114n
ME. See Massachusetts Electric
(ME)
measure funding limit (PacifiCorp
Energy Service Program),
171
MetEd. See Metropolitan Edison
(MetEd)
metering, 192
analysis (example), 193-94
Metropolitan Edison (MetEd)
DSM activity ratios (table), 237
summary information on non-
incentive DSM mechanisms
(table), 233
MG&E (Madison Gas and Electric
Company), competition
incentive, 213-14
Michigan, recent DSM incentive
developments (table), 34. See
also Consumers Power;
Detroit Edison
Michigan Public Service Commis-
sion, DSM authorizations for
Consumers Power, 249
minimum performance requirements
for utility companies, 187—
88
Minnesota, recent DSM incentive
developments (table), 34
Model Conservation Standards
estimates of effects, 195
table, 196
Montana, statute on DSM bonus
returns, 85
Moran, Ellen K., 274
on utility energy services pro-
grams, 163—83
Moskovitz, David, 275
on bill indexing, 141-61
on engineering estimates, 191
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on fuel revenue accounting, 9
on regulation, LCP, and DSM,
24-25
on regulatory reform for DSM, 1-
18
on RPC decoupling, 63-76
MPUC. See Maine Public Utilities
Commission (MPUC)
multi-staged filings, 130

Nadel, Steven M., 271
on DSM incentive mechanisms,
255-69
preliminary evaluation of DSM
incentives, 229-51
Narragansett Electric (NE)
recent DSM developments, 35
shared-savings and overall DSM
program performance, 117—
21
table, 118
shared-savings programs
cost determination, 107-8
features (table), 103
incentives calculation, 104,

105, 113

maximizing incentive, 102,
104, 114n

performance thresholds, 104n,
111, 116

profitability, 119-20
summary information on DSM

incentives (table), 231

NARUC (National Association of
Regulatory Utility Commis-
sioners), resolution on regu-
latory reform, 67

NARUC Energy Conservation Com-
mittee, resolution on DSM
and LCP, 25

National Association of Regulatory
Utility Commissioners
(NARUCQ), resolution on reg-
ulatory reform, 6—7

National Energy Strategy, on energy
efficient investment, 2
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Natural Resources Defense Council
(NRDC)
and the California collaborative,
29
opposition to elimination of
ERAM, 48
NE. See Narragansett Electric (NE)
NEES. See New England Electric
System (NEES)
net benefits. See net savings
net resource value, formula for cal-
culating, 100, 133
net revenue losses, OPUC on, 178
net savings, 190
estimating, 194
table, 195
Nevada, recent DSM incentive

developments (table), 34. See

also Nevada Power; Sierra
Pacific
Nevada Power (NevPwr)
DSM activity ratios (table), 237
summary information on non-
incentive DSM mechanisms
(table), 233
NevPwr. See Nevada Power
(NevPwr)
New England
advantages of DSM resources,
240-41
current utility investments in
DSM programs, 2-3
impact of incentives on DSM
activity, 238-41
chart, 240
NEES DSM programs, 27-28
reports on bonus returns, 241-42
utility commissions’ DSM pro-
gram encouragement, 240
See also New England Electric

System; United Illuminating;

Western Massachusetts
Electric

New England Electric System
(NEES)

calculating earnings from shared-

savings mechanisms, 100,
100n, 102, 104
DSM activity ratios (table), 236
on DSM and risk, 221
DSM program eligibility for
shared-savings incentives,
113
table, 103
DSM program evaluation efforts,
106, 106n
DSM program performance, 119
criteria for, 110-11, 110n
table, 118
evaluation
commitments to, 200
iterative approach, 198
extensive DSM efforts, 241, 241n
impact of incentives on attitude
toward DSM, 241
multi-state DSM programs, 27-28
RPC decoupling success, 67
summary information on DSM
incentives (table), 231
technique for calculating energy
savings, 239n
wholesale subsidiary’s revenue
adjustment mechanism, 115
See also Granite State Electric;
Massachusetts Electric; Nar-
ragansett Electric

New England Power, revenue adjust-

ment mechanism, 115

New Hampshire

NEES DSM program, 27-28

recent DSM incentive develop-
ments (table), 34

See also Granite State Electric

New Jersey

decline in DSM activity, 242n

impact of incentives on DSM
activity, chart, 243

recent DSM incentive develop-
ments (table), 34

See also Jersey Central Power and
Light; Public Service Electric
and Gas



New York Public Service
Commission
opinion on ratemaking and DSM,
26, 125-26
penalties for subpar performance,
244
New York State
adoption of RDMs, 52
energy efficiency goal, 133
evaluation approach, 198
impact of incentives on DSM
activity, 242
chart, 243
incentive mechanisms in effect,
243
increase in DSM activity, 242—-43
industrial customer opposition to
RDMs, 51, 52
lost revenue recovery, 26, 26n
multi-staged filings, 130
O&R incentive revision, 30-31
O&R/NIMO decision, 26-27
recent DSM incentive develop-
ments (table), 34
shareholder earning caps, 112-13
See also Central Hudson; Consoli-
dated Edison; Long Island
Lighting Company; New
York State Electric and Gas;
Niagara Mohawk Power Cor-
poration; Orange and Rock-
land Utilities; Rochester Gas
and Electric Company
New York State Electric and Gas
(NYSEG)
DSM activity ratios (table), 236
summary information on DSM
incentives (table), 232
Newman, Paul, 275
on DSM incentives as unneces-
sary, 203-26
Newport Electric, recent DSM
developments, 35
Niagara Mohawk Power Corporation
(NMPC)
bill indexing results, 15659
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table, 158
DSM activity ratios (table), 236
O&R/NIMO decision, 2627
recent DSM developments, 34
simulated annealing technique,
142n, 157
summary information on DSM
incentives (table), 232
NIMO/O&R decision. See O&R/
NIMO (Orange and Rock-
land/Niagara Mohawk)
decision
NMPC. See Niagara Mohawk Power
Corporation (NMPC)
nonprogram savings, 190
nonutility generators (NUGs), in
California, 51
North Carolina, recent DSM incen-
tive developments (table), 34
Northern States Power (Minnesota),
recent DSM developments,
34
NRDC. See Natural Resources
Defense Council (NRDC)
NUGs (nonutility generators), in
California, 51
NYSEG. See New York State Elec-
tric and Gas (NYSEG)

O&R. See Orange and Rockland
- Utilities (O&R)
O&R/NIMO (Orange and Rockland/
Niagara Mohawk) decision,
26-27
Ohio, recent DSM incentive devel-
opments (table), 35
operation and maintenance (O&M)
expenses, cost attrition
adjustments for, 130-31
operational attrition, 45
OPUC. See Oregon Public Utilities
Commission (OPUC)
Orange and Rockland Utilities
(O&R)
on alternative ratemaking models,
12628
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concerns about existing ratemak-
ing practices, 126

DSM activity ratios (table), 236

flexibility of DSM programs, 30—
31

O&R incentive revision, 30-31,
34

O&R/NIMO decision, 26-27

peak load reduction and energy
efficiency goals (table), 134

ratemaking goals, 12829

RDM proposal, 129

summary information on DSM
incentives (table), 232

views on ERAM, 127-28

See also RDM Plus (revenue-
decoupling-plus-incentives
mechanism)

Orange and Rockland/Niagara
Mohawk (O&R/NIMO)
decision, 26-27

Oregon

bonus formulas, 27

DSM loan ratebasing, 82

measured savings practices, 247

recent DSM incentive develop-
ments (table), 35

See also Pacific Power and Light
Company; Portland General
Electric

Oregon Public Utilities Commission

(OPUC)

confusion regarding ESC, 177-78

on the PacifiCorp Energy Services
Program, 177

on the treatment of net revenue
losses, 178

Pacific Gas and Electric Company

(PG&E)

alleged cream skimming, 246

argument for retaining ERAM, 50

DSM activity ratios (table), 236

DSM program eligibility for
shared-savings incentives,
113-14, 120n

table, 114
DSM program evaluation efforts,
106
ERAM proposal, 23, 46—-47
performance thresholds (table),
111
revenue, sales, and customer
totals (table), 102
shared-savings and overall DSM
program performance, 117-
21
table, 118
shared-savings programs, 32
cost and incentive determina-
tion, 107-8, 122, 247
features (table), 103
profitability, 119-20, 120n
summary information on DSM
incentives (table), 231
Pacific Northwest, current utility
investments in DSM pro-
grams, 2-3
Pacific Northwest Electric Power
Planning and Conservation
Act of 1990, 171
Pacific Power and Light Company
(PP&L)
authorized incentives, 244n
DSM activity ratios (table), 237
elimination of ERAM, 51-52,
52n, 179
energy services proposal, 33, 35
low-flow showerhead metering
experiment, 192
ratebased weatherization pro-
grams, 82
summary information on non-
incentive DSM mechanisms
(table), 233
See also PacifiCorp Electric Oper-
ations (PacifiCorp) Energy
Services Program
PacifiCorp Electric Operations
(PacifiCorp) Energy Services
Program, 170-74
administrative complexity, 182



in California
accounting treatment for DSM
program expenditures, 179
first year incentive, 179
three-tiered DSM cost recovery
approach, 179
in Oregon
availability of 100% financing,
173
conservation adder, 171
cost-effectiveness calculation
(measure funding limit), 171
energy conservation measures,
171
energy service charge, 171-73,
174-75, 178-79
energy services contract protec-
tion measures, 181
general accounting treatment
for conservation-related
expenses, 178
proposed assessment, 173
sharing of program benefits,
172-73
previous DSM programs, 170-71
See also energy services programs
PAP&L.. See Pennsylvania Power
and Light (PAP&L)
participation, as a measure of pro-
gram performance, 110
penalties for subpar performance
in California, 29-30, 110
in New York, 244
Pennsylvania
decline in DSM activity, 242n
impact of incentives on DSM
activity, chart, 243
recent DSM incentive develop-
ments (table), 35
See also Metropolitan Edison;
Pennsylvania Power and
Light
Pennsylvania Power and Light
(PAP&L)
DSM activity ratios (table), 237
summary information on non-
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incentive DSM mechanisms
(table), 233
PEPCOQ. See Potomac Electric Power
Company (PEPCO)
performance (of DSM programs)
basing bonus returns on, 23-24,
85
and measurement, 259
mechanisms rewarding, 258
need for detailed information on,
189
the RDM Plus DSM performance
matrix, 134-36
table, 135
See also bonus returns
performance requirements for utility
companies, minimum, 187
88
performance thresholds, 104n, 109—
11, 116
performance-based earnings adders,
114
perverse incentives, of engineering
estimates, 191-92
PG&E. See Pacific Gas and Electric
Company (PG&E)
PGE. See Portland General Electric
(PGE)
Portland General Electric (PGE)
bonus formulas, 27
DSM activity ratios (table), 236
impact of the DSM incentive, 246
increased residential avoided cost
value, 247-48
recent DSM developments, 35
summary information on DSM
incentives (table), 231
positive incentives for DSM
programs
basic characteristics, 132
caps, 258
factors determining, 258
mechanisms providing, 257-58
need for, 11, 183, 257
presumptions regarding, 215--24,
229
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RPC effects, 7071
thresholds, 258
See also bonus returns; shared-
savings incentives
positive reinforcement, and DSM
incentives, 222-24
Potomac Electric Power Company
(PEPCO)
recent DSM developments, 32, 33
RPC decoupling success, 67
power
marginal cost to utility compa-
nies, 5
purchased power clauses, 6
PP&L. See Pacific Power and Light
Company (PP&L)
preliminary evaluation of DSM
incentives, 229-51
approach, 230-34
comparisons of incentive mecha-
nisms, 238
conclusions, 250-51
effects of amounts on DSM activ-
ity, 238
effects on DSM activity, chart,
239
median increases in DSM activity,
235
exceptions to the pattern, 238
net savings calculations, 234
overall analysis, 23538
pre- and post-incentive year deter-
mination, 233n-34n
rank-sum statistical test, 235-38
ratios calculated, 233-34
ratios reported, 235
and compared, 235, 238
table, 236-37
regional analysis, 23850
of Colorado utilities, 249
of Michigan utilities, 249-50
of New England utilities, 238—
42
of New York State utilities,
242-44
of west coast utilities, 244-48
of Wisconsin utilities, 248—-49

summary information for control
group utilities (table), 233
summary information for utilities
receiving incentives (table),
231-32
price signals, and ratebasing DSM
expenditures, 81
prices. See energy prices
prior authorization, the right of, 225
process evaluations, 189-90
profits, decoupling from sales. See
decoupling (profits from
sales)
Profits and Progress Through Least-
Cost Planning (Moskovitz),
64
program evaluations. See evalua-
tion(s) (of DSM programs)
prudence reviews, and ERAM, 55
PSCO. See Public Service of Colo-
rado (PSCO)
PSE&G. See Public Service Electric
and Gas (PSE&G)
Public Service Electric and Gas
(PSE&G)
DSM activity ratios (table), 237
summary information on non-
incentive DSM mechanisms
(table), 233
Public Service of Colorado (PSCO)
DSM activity ratios (table), 236
DSM programs, 32
impact of DSM incentive, 249
RPC decoupling success, 67
summary information on DSM
incentives (table), 231
Public Utility Regulatory Policies
Act, adding DSM incentives,
265
Puget Power. See Puget Sound Power
and Light Company (Puget
Power)
Puget Sound Power and Light Com-
pany (Puget Power)
development of RPC, 64-68
evaluation plan, 200
impacts of RPC, 73-75



ratebased DSM budget, 22, 83, 86

recent DSM developments, 35

RPC decoupling success, 67

regression analyses, 65-66, 67

stock price increases, 73—74

Value Line Investment Survey on,
74

See also RPC (revenue-per-
customer decoupling
mechanism)

purchased power clauses

and DSM cost recovery, 11

RPC decoupling and, 65, 65n

and utility profitability, 6

R? value, 66n
rank-sum statistical test, 235, 238
Rappaport, Alfred, on firm size and
executive compensation, 222
rate base, 79
and DSM investment, 81, 93, 94
rate base investment, cost attrition
adjustments for, 131
rate relief. See annual rate relief
rate-of-return bonuses. See bonus
returns
ratebasing. See ratebasing DSM
expenditures
ratebasing DSM expenditures, 9, 22,
63-76, 79—-80, 79-96, 263
allowed rate of return, 84—85
amortization periods, 8586
attributes (table), 262
balance sheet risks, 92-93
benefits, 93
and competitiveness, 92, 93
cost recovery risks, 91-92
as a cost-recovery mechanism,
94-95
description, 80
as a DSM incentive mechanism,
95-96
and DSM status, 93
eligible expenditures, 8284
equity, 82
expansive, 83-84
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or expensing DSM expenditures,
86-90
tables, 87, 88, 89
financial incentives, 81
“leveling the playing field,” 81
and price signals, 81
and the rate base, 81, 93, 94
and rate stability, 82, 93
and ratepayers’ discount rates,
89-90
reasons for, 80—82
and revenue requirements, 86—90
tables, 87, 88, 89
risks, 91-93
and utility cash flow, 90-91
See also bonus returns
ratemaking
alternative models, 12628
in California, 44—46, 51, 56
and incentives, ix, 3—6
and utility profitability, 4—5
See also future-test-year (FTY)
ratemaking; historic-test-year
(HTY) ratemaking; regula-
tion; regulatory reform(s)
ratepayers’ discount rates. See dis-
count rates (ratepayers’)
rates. See average rates; relative rate
increases
RDM Plus (revenue-decoupling-
plus-incentives mechanism),
125-39
benefits and applicability, 13839
broad-based objectives, 132
complete concept, 129, 130
comprehensive nature, 138
cost attrition adjustments, 130-32
customer service incentive, 137—
38
development, 128-32
DSM incentive
goals, 133
performance matrix structure,
134-36
reward/penalty range, 133
strengths and possible improve-
ments, 137
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DSM programs, 133-34
determining impacts, 136
implications for DSM, 136-37

net resource savings (definition),
133
positive incentives, 132
savings determination strategy,
136
treatment of revenues, 129-30
RDMs (revenue decoupling mecha-
nisms), 257
in the natural gas industry, 46,
46n
for O&R, 30-31
opposition to, 51, 52
outside California, 52
See also ERAM; RDM Plus;
RPC
reconciliations. See full reconcilia-
tions; volumetric
reconciliations
reform. See regulatory reform(s)
regression analyses, 66n
for Central Maine Power (table),
67
for Puget Power, 65-66, 67
regulation
and changing environments, 91-

conventional, 1, 3
and DSM, 24-25
fundamental change in, 269
guidelines in, 13-14
making the traditional approach
work for DSM, 225, 226
the right of prior authorization,
225
risks of nontraditional methods,
98
test of reason, 65
wise and unsound, ix
See also ratemaking; regulatory
incentives; regulatory instru-
ments; regulatory reform(s)
regulatory commissions. See state
regulatory commissions
regulatory incentives, ix, 187

aligning with LCP, 8-9
benefitting shareholders, 24
development of, 269
for DSM programs, vii
the fundamental problem with, x,
3
as impediments to energy effi-
ciency investment, 3—6
proper rewards, 127
for publicly owned utilities, 265—
66
See also disincentives for DSM
programs; DSM incentives;
perverse incentives; positive
incentives for DSM pro-
grams; shared-savings
incentives
Regulatory Incentives for Demand-
Side Management, overview,
vii~viii, 18
regulatory instruments, and utility
profitability, 5-6
regulatory philosophy, importance
of, 206, 225
regulatory reform(s)
criteria for evaluating, 7—8
current status, xi, 21
and DSM programs, 7
and energy efficiency, 1
NARUC on, 6-7
See also decoupling (profits from
sales); DSM programs
Reid, Michael, 271
on the evolution of DSM incentive
programs, 21-36
on ratebasing DSM expenditures,
79-96
relative rate increases
in Wisconsin and other midwest
states (chart), 209
in Wisconsin and similar fuel mix
states (chart), 210
resource costs, 65
return on equity (ROE) adjustments,
30

attributes (table), 262
revenue adjustment mechanisms. See



RDMs (revenue decoupling
mechanisms)
revenue decoupling mechanisms.
See RDMs (revenue decou-
pling mechanisms)
revenue growth. See base revenue
growth
revenue-per-customer decoupling.
See RPC (revenue-per-
customer decoupling
mechanism)
revenues, treatment in RDM Plus,
129-30
revised residential end-use forecast
(WEPCO), 212
reward/penalty mechanisms, 33
as decoupling measures, 10
the RDM Plus DSM performance
matrix, 134-36
table, 135
See also penalties
Rhode Island
NEES DSM program, 27-28
recent DSM incentive develop-
ments (table), 35
See also Eastern Ultilities Associ-
ates; Narragansett Electric
risk redistribution
collaborative process agreements,
117
under ERAM, 55
under RPC, 72-73
and utility cost of capital, 73
Rochester Gas and Electric
Company
DSM activity ratios (table), 236
summary information on DSM
incentives (table), 232
ROE (return on equity) adjustments,
30, 258, 263
ROR. See allowed rate of return
(ROR)
Rosen, Richard, 275
on bill indexing, 141-61
Rowe, John, on NEES DSM suc-
cess, 28
RPC (revenue-per-customer decou-
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pling mechanism), 9, 6376,
263
allowed revenue, 70
applicability, 64
assessment, 75-76
attributes (table), 262
calculating, 68
class-specific, 71
compared to ERAM, 69--71
conclusions of studies, 67
customer size and mix considera-
tions, 71-72
description, 64—65
development at Puget Power, 64—
68
and DSM disincentives, 70
and DSM investment at Puget
Power, 73
table, 74
and DSM savings at Puget Power,
73
table, 75
fine tuning, 68-69
gaming safeguards, 72
impacts on Puget Power, 73—-75
incentive to attract new cus-
tomers, 72
and investor response to Puget
Power, 73-74
table, 76
mechanics, 68
positive DSM incentive effects,
70-71
potential problems, 71-73
and purchased power clauses, 65,
65n
and risk redistribution, 7273

sales
and corporate culture, 222
decoupling profits from. See
decoupling (profits from
sales)
and managers’ salaries, 222
See also growth
San Diego Gas and Electric Com-
pany (SDG&E)
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DSM activity ratios (table), 236
DSM incentive success, 246
DSM program eligibility for
shared-savings incentives,
113-14, 120n
DSM program evaluation efforts,
106
employee incentive, 247
revenue, sales, and customer
totals (table), 102
shared-savings and overall DSM
program performance, 117-
21
shared-savings programs, 32
cost and incentive determina-
tion, 107-8, 247
and cost control, 247, 247n
features (table), 103
profitability, 119-20
summary information on DSM
incentives (table), 231
SCE. See Southern California Edi-
son (SCE)
SCG. See Southern California Gas
(8CG)
Schlien, Milton, on growth and
earnings at Delmarpa Power,
220
Schoengold, David, 275
on DSM incentives as unneces-
sary, 203-26
Schultz, Donald, 275
on shared savings programs, 97—
122
SDG&E. See San Diego Gas and
Electric Company (SDG&E)
shared-savings agreements, 99
shared-savings incentives
basing on utility or total resource
costs, 107-8, 247
as components of DSM programs,
118-19
failures, 215
including maximizing incentives
with, 102, 104, 114n
and program cost control, 247
program eligibility for, 113-14

on purchased power contracts,
266 ‘
recovering, 109
typical, 104
See also bonus returns
shared-savings mechanisms, 258,
263
attributes (table), 262
basic idea, 97
designing with bill indexes, 145
encouragement of large customer
programs, 241-42, 243, 250
evaluation ratios, 117-18
and future year estimates, 106n
popularity, 193
See also shared-savings programs
shared-savings programs, 26-27,
97-122, 259-60
avoided cost measurements, 106—
7
collaborative design of, 11617
comparisons among, 115-16
complexity of, 250
costs
definitions, 100, 100n
measuring, 1078
recovering, 108
to society, 120-21, 120n
and differences among utilities,
101-2
earnings (benefits)
calculating, 97-98, 100, 100n,
187
chart, 189
utilities’ shares, 100, 100n,
102, 104, 189, 194-95
evaluations in progress, 106
as experiments, 100-101
features, 101, 102
table, 103
load reductions measurement,
104-6
and lost revenues, 11415
origin of, 99
performance in California and
New England, 117-21
table, 118



performance thresholds, 104n,
109-11, 116
performance-based rewards, 100,
114
profitability, 119-20, 119n
proportion of all DSM activities,
119, 119n
the regulator as arbiter, 99
risks of, 98, 106
shareholder earning caps, 112-13,
244
spending caps, 112
summary, 121-22
utilities’ earnings from, 115
See also Granite State Electric;
Narragansett Electric; Pacific
Gas and Electric Company;
San Diego Gas and Electric
Company; shared-savings
incentives; shared-savings
mechanisms
shareholder earning caps in shared-
savings DSM programs,
112-13
shareholder incentives. See bonus
returns
Sierra Pacific (SP)
DSM activity ratios (table), 237
increase in DSM activity, 245n
summary information on non-
incentive DSM mechanisms
(table), 233
simulated annealing technique,
142n, 157
Southern California Edison (SCE)
DSM activity ratios (table), 236
ratebased DSM program, 32, 83—
84
summary information on DSM
incentives (table), 231
Southern California Gas (SCG),
recent DSM developments,
32
SP. See Sierra Pacific (SP)
spending caps on shared-savings
DSM programs, 112-13
state regulatory commissions
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decision-making responsibility,
209-11

and DSM incentives, 203

on LCP, 2

proactive involvement of, 209
11, 225, 242

regulatory philosophy and, 206,
225

Sterzinger, George, on developing
DSM programs, 226
stock betas, 206n
stock prices (of utilities)
increases at Puget Power, 73—74
versus construction expenditures
(chart), 220
Wall Street’s perspective, 219-21
supply and demand-side options
for customers (tables), 167, 168
for utility companies (tables),
165, 167, 168
Swofford, Gary B., 276
on RPC decoupling, 63-76

T&D (transmission and distribution)
costs, including in avoided
cost measurements, 107

tariffed rates in California, 45, 51

tax incentives (of the early 1970s),
and utility energy conserva-
tion, x

test of reason, 65

Tonn, B., estimates of Model Con-
servation Standards effects,
195

total resource cost, customer bills as
a measure of, 147-48

total resource cost test (TRC), 146

conflicts with energy services pro-

grams, 176-77

total savings, definition, 190

transmission and distribution (T&D)
costs, including in avoided
cost measurements, 107

UI. See United Illuminating (UI)
uneconomic bypass, efforts in pre-
venting, 47, 54
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United [lluminating (UT)
DSM activity ratios (table), 236
extensive DSM efforts, 241, 241n
impact of incentives on attitude
toward DSM, 241
recent DSM developments, 32
small DSM incentive, 241
summary information on DSM
incentives (table), 231
United States
current utility investments in
DSM programs, vii, 2-3
energy efficiency, 1-2
federal energy policy, xi
recent DSM incentive develop-
ments (table), 32-36
utility companies
aligning financial incentives with
LCP, 8-9
annual returns to stockholders
(chart), 217
annual sales growth for slow- and
fast-growing utilities (chart),
218
annual sales growth rates (chart),
216
annual total returns for slow- and
fast-growing utilities (chart),
219
calculating earnings from shared-
savings mechanisms, 100,
100n, 102, 104, 194-95
table, 195
common view of DSM, 215
comparison of (table), 102
current investments in DSM pro-
grams, vii, 2-3
customer bills as a measure of
performance, 147-48
decoupling profits from sales, 9—
10
determining accountability in bill
indexing, 143, 144
and the development of DSM,
163
DSM ratebasing and cash flow,
90-91

electric utility stocks versus gas
utility stocks, 217-18
financial health under ERAM,
54-55
and growth
impact on returns, 215-19, 223
Wall Street’s perspective, 219~
21
the impact of investment returns
on market value, 205-6,
206n
incentives to maximize sales, 3—4
mimimum performance require-
ments, 187—-88
minimizing prices and/or revenue
requirements, 146
ratemaking and profitability, 4-5
selecting benchmark groups for
bill indexing, 142
selecting customer control groups
for bill indexing, 144
shared-savings program earnings,
115
supply and demand-side options
(tables), 165, 167, 168
supply options as a source of
earnings, 222-23
traditional investment focus, ix—x,
3
See also cost of capital; stock
prices; utility managers; and
individual utility companies
utility customers. See customers
utility managers
confusion over DSM risks, 221
preoccupation with sales, 221-22
primary salary determinants, 222

Value Line Investment Survey
on Delmarva Power, 220
on Puget Power, 74
Vermont, recent DSM incentive
developments (table), 35
Vermont Public Service Board, on
DSM and risk, 221
Virginia, recent DSM incentive
developments (table), 35



volumetric reconciliations, for O&M
cost attrition adjustments,
131

Walmet, Gunnar E., vii-viii
Washington State
base revenue growth calculation,
69
decoupling implementation, 31
DSM incentives legislation, 21-22
early DSM program, 9, 21-22
recent DSM incentive develop-
ments (table), 35
statute on DSM bonus returns, 84
See also Puget Sound Power and
Light Company
weatherization programs, 82, 84
WEPCO. See Wisconsin Electric
Power Company (WEPCOQ)
Western Massachusetts Electric
Company (WMECO)
impact of incentives on attitude
toward DSM, 241
recent DSM developments, 33
summary information on DSM
incentives (table), 231
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